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ABSTRACT 

 
Although hydraulic fracturing fluid is typically fresh water, in shale gas reservoirs, 

produced water or flowback, is often very saline. This observation suggests that flowback water 

is gaining salt from the formation. It is not currently known whether the recovered salt comes 

from dissolution of mineral salts, or interaction between bound water and frac fluid. In the 

absence of flowback water data,  spontaneous imbibition experiments, can provide insight into 

the physics that governs the principal controls on flowback water salinity. This is the primary 

objective of this research.   In addition, imbibition experiments can be related to clay mineral 

content (brittleness), total porosity, the relative volume of mineral hosted (water wet) and 

organic matter hosted (hydrocarbon wet) pore systems, and the in-situ pore fluid salinity. We 

propose to show that through the use of a novel multidisciplinary experimental approach the 

origin of high salinity flow back waters in shale reservoirs can be understood. Dual spontaneous 

imbibition (water and oil), ion expulsion experiments and sample characterization are combined 

to develop rock properties models. These techniques provide insight into effective characteristic 

time to reach equilibrium in salinity and imbibed volume, anticipated magnitude of flowback 

salinity, total porosity and clay mineral content for shale reservoirs. Experimental and modelling 

results suggest that the summation of the equivalent NaCl in the fluid due to anhydrite (salt 

dissolution) plus the equivalent NaCl due to the  presence of clay minerals, result in the high 

salinity water associated with the Haynesville, Bossier and the La Luna Formations. Cation 

exchange capacity and salt volumes from geochemical analysis of equilibrated fluids obtained 

from imbibition experiments, might be used as a proxy to predict flowback salinity. Imbibition 

experiment provides a promising technique for estimating organic porosities in gas shale 

reservoirs and it could provide a basis for a possible GRI total porosity measurement correction, 

particularly in high carbonate content rocks.   
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CHAPTER 1. INTRODUCTION 

 

Unconventional reservoirs are defined as having permeability/viscosity ratios that require 

the use of technology to alter either the rock permeability or the fluid viscosity in order to 

produce reservoir fluids. This definition accommodates tight gas, tight oil, shale gas, shale oil, 

and heavy oil reservoirs, among others. Tight oil and gas reservoirs are emerging as an important 

source of energy supply in the United States (U.S) and Canada (Franz and Jochen, 2005). 

Natural gas demand in the United States is expected to increase from 25 Tcf/year currently, to 

34 tcf /year by 2025 and unconventional gas sources will play a significant role in this 

production. 

 

The Energy Information Agency (EIA) estimates that known shale gas deposits worldwide 

add 50 percent to the global technically recoverable natural gas resources. In 2012, shale 

resources constituted 40 percent of U.S. natural gas production and if developed responsibly, 

this resource has the potential to catalyze the economy and reduce emissions from other 

conventional energy sources. Compared with coal, natural gas results in less carbon dioxide, 

particulates, and mercury per unit of energy produced. Conversion to natural gas could 

substantially reduce carbon emissions from electrical power generation from coal. 

 

Understanding the controls on productivity is critical to increasing the recovery factor in 

shale gas reservoirs.  The volume and salinity of the water produced after hydraulic fracturing 

may provide insights into reservoir properties and well deliverability. 

  

 Produced water from shale gas reservoirs raises several questions.  The first involves the 

high salinity of flowback water. Although hydraulic fracturing fluid is typically essentially fresh 

water, produced water, or flowback, is often very saline. It is not currently known whether the 
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recovered salt comes from residual water in the formation, from dissolution of mineral salts, or 

interaction between bound water and frac fluid. Further, if salt is produced from interaction 

between stimulation fluids and the formation, it is not known whether it is produced mainly 

from the rock matrix (e.g., interaction with clay mineral surfaces), or from minerals or fluids 

present in micro or macro fractures. 

 

The two questions this project investigates are 1) What is the origin of the salt in shale 

gas flowback water and 2) what this observation tells us about the properties of the reservoir.  

Figure 1.1 (Ghanbari 2013) shows the continuous change in salinity of flowback water for wells 

completed in the Horn River Formation in Canada. Maximum salinities between 40 and 80  

kppm are observed. However, in other Horn River wells, flowback water salinity up to 200 

kppm has been observed (Blauch, (2009); Pritz and Kirby, (2011)).  Blauch (2009), observed 

this same behavior in the Marcellus Formation and proposed possible hypotheses for the salt 

origin. These authors infer that the salt might be present as a solid phase and dissolved from the 

shale, or from possible connate water mobilization.  

 
Figure 1.1  Horn River Flowback salinity. Why is salinity increasing with time? Source: 

Ghanbari, 2013. Used with permission. 
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The high salinity of flowback water has become an active area of research, particularly 

after 2009 when the unconventional revolution started in North America.  Research has been 

linked primarily to improved hydraulic fracturing operations and the understanding of complex 

reservoir properties such as the presence of natural fractures and matrix permeability. Figure 

1.2 shows the use (frequency) of the words “Flowback High Salinity” in research papers (count 

per year) from 1985 to 2019 and the concepts that flowback salinity is most related with.  

 
Figure 1.2   Use of the words Flowback Salinity from 1985 to 2019 and top terms related with 

it. SPE Research Gate Data Base. Key Word: Flowback High Salinity. Source : 

SPE.  

 
 

Collecting flowback water at the necessary sampling rates and minimum contamination 

level to answer these questions requires time and money, and in most of the cases will not be 

possible. This was the  motivation to use spontaneous imbibition experiments as an approach to 

address questions regarding the origins of high salinity flowback water.  Combining the 

imbibition experiments with techniques to characterize the rock samples, including intact 

sample porosity measurement (Boyle’s Law), Thermal Gravimetrical Analysis (TGA), cation 

exchange capacity measurement (CEC),  pre- and post- water and oil imbibition nuclear 

Flowback High Salinity 
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magnetic resonance measurement (NMR), dual imbibition experiments, post-imbibition 

chemical analysis of supernatant fluid, X-ray diffraction (XRD) and X-ray fluorescence (XRF) 

analysis of bulk material, thin section analysis, and Scanning Electron Microscope (SEM) 

imaging and image analysis is the approach used to evaluate the controls on flowback water 

salinity, and will allow us to quantify important reservoir properties (total porosity, in situ 

salinity and clay mineral content (brittleness)).  

 

This research is divided into five chapters. Chapter I presents a shale gas reservoir overview 

and literature review. Chapter II presents the methodology, as-received sample characterization, 

sample selection, and homogenation procedures. Chapter III illustrates the sample 

characterization results, including the laboratory and imaging techniques.  

  

Chapter IV  presents a discussion of the experimental results, including the modelling of 

the petrophysical parameters and the possible origin of the high salinity. Chapter V presents 

conclusions and recommendations. 

 1.1. Hypothesis Statement 

 
In this work, we want to demonstrate that a new approach, combining oil and water 

imbibition/ ion expulsion experiments, and detailed sample and brine characterization can be 

used to quantify the properties of the stimulated rock volume (SRV) in shale gas reservoirs 

including:  

• Clay mineral content 

• Total Porosity.  

• Present-day pore fluid salinity. 

• Ion origin and location (precipitated salts, exchange cations, residual water). 
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Sample characterization includes: 

• Thermal Gravimetrical Analysis (TGA) 

• Particle Volume measurement using Boyle’s Law 

• Bulk mineralogy using X-ray diffraction (XRD) 

• Bulk chemical characterization using hand held XRF  

• Laser Particle Size Analysis (LPSA) 

• Cation exchange capacity (CEC).  

• Nuclear Magnetic Resonance (NMR) measurements pre- and post- imbibition. 

• Imaging techniques (TS, SEM). 

 

Brine characterization will include 

• Analysis of the supernatant fluid from the imbibition experiments using Inductively 

Coupled Plasma (ICP) 

1.2. Objectives 

 
The objective of this research is to develop a qualitative interpretation for the impact of  

mineralogy,  and petrophysical properties such as permeability, total porosity and wetting state 

on the results of spontaneous imbibition experiments. The process of spontaneous imbibition is 

inferred to be analogous to the process of frac fluid interaction with shale gas reservoirs. The 

results of this experimental work will lead to an improved understanding of  the rock-fluid 

interactions that give rise to the high salinity flowback water in the Bossier, Haynesville and La 

Luna Formations.   

 1.3. Recovering Hydrocarbons from Unconventional Resources. 

 

Although some unconventional resources, such as heavy oil and oil sands, have been 

common targets in the oil and gas industry for some time now, the American oil and gas 
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revolution from unconventional resources, such as shale gas and shale oil, has occurred since 

2005. (Figure 1.3). 

 

 

 
 

Figure 1.3  The American Shale Revolution Historical and projected US oil and gas 

production. (million barrels oil equivalent per day). Source: EIA World Energy 

Outlook 2018. 

 

The shales now being targeted as reservoirs have been known for decades as the source 

rocks for many of the onshore conventional plays. Geologists have known that vast natural gas 

resources were locked in shales over much of North America. However, they have been 

categorized as hard – to - produce resources.  Figure 1.4 shows the lower 48 state shale plays in 

the United States of America. Based on the Energy Information Agency, (EIA) 2021 technical 

report,  the technically recoverable U.S. dry gas resources from these plays is 2359.8 Tcf/year.  
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Figure 1.4  The Lower 48 states shale plays. Source: EIA World Energy Outlook 2011.  

 

Conventional hydrocarbon resources typically accumulate in favorable structural or 

stratigraphic traps in which the reservoir formation is porous and permeable, and an overlying 

or laterally contiguous impermeable layer prevents hydrocarbons from escaping. The EIA 

defines conventional reservoirs as crude oil and natural gas that are produced by wells drilled 

into a geologic formation in which the reservoir and fluid characteristics permit the oil and 

natural gas to readily flow to the wellbore. On the other hand, unconventional resources reside 

in tight formations that have lower reservoir quality. Therefore, it is more difficult to extract 

hydrocarbons from these formations, even though they are more abundant in the earth.  
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Figure 1.5  World resource pyramid of a) hydrocarbons and b) gas with estimated 

endowment.  Source: Aguilera 2014. 
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Unconventional resources represent a variety of geological formations, including tight 

gas sands, gas shales, heavy oil sands, coaled methane, oil shales, and gas hydrates.   The EIA 

defines them using an umbrella term for oil and natural gas that are produced by means that do 

not meet the criteria for conventional production. Figure 1.5 shows worldwide oil and gas 

resource pyramids that include general characteristics and global endowment for each resource 

(Aguilera, 2014). Endowment is defined as the summation of cumulative production, reserves, 

and undiscovered gas. 

 

1.3.1. What is a shale gas reservoir? 

 

The use of the term “shale” is an example of rather careless use of terminology.  Authors 

do not even agree on an encompassing term for the whole class of formations: shale, claystone, 

mudstone, mudrock, lutites, pelite, are some of the most general terms that have been widely 

applied and widely rejected among geoscientists who study the rocks that constitute 

approximately two-thirds of the sedimentary record on Earth (Milliken 2014).  

 

The term “shale” describes a sedimentary rock type which is a mixture of clay sized 

particles, mainly comprising clay minerals, silt sized particles, and perhaps some sand-sized 

particles, for example quartz, occasionally feldspar and calcite (Jorden & Campbell, 1984). 

Curtis (2002), defined shale gas reservoirs as fine-grained, clay and organic matter rich rocks, 

which act as both the gas source rock and the reservoir rock components of the petroleum 

system.  

 

Milliken proposed a tripartite compositional classification for sediments and 

sedimentary rocks that have grain assemblages with greater than 50 percent by weight or volume 

of particles smaller than 62.5 µm (Figure 1.6). The rock type “Tarl” (terrigenous– argillaceous 

mudrock) contains a grain assemblage dominated by more than 75 percent particles of 
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extrabasinal derivation, including grains derived from continental weathering and volcanogenic 

debris. The rock type “Carl”(calcareous–argillaceous mudrock) contains less than 75 percent 

particles of extrabasinal derivation and among its intrabasinal grains contains a preponderance 

of biogenic carbonate particles including carbonate aggregates.  The rock type “Sarl 

“(siliceous–argillaceous mudrock) contains less than 75 percent particles of extrabasinal 

derivation and contains a preponderance of biogenic siliceous particles over carbonate grains. 

These three classes of fine-grained particulate sediments and rocks effectively separate 

materials that have distinct depositional settings and systematic contrasts in organic-matter 

content, minor grain types, diagenesis, and mechanical properties. 

 

 
 

Figure 1.6 Proposed compositional classification for fine-grained sediments and 

sedimentary rocks. Source: Milliken, 2014. 

 

Shale reservoirs typically have very low permeability and porosity. A typical shale 

reservoir has a matrix permeability on the order of 1 to 100 nD and a porosity less than 10%.  
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At deposition, shale reservoirs contain variable volumes of primary organic material, or 

kerogen.  Kerogen is transformed into hydrocarbons during progressive burial and exposure to 

elevated stress and temperature conditions. Typically, the geological properties of a shale gas 

play are assessed in terms of organic geochemistry, organic richness, thickness, thermal 

maturity and mineralogy.  For successful production, high total organic carbon (TOC) content 

and thermal maturity, substantial thickness, and low clay content/high brittle mineral content 

are needed (Rezaee, 2015). A discussion of these features will appear in a later section.  

1.3.2. Why are the Shale gas reservoirs important? 

 
 

According to the EIA report (2014), by 2035, natural gas will surpass coal as the largest 

source of  United States electricity generation. The report anticipates that the share of electricity 

generated from natural gas will grow steadily so that natural gas plants will account for more 

than 70% of all new capacity.  The predicted 56% increase in total natural gas production from 

2012 to 2040 results from increased development of shale gas, tight gas, and offshore natural 

gas resources. Although the United States has led the world in unconventional gas production, 

gas and oil production from shales is of interest worldwide. Estimates for shale gas resources in 

other countries are often very uncertain because data are sparse. Several European countries are 

interested in domestic shale gas because of the high cost and political uncertainty inherent in 

importing natural gas.  There are 137 prospective shale formations in 41 countries, 345 billion 

barrels of world shale oil resources, and 7200 trillion cubic feet of gas resources based on data 

reported by the EIA in 2014.  

 

Shales in Canada, Britain, Germany, Poland, Ukraine, China, India, Australia, South 

Africa, Argentina, Brazil, and other countries are being investigated for hydrocarbon potential 

(U.S. Energy Information Agency, 2015a). The possibility of cheaper and cleaner energy has 
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prompted interest from governments around the world. China may be able to reduce its 

dependence on coal and shift to a lower carbon economy (Huang, 2014). The UK has some 

potential gas shales in England. Germany has also been tentatively investigating potential 

environmental risks of shale gas development. Argentina recently started joint-venture projects 

with multinational companies, and Mexico lifted the government’s 75-year-old monopoly on 

oil and gas production, opening some of the world’s largest shale formations for development. 

Worldwide shale gas resources are voluminous.  Thus, a better understanding of shale physical 

properties, and stimulation fluid and reservoir interaction is needed.  This understanding is key 

to improving stimulation techniques and petrophysical interpretation in shale gas reservoirs. A 

summary of global unproved, technically recoverable shale gas and oil resources is shown in 

Table 1.1 

 

Table 1.1  Global unproved technically recoverable shale gas and oil resources (tcf). Source: 

EIA 2013. 

 

 

Europe 470 North America 1685

Middle East and 

North Africa 1003

Bulgaria 17 Canada 573 Algeira 707

Denmark 32 Mexico 545 Egypt 100

France 137 USA 567 Jordan 7

Germany 17 Libya 122

Netherlands 26 Asia - Pacific 1607 Morocco 12

Poland 148 Australia 437 tunisia 23

Romani 51 China 1115 Turkey 24

Spain 8 Indonesia 46 Western Sahara 8

Sweden 10 Mongolia 4

United Kingdom 26 Thailand 5 South Africa 390

Former Soviet 

Union 415 South Asia 201

South America 

and Caribbean 1430

Russia 287 India 96 Argentina 802

Ukraine 128 Pakistan 105 Bolivia 36

Brazil 245

Chile 48

Colombia 55

Paraguay 75

Uruguay 2

Venezuela 167

TOTAL WORLD 7201

2013 EIA Wet Shale Gas / UTRR
Region and Selected Countries
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1.3.3. How can we develop these resources? 

 

The first commercial American gas well was dug by hand into a Devonian-aged shale in 

1821 by a gunsmith named William Hart along the bank of Canada Way Creek in Fredonia, 

New York (Curtis, 2002). Subsequently, hundreds of shallow shale wells were drilled in the late 

1800’s. However, after the Drake Well in 1859 in Cherry Tree Township, Pennsylvania, shale 

gas production was discouraged because of the much larger volumes produced by conventional 

reservoirs.  Between 1860 and 1930, shale gas spread westward along the southern shore of 

Lake Erie and reached northeastern Ohio. By 1926, the Devonian Shale gas field of eastern 

Kentucky and West Virginia was the largest known natural gas resource in the world. Hydraulic 

Fracturing was first used was in the 1940’s on a gas well operated by Pan American Petroleum 

Corporation in Grant county, Kansas, USA. Subsequently, larger frac designs, rigorous 

reservoir characterization, horizontal drilling, and lower cost hydraulic fracture operations led 

to the successful development of the Barnett Shale play by Mitchell Energy, changing the face 

of shale gas resources forever.  

 

1.3.3.1 Horizontal Drilling 

 

 

Until the 1970s, most oil and gas wells were vertical or slightly deviated from true 

vertical. However, drilling advances and new technologies allowed the industry to go from 

vertical to strongly deviated wells and to horizontals. Considering that reservoir rocks are 

usually horizontal or nearly horizontal, a horizontal wellbore would contact more surface area 

in the reservoir than a vertical well, resulting in a higher production rate. By using this 

technology, it was also possible to reach reservoirs several miles away from the drilling location 

or explore reservoirs where placing a drilling rig was difficult due to environmental sensitivity, 

population, or natural subsurface barriers. 

 

https://en.wikipedia.org/wiki/Petroleum_geology
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Due to the low permeability associated with most unconventional reservoirs, a 

technique was required to improve the flow capacity of those rocks. The use of horizontal 

drilling coupled with hydraulic fracturing, to create high-permeability flow paths into the shale, 

was the stimulation technique that enhanced production rates, and made hydrocarbon 

production from low permeability rocks economically feasible. 

1.3.3.2. Hydraulic Fracturing 

 

Hydraulic fracturing (HF) has become a very common and widespread technique in 

shale reservoirs in North America.  Over time, the number of fractures placed in the reservoir 

has increased, due to the increase in lateral length and fracture stages.  The well drainage area 

is confined essentially to the stimulated reservoir volume (SRV), the part of the formation 

contacted by induced fractures.  The ultimate recovery from fractured shale wells increases as 

the SRV increases (Fisher, 2004). 

 

Slickwater fracturing is the most common form of well stimulation in unconventional 

gas. The fracturing fluid is composed primarily of water and sand (> 97%). Additional chemicals 

are added to reduce friction, corrosion, bacterial-growth, and provide other benefits during the 

stimulation process.   

 

The process of hydraulic fracturing involves high pressure injection of the fracturing 

fluid into a wellbore such that the fracture gradient is exceeded, creating extensional cracks in 

the low permeability reservoir rocks. When the hydraulic pressure is removed, hydraulic 

fracture proppants (the sand injected with the frac fluid) hold the fractures open. The fracturing 

fluids (water and chemical additives) are then returned to the surface in a process called 

flowback.  

 

https://en.wikipedia.org/wiki/Hydraulic_pressure
https://en.wikipedia.org/wiki/Hydraulic_fracturing_proppants
https://en.wikipedia.org/wiki/Hydraulic_fracturing_proppants
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Shale formations are highly variable, and for this reason no single technique for 

hydraulic fracturing has universally worked. Each shale play has unique properties that need to 

be addressed through fracture treatment and fluid design. Slickwater hydraulic fracturing, which 

is used extensively in Canadian and U.S. shale basins, is suited for complex reservoirs that are 

brittle and naturally fractured and are tolerant of large volumes of water. Typically, water-based 

fluids are the simplest and most cost-effective solution to fracture these formations. 

 

Although the aqueous fluid employed in hydraulic fracturing is typically essentially fresh 

water, produced water or flowback is often very saline, suggesting that the flow-back water is 

leaching salt from the formation. If salt is produced from interaction of stimulation fluids and 

the formation, it is not known whether it is produced mainly from the rock matrix (e.g. 

interaction with clay mineral surfaces), or from micro or macro fractures. Finally, field 

observations reveal an interesting phenomenon during injected water flowback. In practice, only 

a small fraction of the injected fluid is  recovered during the clean-up phase and the mechanisms 

responsible for inefficient water recovery are still poorly understood. Water flowback data such 

as salinity and volume, can give us insight into the petrophysical properties of the formation, if 

we can document the mechanisms that play a role in the rock/fluid interactions.  

1.3.4. Shale Gas reservoir Properties. 

 

Measuring important petrophysical properties of shale gas reservoirs has proved to be 

challenging due to the low and dual porosity (inorganic and organic), clay mineral present, ultra-

low matrix permeability and complex minerology. High uncertainties in terms of storage 

assessment, hydraulic fracturing results, well gas initial rates and productivity, reflects the 

complexity of depositional environment settings, diagenesis, and fluid condition (adsorbed and 

free gas).  
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In this section, shale gas reservoir properties that influence reserves in place and reserves 

recovery will be discussed. The discussion will be divided into three principal areas :1) Organic 

Geochemistry, in which the main geological properties such as organic richness and thermal 

maturation will be examined, 2) Mineralogy and Inorganic Geochemistry, and their impact 

on shale mechanical properties  and 3) Petrophysical Properties such as porosity, permeability, 

adsorbed and free gas, cation exchange capacity, and water saturation among others will be 

widely addressed.   

1.3.4.1. Geochemistry 

 

An important factor in assessing unconventional shale reservoir quality is the content 

of organic material (OM) or kerogen.  Kerogen is defined as insoluble sedimentary organic 

matter that can generate hydrocarbons upon heating (Bissada, 1982). The term encompasses all 

the insoluble organic matter recovered from shales and other clastic sediments after they are 

treated with hydrochloric and hydrofluoric acids. The fraction extractable with organic solvents 

is called bitumen and the term kerogen does not include it (Tissot, 1978).  It should be noted 

that the remaining organic material in shale gas reservoirs comprises residual terrestrial kerogen 

(vitrinite and inertinite) and pyrobitumen.  Pyrobitumen is generated/migrated hydrocarbon 

(bitumen) that has been heated to produce gas, leaving behind solid organic material.  This is 

the phase that contains most of the organic hosted pores in shale gas reservoirs (Hathon, 2017). 

  

Examining the organic matter chemical properties and visual characteristics is critical 

to developing an understanding of how shale gas reservoirs store, retain and release natural gas 

(Lu et al., 1995, Ritter, 2003, Loucks et al., 2009, Ambrose et al., 2010).  

 

Total organic carbon (TOC) is the concentration of organic material measured in a 

sample of the formation and is expressed as the weight percent of organic carbon. A formation’s 
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TOC is a determining factor in a its ability to generate hydrocarbons.  A value of about 0.5% 

TOC by weight percent is considered a minimum or threshold for an effective source rock. For 

shale gas reservoirs, in general, values of about 2% are considered a minimum and may exceed 

10–12% (Mayal, 2017). 

 

The OM in typical source rocks is composed of four main groups of compounds: 

carbohydrates, proteins, lipids, and lignin. Carbohydrates and proteins are rapidly consumed by 

bacteria, leaving lipids and lignin as the primary compounds resistant enough to be buried in 

quantity. Lipids are generated in large quantities by marine organisms, and by parts of land 

plants, and are the source of most oil. Lignin, in contrast, is found only in land plants and can 

produce only natural gas. 

 

In the ocean, photosynthesizing marine algae are the primary producers of organic 

compounds. Primary productivity is controlled by five factors. Sunlight is essential for 

photosynthesis, and it is limited to the top 200 m of the ocean, especially the upper 60–80 m 

known as the photic zone. Turbidity is important because it can greatly decrease the penetration 

of light into the ocean. Nutrient supply in the form of phosphate and nitrate compounds is 

required for primary productivity. The supply of nutrients is greatly increased in zones of 

upwelling, such as along the equator and along the west coasts of continents. Salinity is an 

important factor that controls the diversity of marine organisms, and to a lesser extent their 

productivity, although some taxa may flourish in very salty or very fresh 

water. Temperature also controls the composition of phytoplankton communities but has a 

lesser effect on their productivity (Bissada, 2016). 

 

Shale gas reservoirs produce methane almost exclusively, although locally there can be 

lesser amounts of light hydrocarbons such as ethane, and butane, and associated non 
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hydrocarbon gases including carbon dioxide, oxygen, nitrogen, hydrogen sulfide, radon, and 

other rare gases (D. Mani, 2017). The quantity, quality, and thermal maturity of organic matter 

accounts for the gas generation capacity of shales. The higher the organic content of  the 

formation  is, the greater is the potential for hydrocarbon generation. The type or quality of 

organic matter is dependent upon the source of the organic components, and the depositional 

environment (preservation potential). Variations in these factors result in different kerogen 

types with varying capacity for oil and gas generation. 

 

As organisms die and sink to the sea floor, accumulation of their remains increases the 

organic content of the sediment. Most source rocks are deposited in deltas, marine basins, and 

in some lacustrine settings. Once organic matter is supplied to the seafloor it must withstand 

respiration by bacteria that use it as a food source. Anoxic conditions on the seafloor favor the 

preservation of organic matter, and such conditions are controlled by the amount of organic 

matter and the supply of oxygen in the water column. As the amount of organic matter increases, 

oxygen is consumed by bacteria, and if enough organic matter is supplied, oxygen will be 

depleted, and bacteria will shift to anaerobic respiration, which breaks down organic matter at 

much slower rates than aerobic respiration (Bissada, 2016). 

 

Initially, kerogen breaks down to release CO2 and H2O. At higher temperatures, organic 

matter undergoes catagenesis, in which kerogen breaks down to form oil at 100–150° C, 

followed by gas at 150–230° C. At temperatures of 150–180° C, oil is rapidly cracked to gas 

during metagenesis. At even higher temperatures and pressure, graphite is formed (Tissot, 

1978). 
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Organic rich rocks are assumed to be composed of three components: 1) the rock matrix, 

2) the solid organic matter and 3) the fluids filling the pore space. Non-source rocks are 

composed primarily of only two components: the matrix and the fluid filling the pore space. In 

immature source rocks, solid organic matter and rock matrix comprise the solid fraction and 

formation water fills the pore space. As the source rocks matures, a portion of the solid organic 

matter is transformed to liquid or gaseous hydrocarbons which move into the pore space, 

displacing the formation water. This is essentially the model described by Philippi (1968), 

Nixon (1973), and Meissner (1978), and is the same general model used by Meyer and Nederlof 

(1984), Mendelson and Toksoz (1985) and Passey (1990) (Figure 1.7). 

 

Figure 1.7  Schematic of solid and fluid components in source and non-source rocks. Source: 

Modified from Passey, 1990. 

 

1.3.4.1.1. Organic Richness 

 

The total volume of hydrocarbons that can be generated and the principal hydrocarbon 

type  (oil versus gas) depend on the composition of the parent kerogen in a petroleum source 

bed. Two broad classes of dispersed kerogens can be recognized in sediments. One end member, 

commonly referred to as sapropelic kerogen , consists of modified amorphous algal remains 

with a relatively low oxygen/carbon ratio, which yield mainly oil. The other member, commonly 
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referred to as humic kerogen, consists of land-plant derived lignitic and cellulosic constituents 

enriched in aromatic structures. Humic kerogen has a low hydrogen content and a relatively 

high oxygen/carbon ratio. Upon thermal maturation, humic kerogen yields primarily gas. A 

mixture of humic and sapropelic kerogen will yield both oil and gas (Tissot, 1978). 

1.3.4.1.2. Thermal Maturation.  

 

The degree of thermal exposure experienced by a source rock in the subsurface is 

critical for the generation of hydrocarbons. Thermal maturity is the extent of temperature–time 

driven reactions, which are responsible for the conversion of sedimentary organic matter to oil 

and gas (Mani et al., 2015). Vitrinite reflectance (Ro%) and Rock Eval pyrolysis temperature 

of maximum S2 peak (Tmax) are popularly used parameters to assess the thermal maturity of 

kerogen. Thermally immature source rocks have not been heated sufficiently to generate 

significant volumes of hydrocarbons (<0.6%Ro) (Mani et al., 2015a). Thermally mature organic 

matter generates oil (0.6–1.35%Ro), whereas the post-mature organic matter is in the wet and 

dry gas zones (Tissot and Welte, 1984, Mani et al., 2015a).  

 

Rock Eval pyrolysis is one of the most basic screening steps in evaluation of a source rock and 

is used to estimate the petroleum potential of source rocks. It involves  a progressive heating of 

a rock sample in an inert atmosphere. Hydrocarbons already present in the rock at the time of 

sampling are volatized by moderate heating, given by the first peak (S1), increased pyrolysis 

temperature, and associated thermal degradation of kerogen produces another peak (S2) which 

represents the potential for generating additional hydrocarbons. The total S1 and S2 should 

reflect the generation potential of the rock (Bissada, 2016).  In highly mature gas window 

formations, Rock Eval is not particularly useful because all hydrocarbons have been generated. 
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1.3.4.2. Mineralogy and Inorganic Chemistry 

 

In some unconventional formations, such as tight sandstones and carbonates, the 

reservoirs are not the source rock, but contain migrated hydrocarbons.  In these settings, 

lithofacies interpretation and analysis based on cores and/or wireline logs provide the input  for 

reservoir characterization and modeling (Ma et al., 2011). Although mineralogy plays an 

important role in understanding the lithofacies and rock types (Rushing et al., 2008) and the 

lithofacies may govern the fluid storage and flow, a detailed breakdown of mineral compositions 

is generally not necessary in conventional reservoirs. In contrast, for unconventional reservoirs, 

an accurate mineralogical model is highly important for formation evaluation. Bulk mineralogy, 

(e.g. XRD or FTIR), the origin (detrital vs. authigenic), and distribution of phases, impact the 

geomechanical behavior of these reservoir, and therefore the success of the hydraulic fracture, 

critical for the fluid deliverability. 

High-resolution imaging reveals that fine-grained sediments contain, in addition to 

detrital clay minerals of clay size, a significant silt-size fraction that includes all the common 

grain types observed in sandstones and all the grain types common to limestones of shallow-

water platforms. In addition, a variety of grain types not as commonly observed in sandstones 

or shallow water limestones are typically present in shale reservoirs.  These include the pelagic 

grains typical of deep-sea sediments and a wide array of sediment aggregates produced by 

inorganic and biogenic processes during and soon after sedimentation (Schieber, 2007, 

Macquaker, 2010, Milliken, 2012, Schieber, 2013). It is also now well established that fine-

grained sediments experience the full range of post-depositional effects that are observed in 

other sedimentary rocks, including compaction, cementation, grain replacement, and fracturing 

(Milliken 2004, Milliken, 2012). 
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Although  high-resolution imaging has allowed visual characterization of shale 

reservoirs,  it has also revealed the complexity of these fine-grained assemblages. Developing a 

classification for shale reservoirs using the  same strategies employed for compositional 

classification that have worked for sandstones and limestones, is not practical because the 

potential sources of grains and the ranges of grain compositions are too complex (Milliken, 

2014). Milliken proposed a classification based on two concepts: 1) Material Origin, Intra- or 

Extra-basinal, and 2) Principal grain composition (clay plus quartz), particles of biogenic 

carbonate, or particles of biogenic silica.  

 

Figure 1.8 shows the tripartite classification Millikan proposed using high resolution 

images in three different samples 1)  the Eagle Ford Formation as a Carl (calcareous– 

argillaceous mudstone) containing less than 75 percent extra-basinal debris, and with 

intrabasinal grains comprising a preponderance of biogenic carbonate particles over bio-

siliceous grains.  2) The Barnett Shale is classified as a Sarl (siliceous–argillaceous), containing 

less than 75 percent extrabasinal debris, and with intrabasinal grains comprising a 

preponderance of biogenic siliceous particles over carbonate grains. Finally, 3) a typical 

Cenozoic Succession Gulf of Mexico (GoM) sample is classified as a Tarl (terrigenous–

argillaceous), which contains a grain assemblage dominated by more than 75 percent particles 

of extrabasinal derivation. 
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Figure 1.8   Milliken Mineralogy Ternary plot. Source: Milliken, 2014. 

 

 

Using Milliken’s classification, the formations utilized in this research include two Tarl 

rock types the Bossier and the Haynesville Formations, and one Carl rock type, the La Luna 

Formation of Colombia. 

 

In summary, understanding both the mineralogy and the origin of the grains making up 

shale formations is critical to understanding both reservoir quality and completion quality. As 

for other sedimentary rocks, texture, or particle size distribution, is also important. Despite the 

presence of abundant sand and silt sized particles in many samples, fine-grained extra-basinal 

sediments are dominated by clay sized (less than 2 microns in diameter) particles and clay 

minerals, certainly by grain number, if not by weight or volume. Because of their large surface 

area relative to volume (Dogan et al. 2006) and significant chemical reactivity (Johnston 2010), 

the presence of clay-sized material substantially impacts the physical and chemical properties 

of sediments even when the abundance of clay sized particles by weight or volume is relatively 
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small. Spontaneous imbibition and ion expulsion experiments are expected to be strongly 

correlated with the amount and type of clay minerals presents in the samples. In the next section, 

a description of clay minerals (typically present as clay sized material) is presented.  

1.3.4.3. Clay minerals 

 

 

The term clay describes both a particle size and a group of hydrous alumino-silicate 

minerals. Many petrophysical properties of shales/mudrocks are controlled by the presence of 

clay minerals. These properties include for example, gamma radiation, electrical properties, 

cation exchange capacity, neutron log response, and permeability among others. The presence 

of clay minerals in reservoir rock is an important factor in formation evaluation. Particularly in 

shale reservoirs, the abundance of clay minerals has substantial impact on reservoir production 

and development strategy. 

 

Because clay minerals typically display extremely fine particle size,  they have very 

high specific surface area and, therefore, they can bind a significant amount of pore water to 

their surfaces. Clay minerals consist of two fundamental crystal sheets or layers, the tetrahedral 

layer (comprising essentially SiO2, termed T in the following discussion), and an octahedral 

layer (comprising Al-oxy-hydroxide, termed O in the following discussion). The way in which 

these sheets are stacked together with different bonding and different metallic ions in the crystal 

lattice, constitute the different clay minerals (Holtz & Kovacs, 1981). 
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1.3.4.3.1. Types of Clay Minerals 

 

Kaolinite 

Compared with other clay minerals, kaolinite is chemically and structurally simple. It 

is described as a 1:1 or TO type clay mineral because its crystals consist of stacked TO layers. 

Each TO layer consists of a tetrahedral (T) sheet composed of silicon and oxygen ions bonded 

to an octahedral (O) sheet composed of oxygen, aluminum, and hydroxyl ions. The T sheet is 

so called because each silicon ion is surrounded by four oxygen ions forming a tetrahedron. 

The O sheet is so called because each aluminum ion is surrounded by six oxygen or hydroxyl 

ions arranged at the corners of an octahedron. 

 The two sheets in each layer are strongly bonded together via shared oxygen ions, while 

layers are bonded via hydrogen bonding between oxygens on the outer face of the T sheet of 

one layer and hydroxyl on the outer face of the O sheet of the next layer (Nesse, 2000).  

 

 
Figure 1.9   Structure of a Kaolinite Layer. Source: Modified from Grim 1962. 
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Chlorite 

 It is described as a 2:1 sandwich structure, because its crystals consist of stacked TOT 

layers. This layer combination creates a space between each 2:1 sandwich filled by an ion. This 

space is called the interlayer space and in the case of Chlorite is composed of (Mg+2, Fe+3)(OH)6. 

This unit is more commonly reference as the brucite-like layer due to the closer resemblance to 

the mineral brucite (Mg(OH)).  

 
Figure 1.10  Structure of a Chlorite Layer. Source: Modified from Grim 1962 

 

Illite 

Illite forms from weathering of silicates. It was first described in the Maquoketa Shale 

in Calhoun County, Illinois, USA, in 1937. The name was derived from its type location, Illinois 

(Mitchell, 1993). It possesses a 2:1 sandwich structure (TOT) comprising a silica tetrahedral 

layer  (T), an alumina octahedral layer (O) and a second silica tetrahedral (T) layers. The 

interlayer space is occupied by poorly hydrated potassium cations which are responsible for the 

absence of swelling.  This is the type of clay mineral most abundant in the samples that will be 

used in this project’s experiments.  
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Figure 1.11  Structure of Illite minerals. Source: Modified from Grim 1962. 

 

Smectite 

The basic structural unit of smectite clays is like that of illite,  two inward pointing 

tetrahedral (T) sheets bonded to a central alumina octahedral sheet (O), forming a TOT structure. 

The bonds between adjacent TOT layers are weak , resulting in excellent cleavage, allowing 

water to enter between the layers causing swelling (U.S Geological Survey, n.d.). 

 

 

Figure 1.12  Structure of Montmorillonite minerals. Source: Modified from Grim 1962 
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The amount and type of clay minerals present in a formation modify the rock physical, 

chemical, and mechanical properties, such as porosity, pore fluid salinity, permeability and 

fracability among others.  The next section presents an overview of the various petrophysical 

properties that are affected by the presence of clay minerals, as well as that the properties that 

may be extracted based on spontaneous imbibition and ion diffusion experiments.   

1.3.4.4 Characterization of Physical Properties  

 

 The objective of this research is to extract shale gas reservoir physical properties from 

spontaneous dual  imbibition and ion expulsion experiments. In the following subsections we 

discuss the physical properties that are expected to be most highly correlated with the occurrence 

of high salinity flowback water.     

1.3.4.4.1. Clay mineral content and Cation Exchange Capacity (CEC) 

 

Cationic substitutions in the tetrahedral and octahedral layers of clay minerals give rise 

to unsatisfied negative surface charges.  These negative charges are satisfied by cations in 

solution that are electrostatically bound to the clay mineral surface and give rise to the cation 

exchange property of clay minerals. As stated by Johnson et al.,(1977), the cation exchange 

capacity is “defined as the amount of positive ion substitution that takes place per unit weight 

of dry rock.” Certain solids, e.g. clay minerals, have charged sites on their surface which attract 

ions.  The Cation Exchange Capacity(CEC) may be defined as the reversible exchange of ions 

between a liquid phase and a solid phase which is not accompanied by any radical change in the 

structure of the solid. The most common exchangeable cations are Ca, Mg, OH, K, and Na 

(Campos and Hilchie,1980).  The CEC is expressed in mili-equivalents of cations per hundred 

grams of dry solids. The influence of CEC on the conductivity of clay mineral bearing 

formations can be described by the charge concentration per unit pore volume, or Qv.  Qv is 

related to the CEC by the equation 
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                                                          Qv =CEC*(1-ɸ)ρ           ,                                      Eq. 1 

     100 

 

where Qv is in meq/unit pore volume, CEC = meq/100g, ɸ = fractional porosity, and ρ = grain 

density, in g/cm3. Qv was used by Waxman and Smits (1967) in their shaly sand interpretation 

model to compensate for the effect  of clay minerals on the resistivity of shaly sand reservoirs. 

CEC measurements were obtained for all the samples in this research in order to evaluate the 

relationship between CEC and imbibed volume and ion diffusion during spontaneous water 

imbibition.  

1.3.4.4.2. Porosity 

 

Porosity is one of the most basic factors in formation evaluation for both conventional 

and unconventional plays, because it represents the storage capacity for hydrocarbon resources. 

Three types of porosity have been identified in organic-rich gas shales including matrix porosity 

(associated with the mineral matrix), organic porosity (pores formed within organic matter, 

produced primarily during hydrocarbon generation), and fracture porosity (Loucks, 2012, 

2009).  

An organic-rich shale is typically composed of clay and non-clay mineral matrix and 

contains pore space between these mineral components (Ambrose, 2012). Rocks with high total 

organic content (TOC) often have high porosity because the transformation from kerogen to 

hydrocarbons often leads to an increase in pore volume. Organic matter associated porosity 

tends to increase as thermal maturity increases.  It is widely accepted that organic matter 

associated pores are hydrocarbon saturated.  
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 The total porosity represents the pore space associated with the mineral matrix and that 

associated with the organic material, and includes the space occupied by hydrocarbons, mobile, 

and capillary-bound water, and clay-bound water. 

Determining porosity in shale reservoirs is difficult and is often measured using a 

volume displacement or gas-filling method after crushing the rock to a specific particle size, (25 

-30 mesh),  which is equal to 750 – 500 µm, (Luffel, 1992, Bustin, 2008, Passey, 2010, Bust, 

2011). This method is called the GRI (Gas Research Institute) method.  The measurement 

protocol is as follows.  Bulk volume is measured by mercury immersion, then the sample is 

crushed, solvent extraction is performed, and the sample is then dried in an oven at 110C to 

remove pore fluids. Grain volume is measured by Boyle’s Law and pore volume is calculated 

by the difference between bulk volume and grain volume. Due to the fine grain sizes, low 

permeability and organic matter presence, these measurements are not easy, and discrepancies 

exist when comparable samples are measured by different laboratories.  

1.3.4.4.3. Fluid Saturation 

 

Evaluating fluid saturations is an integral part of analyzing reservoir quality. In shale 

gas reservoirs, gas is contained within pore space and fractures or attached to active surface sites 

on the organic matter contain within a shale. Together, this combination of free gas and  

adsorbed gas make up the total gas contain in a shale. Gas storage in shales is characterized by 

plots of the quantity of adsorbed gas, free gas and/or total adsorbed gas at different pressures 

called isotherms. Adsorption isotherm measurements enable the evaluation of the maximum 

adsorption capacity of gas by organic matter as a function of pressure (Boyer, 2006). The most 

commonly applied adsorption model for shale gas reservoirs is the classic Langmuir isotherm 

model.  The Langmuir model is one of the earliest models for adsorption, which assumes that 

there is a dynamic equilibrium at constant temperature and pressure between adsorbed and free 

gas (K.S. Lee, 2016).   
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In terms of water saturation, the presence of clay minerals increases the clay-bound 

water saturation in shale reservoirs. In addition, small pore throats associated with fine-grained 

clay promote high capillary bound water volumes. However, residual water saturation in shale 

gas reservoirs is not necessarily high. It ranges from 15- 40% in the Haynesville Formation, 

from 7 to 31% in the Eagle Ford Formation, and from 13-35% in the Marcellus Shale (Hammes, 

2011, Jarvie, 2007, Stoneburner, 2010, Wang and Carr, 2012).The reduction of water saturation 

in gas reservoirs takes place by two mechanisms. First, is the immiscible displacement of the 

water by the flowing gas, and second, is the evaporation of subsequent irreducible water by 

thermodynamic equilibrium between vapor and water film (gas stripping) (J.Lin et al., 2017). 

1.3.4.4.4. Permeability  

 

Permeability is a measure of the capacity of the rock’s pore system to transmit fluids. 

In general, shale gas reservoirs have much lower permeability than sandstones, limestones, or 

dolomites. Typically, for unconventional reservoirs, permeabilities might be  several orders of 

magnitude less than 0.1 mD. See figure 1.13. 

 

Figure 1.13  Permeability of general reservoir rocks.  Source: Schlumberger. 
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Shale permeability is an area of active research because of the complexities involved in 

modelling flow through nanoscale pore throats (e.g., Sakhaee-Pour, 2012). The measured 

permeability of an organic rich shale sample varies significantly with confining pressure, 

temperature and the type of fluid used to make the measurement. The complexity is mainly 

caused by the stress dependence of the matrix permeability, the common presence of bedding 

plane parallel desiccation cracks and/or natural fractures, and because organic rich shales 

contain significant volumes of fluids in sorbed states (Wasaki, Asana, 2015). The measurement 

is also made difficult due to limitation of existing equipment, and the time required to make 

flow property measurements on intact samples. 

 

Both the kerogen type and thermal maturity can also have an impact on the permeability 

and deliverability of the source rock. The permeability to gas in kerogen pores should be much 

greater than that in pores within the inorganic matrix. The presence of connected kerogen pores 

is the key to producing hydrocarbon from the shale. Because maturation of kerogen causes 

shrinkage, and continued maturation may develop a connected hydrocarbon–wet pore system, 

a good correlation between permeability and the amount of TOC is commonly observed (Y.Zee 

Ma, 2016). Understanding the evolution of porosity and permeability created through the 

diagenesis and catagenesis of kerogen as well as the evolution of matrix porosity and 

permeability are both necessary to building models for pore systems in organic-rich shales 

(Unconventional Oil and gas resources Handbook, Y.Zee Ma). In this project, the approach was 

to use the relationship between diffusion coefficients and permeability, in order to model the 

latter. However, imbibition experiment results suggested that diffusion is not occurring. This 

will be discussed in a later section.    
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1.3.5. Shale Gas Reservoirs Used in This Study  

 

In this section, the petrophysical properties of the formations that were used in this study 

will be discussed. This includes total porosity, water saturation and clay content, as well as a 

briefly description of the depositional environment.  

The Haynesville Formation: The Haynesville is a Jurassic aged, organic rich shale that 

covers Caddo, Bossier, De Soto, Red River and Bienville parishes in north Louisiana and 

Harrison, Panola, Shelby, and San Augustine counties in east Texas. The present-day depth 

ranges from approximately 10,000 ft to 14,000 ft. Its thickness varies between 80 and 350 ft.  

The depth and thickness of the Haynesville make it especially interesting because of generally 

thicker net pay and higher reservoir pressure (0.85 and 0.9 psi/ft).  

 

The lithofacies observed in the Haynesville vary between calcite rich shale with lesser 

clay volumes, and silica rich shale with larger amounts of clays and lesser amounts of calcite. 

(Parker et al.,2009). The Haynesville is characterized as an organic and carbonate rich mudstone 

with total organic content ranging between 2 – 5% and carbonate content up to 40%. The total 

porosity is between 6 and 15%, water saturation varies between 15 – 40 %, and thermal maturity 

(vitrinite reflectance (Ro))  between 1.3 and 2.4% (dry gas window). Total clay content is 

typically less than 40% (Pope et al., 2010, Thompson et al., 2010, Hammes et al., 2011, 

Jayakumar et al., 2011, Johnson et al., 2013).  

 

Mean initial production rates in the core area of Louisiana are approximately 14 mmcf/day 

(Wang and Hammes, 2010). Translating these high rates into estimated ultimate recoveries 

(EURs) is difficult because of the high initial decline rates. Estimates range from 1.5 to 7.5 bcf 

per well (Berman, 2009; Stoneburner, 2009).  
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Facies descriptions from cores from Louisiana and Texas reveal that the highly organic-

matter-rich shales were deposited in a restricted basin surrounded by carbonate platforms and 

siliciclastic shelves. The facies, fauna, and regional tectonic features indicate deposition in a 

slope to basinal setting within a restricted basin. During Haynesville deposition, the Gulf of 

Mexico (GOM) Basin was partly open toward the south and east and was connected to the 

Atlantic Ocean (e.g., Salvador, 1987; Ziegler, 1989). The Haynesville carbonates and shales 

were deposited during a worldwide transgressive event that deposited black shales in a variety 

of basins associated with anoxia events (Ulmishek and Klemm, 1990). Intrabasinal highs are 

evidenced by missing sections and unconformities (e.g., Sabine Island) and by facies changes 

from shales to carbonates.  

The Bossier Formation: The Bossier is often discussed in relation to the Haynesville 

Shale because it lies directly above it. The Bossier is approximately 1800 ft thick in the area of 

interest (East Texas Basin) and produces hydrocarbon and delivers large amounts of natural gas 

when properly treated. (Speight, 2017). In terms of depositional environment, it is similar to the 

Haynesville Formation, influenced by basement structures, local carbonate platforms, and salt 

movement associated with the opening of the Gulf of Mexico Basin with  periodically restricted 

environments and reducing anoxic conditions. Both shales are prospective for shale-gas 

production, but the Haynesville mudstone is more organic matter rich, whereas the Bossier 

mudstone has organic matter content diluted by terrestrial input (Cicero et al., 2010). These 

compositional differences are related to position within the depositional sequence and 

geography: the transgressive Haynesville is carbonate dominated, whereas the high stand 

Bossier is siliciclastic dominated.  

 

Like the Haynesville Shale, the Mid-Bossier Shale is an over-pressured, organic-rich 

shale characterized as an organic rich mudstone with total organic content ranging between 2 – 

5% and carbonate content up to 25%. The total porosity is between 8 and 10%, water saturation 
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varies between 15 – 30 %, and thermal maturity (vitrinite reflectance (Ro))  between 1.3 and 

2.4% (dry gas window). Total clay content is typically between 20 and 60%  and TOC > 3% 

(Hammes et al., 2011), Recent completions in the Mid Bossier Shale range from 4-25 

MMCF/day with most completions exceeding 10 MMCF/day. 

 

Figure 1.14  Bossier and Haynesville Stratigraphic Column. Source: Galloway, 2008. 

 

La Luna Formation: The La Luna Formation, a Cretaceous sequence in the Middle 

Magdalena Valley Basin (MMVB) of Colombia, is described as calcareous shales and 

limestones, black in color, with high foraminifera content and with calcareous and phosphatic 

concretions (Torres et al., 2015). Formation members are named Galembo, Pujamana, and 

Salada. The Galembo member corresponds to a calcareous shale with limestone layers and 

nodules. It is the most calcareous interval represented largely by mixed calcareous/siliceous 

mudstones.  The Pujamana member, comprising claystone, mudstone, gray shale, and cherts, 

and the Salada member comprising black shales, black mudstones, black calcareous claystone, 

black limestone layers, and concretions with pyrite. TOC values in the Pujamana and Salada 

members average approximately 3.5 wt.% and 4.5 wt.%, respectively (Zumberge, 1984), 

whereas TOC values in the Galembo Member reach 2.4% (Rangel, 2000b). Liquid 
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hydrocarbons (Ro 0.6-0.9%) are present in the northern and central parts of the Middle 

Magdalena Valley Basin (MMVB), and condensates and wet/dry gases are present in the 

formation in the southern MMVB areas. The average porosity estimated using SEM images for 

the Galembo member is 8.5% and is 8.11% (Torres et al., 2015) for the Salada member. The 

thicknesses of the members as observed in outcrop vary from 180–720 ft. for Galembo, 300–

400 ft. for Salada and 500 ft. for the transitional Pujamana member. (Torres et al., 2015). Table 

no 1.2 summarizes the fundamental properties of the reservoirs  studied  in the project and data 

for other important shale reservoirs for comparison.  

 

Table 1.2 U.S. and Colombian Shale systems.  Source: Reservoir Engineering. The 

fundamentals, simulation and management of conventional and unconventional 

recoveries. Abdus Satter, 2017. Unconventional Assessment of La Luna Formation 

in the MVV, Colombia. Torres, 2017. 

 

1.3.6. How the Industry Uses Flowback Water Chemistry   

 

After hydraulic fracture generation and during production, a portion of the injected 

fracturing fluid returns to the surface alongside the produced hydrocarbons (Abbasi et al.,2012). 

This returning water is called flowback water and is different than the injected water (Rimassa 

et al., 2009). For instance, fresh water is injected into the reservoir to create the fractures while 

the flowback water is highly saline. This observation is one of the fundamental questions 

addressed in this research, in terms of understanding where this high salinity is coming from 

Bossier Haynesville La Luna

Location Gulf Coast, TX, US Gulf Coast, TX, US MMV - Colombia

Depth (ft) 6000-12500 12500 -13500 4000-17000

Porosity (%) 3 - 9 6-15 7-10

Permeability (nD) 658 658 920

Net Shale Pay Thickness (ft) 500-1000 60-200 200-500

TOC (wt%) 1-5 2-5 2-20

Ro (%) 1.6-3 1-2.2 0.60-3

Water Saturation (%) 20-30 20-30 20

Hydrocarbon Type Gas Gas Oil-Gas
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and what petrophysical properties might be controlling this phenomenon.  

 

The concept of flowback water physicochemical analysis is not a new topic. In 1989, Keller 

observed that the electrical conductivity of the produced water increases with time, suggesting 

that salt dissolved and diffused into water. In 1994, Ballard et al., developed an experimental 

technique that used radioactive tracers to monitor the progress of water and selected dissolved 

ions through a core plug. The objective was to gain a better understanding of the fundamental 

processes involved in maintaining wellbore integrity by chemical inhibition of water-based 

muds. They identified water transport rates and mechanisms for selected shales, using three 

outcrop samples and two preserved cores, all from North Sea. Sample porosity ranges from 8 

and 60%. Samples were smectite rich with cation exchange capacities between 4 and 48 

meq/100gr , which are much higher than the samples used in this project. Experiments showed 

that transport rates of water and ions through shales vary depending on the shale type and appear 

to depend on porosity when no pressure is applied in the experiment.   

 

Woodroof (2003), monitored fracturing fluid flowback to optimize well clean up in the 

Bossier Formation Sand by using Chemical Frac Tracers (CFT) . Samples of the flowback fluid 

were collected every 10 minutes to 1 hour at the surface for a minimum of 24 hours. In some 

wells,  fluids were sampled for up to 30 days. The collected samples were analyzed detecting 

the family of CFT’s down to the ppt (parts per trillion) level. The mass of each CFT recovered 

in a given time period together with the total recovered flowback volume for that same time 

period were used to calculate flowback efficiencies using the mass balance technique. The 

resulting stage-by-stage fluid recovery profiles were then used to help characterize the 

effectiveness of cleanup and to make recommendations regarding potential improvements in 

treatment fluid cleanup that might be obtained by changes in the treatment fluid chemistry, 

proppant scheduling, flowback procedures, etc.   
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Fan et al., 2010, built a simulation model for wells stimulated with multistage hydraulic 

fractures in the Haynesville Shale. The models investigate factors such as 1) pore pressure, 2) 

matrix rock quality, 3) natural fractures, 4) hydraulic fractures and 5) complex fracture networks 

by history matching the observed production. Fan included in the model the recovery of 

flowback water and how this factor is affected by the fracture complexity around each 

perforation cluster. He observed that in many cases, the wells with less flowback water had 

better early production rates and suggested that most of this water stays in the created fractured 

system. He suggested that at the end of the treatment, two regions were created. Region 1, where 

the fractures were filled with proppant and water and Region 2, where fractures will be filled 

with treatment water only and may be trapped and never be returned. The more fractures created, 

the more fluid loss there is to the formation.  

 

Blauch et al., (2009) proposed five different hypotheses for the origin of salt in flowback 

water in the Marcellus Formation: 1) Primary dissolution of Autochthonous Salt: 

Autochthonous means rocks that have been formed in situ. Basically, dissolution of evaporite 

minerals, including halite. For this hypothesis to be proved true, salts and evaporite minerals 

should be able to be observed in subsurface samples and the cations and anions typical of such 

evaporite minerals should be present in flow back water. 2) Primary Dissolution of 

Allochthonous Salt:  Another hypothesis that Blauch suggested, was the presence of soluble 

salts that may be formed from hydrogeologic emplacement and subsequent crystallization in 

pores. Direct observation of fracture – filling and/or pore – filling salts, including halite, from 

subsurface cores would also be required to prove this hypothesis true. 3) Encroachment of 

Basinal Brine: The authors proposed a situation in which a more permeable zone that contains 

mobile brine is reached. 4) Mobilization of Hypersaline Residual Fluid: Blauch invokes 

mobilization of otherwise immobile, high saline, residual water  and 5) combinations of all 

above.  
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At the end of the study, based on XRD, flowback water geochemistry, and direct 

observation of the core, Blauch was more inclined toward primary dissolution of salt minerals 

including halite as the control on flow back salinity. However, he suggested that more work was 

needed in many areas, including isotopic studies, ionic distribution mapping and more analysis 

in cores and cuttings.  

 

In 2010, Carman and Lant published a paper about clay stabilization by analyzing clay 

responses to fluid exposure using a method developed in 1967 named Capillarity Suction Time 

(CST). CST testing defines the time to move a water front between two electrodes, which is 

related to the ability of the fluid to flocculate or disperse clays in a sample. When comparing 

multiple samples in the same fluid, the longer the time for water front movement, the greater 

the water sensitivity of the sample. In terms of clay stabilization, conclusion was that water 

concentrations of 2%, 4% and 7% KCl performed similarly in most of the cases. In terms of 

clay characteristics, they mentioned that clay minerals have a great affinity for water. Some 

clays (smectite) swell easily and may double in thickness when wet. Most have the ability to 

soak up ions (electrically charged atoms and molecules) from a solution and release the ions 

later when conditions change. These exchangeable cations can be leached out during the 

fracturing operations and impact the water chemistry. 

 

Recently, flowback water high salinity has been considered as a complementary approach 

for evaluating reservoir properties and fracturing operation. Understanding the source of 

flowback salts and the mechanisms controlling the water chemistry is essential but also 

challenging due to the complexity of shale-water interactions (Zolfaghari, 2015). Ghanbari et 

al., (2013) analyzed flowback salt concentration data from hydraulically fractured horizontal 

wells completed in the Horn River Basin, Canada. The objective was understanding how the 

flowback was related to the imbibition process, presence or absence of natural fractures and the 
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complexity of the fracture network. Based on flowback volume and gas production analysis, 

Ghanbari showed that wells with low flowback efficiency have higher early time gas production 

and that shale samples with higher clay content and microfractures have higher water imbibition 

and ion diffusion rates.  

 

Bearinger (2013), mentioned that flowback water contains information about the nature of 

the stimulated reservoir. He proposed an analytical model to explain the observed trends in 

flowback salt concentration in the Horn River Formation by hypothesizing that the water 

recovered from induced hydraulic fractures has a different chemical signature than the water 

recovered from the stimulated natural fracture network. Bearinger explained that unlike the 

induced fractures, natural fractures have in situ water coating the mineral surfaces of the 

fracture. This in situ water can mix with the injected water. Therefore, water within the natural 

fractures will show increased calcium and other ions relative to sodium ions as compared to the 

water within the induced hydraulic fracture.  It was observed that the calcium to sodium ratio 

increased rapidly with time followed by a transition to a more gradual increase for the remainder 

of the sampling period. The interpretation of these observations is that the early time water is 

recovered from the newly formed hydraulic fractures that have less exposure to in situ water 

and then, from the natural fractures where the salinity is expected to increase. More study is 

needed to understand the contributions of mineral dissolution, ion diffusion and water mixing 

to produced – water chemistry (Bearinger, 2013). 

 

Zolfaghari (2014), published a laboratory and field analysis study to improve the 

understanding of the origin of salts in the flowback water in two members in the Horn River 

Formation. The salinity and individual ion concentration field profiles were analyzed for the 

Otter Park (OP), and Evie (EV) and Muska (Mu)Formations. The bulk-rock mineralogy was 

determined using XRD and SEM-EDS was used to explore possible precipitated salt crystals on 
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the surfaces of the natural fractures. Zolfaghari,  also analyzed freshly broken surfaces of the 

samples using SEM-EDS in order to compare elemental distributions in the rock matrix and 

natural fracture surfaces.  

 

Water and oil imbibition experiments were performed for samples of different surfaces 

areas (As). Electrical conductivity and individual ion concentrations of water was monitored 

over time (~ 12 days).  Additionally, since during the water imbibition water imbibes into the 

rock and ions transfer to the water; adsorption isotherms were measured to solely analyze the 

water adsorption process and characterize the water activity of the samples. Oil and water 

contact angle measurements were measured  to compare shale/water and shale/oil interface 

properties of the samples.    

 

The field salinity profiles of OP initially showed a gradual increase, and then reach a 

plateau at around 40000 ppm; the salinity profile of EV continues to increase even after reaching 

values of 70000 ppm. A general increase in barium and sulphate ions was observed for both 

formations. A similar increase in the concentration of chloride ion is also observed for the Mu 

and EV Formations (no data was available for the OP formation). Additionally, the 

concentration of iron ions shows a gradual growth over the first 200 hours during the flowback 

process, after which the concentration decreases with time; this trend is observed for all three 

formations.  

 

The increase in electrical conductivity is faster and higher for the samples with higher 

surface area (Asp) values, which implies that the water-rock interface area has a strong effect 

on ion transport during the water imbibition process (Zolfaghari (2014)).The concentration of 

sodium was observed to be higher than that of chloride in solution during the water imbibition 
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process. The origin of this high sodium to chloride ratio may be that sodium was mobilized from 

exchange sites associated with clay minerals in the shales (Zolfaghari (2014)).  

 

In terms of XRD results, bulk mineralogy did not show a significant barite component, 

but SEM-EDS results showed remnant barite on the surfaces of the natural fractures. Zolfaghari 

inferred that the dissolution of the barite present in the natural fractures was responsible for the 

high barium content observed in the flowback water chemical analysis. Complexity of the 

fracture network was assumed to be proportional to the barium concentration observed. 

 

 In 2017, Zolfaghari proposed a technique to up-scale these observations in order to 

estimate fracture surface area and invaded reservoir volume and compare the results with those 

from the rate transient analysis (RTA). They measured the total ions produces during the 

flowback in the Horner River and two sets of imbibition experiments in the lab, in order to 

investigate the effect of water-rock surface area and rock volume. Both methods were then 

compared to investigate fracture surface area and invaded reservoir volume. Good agreement 

was obtained when comparing lab results and water recovery field data.  

 

Rowan et al. 2015, investigated the concentration profiles of various  dissolved ions in 

produced water. Their results indicate the source of the Total Dissolved Solids (TDS) is liquid 

brines, not solid mineral crystals of salt in the shale pores that are dissolving in the frac fluid. 

Because different salt crystals have different solubility in water, the ratio of chlorine to bromine, 

for example, should change over time as one type of salt crystal dissolves faster than the other. 

These ratios are essentially constant in the produced water through time, indicating that the ions 

were already in solution before the frac fluid ever got there (Rowan, 2015). 
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In 2015, Merry and Ehlig-Economides developed a material balance model that introduces 

the concept of a dissolved stimulated rock volume (DSRV). This is defined by the volume of 

shale gas rendered productive by injected water dissolving salt found in mineralized fractures 

sheared during hydraulic fracturing. Because the DSRV could be as much as 80% smaller than 

the apparent SRV from shear events identified in a micro seismic survey it is consistent with 

early boundary dominated flow seen in shale gas wells in the Haynesville Formation in the US 

and in the Fuling Formation in China (Wei, et al. 2015). The material balance also enables 

estimation of the volume of water that could remain trapped in the shale during flowback 

because of imbibition and storage in undissolved sheared fractures beyond the DSRV, thereby 

explaining very low load recovery of injected fracture fluid. The model presumes that produced 

gas will initially displace brine from propped and secondary fractures, but that continued gas 

production will vaporize water from the remaining salt-saturated residual brine, depositing salt 

that could explain observed loss of effective shale permeability previously modeled as pressure 

dependent permeability. 

 

Bryndzia, 2016, develop a model using data from the Marcellus and Duvernay Shales, 

based on the oxygen isotopic composition of the Residual Treatment Water (RTW) and 

contained Total Dissolved Solids (TDS).  Published oxygen isotope and TDS data from 

Marcellus RTW have been used to model the Water:Rock ratio (W:R) based on exchange 

between local meteoric water and the shale matrix. This model permits an estimate to be made 

of the Water/Rock ratio, being this a direct indication of the total surface area of stimulated shale 

that the Hydraulic Fracturing (HF) injected water has been in contact with. It was also 

highlighted that it is the shale matrix, dominated by illite in mature to over-mature shales, that 

controls the isotopic enrichment and high TDS contents observed in RTW. The routine 

geochemical analysis of RTW provides a rapid and inexpensive surveillance strategy for 

monitoring RTW associated with production from unconventional reservoirs (Bryndzia, 2016). 
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Finally, Liu Yang et al., (year) studied the origins of high salinity flowback in the 

Longmaxi, Shihezi, Huoshiling, Yincheng, Lujiaping and Niutitang Formations by using 

imbibition experiments, rock petrophysical property measurements and image analysis. In 2015, 

comparative imbibition experiments were performed on 12 core samples, (Ordos Basin, tight 

volcanic formation from Songliao Basin and shale formations from Sichuan Basin). The authors 

presented a new method to evaluate the imbibition characteristics and fracture fluid intake by 

studying the water imbibition capacity in diverse rock types, with varying pore size distribution 

and pore connectivity.   

 

Imbibition experiments were conducted with distilled water, and orthogonally to the 

bedding planes. In the Table 1.3 and Table 1.4, a summary of the rock physical properties and 

XRD mineralogy analysis is shown.  

 

Table 1.3  Rock physical properties for the samples used in Yang 2015. Source: SPE-17-

6882-*Modified by Palencia. Porosity was measured by Helium Porosimeter and 

permeability by Nitrogen pressure pulse decay porosimeter 

 
 

 

 

 

 

 

Sample Location No. Diameter(cm) Thickness (cm) K(mD) Porosity (%)

Erdos Basin S-1 2.51 2.5 2.1 11.6

S-2 2.51 3.29

S-3 2.49 4.18

Songlio Basin H-1 2.50 0.8 0.0069 10.2

H-2 2.51 1

H-3 2.50 1.69

Songlio Basin Y-1 2.51 0.5 0.0012 0.71

Y-2 2.52 0.8

Y-3 2.49 1.1

Sichuan Basin L-1 2.51 0.86 0.0021 1.02

L-2 2.50 1.01

L-3 2.51 1.13

Tight Sandstone

Tight volcanic

Tight Volcanic

Shale

Shihezi Formation

Huoshiling Formation

Yingcheng Formation

Lujiaping Formation
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Table 1.4  XRD mineralogy analysis for the samples used in Yang 2015. Source: SPE-17-

6882-MS.* Modified by Palencia. I/S is Illite/Smectite mixed layer. 

 

 

The change in mass vs time during the imbibition experiment was measured with an 

analytical balance with an accuracy of 0.00001 g . Samples were encased in epoxy and only one 

face was exposed to the water.  Samples were heated at 105 °C for 24 hours.   

 

Yang used Handy's (1960) imbibition model, describing a horizontal piston-like 

imbibition process. The imbibed volume Vimb is given by, 

                                       ,                              Eq. 2  

 

where Pc is the capillary pressure, µw is the viscosity of water, kw is the relative permeability 

of the rock to water, ɸ is the porosity of rocks, t is the imbibition time, Ac is the surface area 

and Swf is the moving water front saturation at the exposed sample face. Yang normalized the 

equation to the dry sample volume  (Ac/L) of the sample and plot Vimb/Dry Sample Volume 

(Vimb/AcL) vs the SQR (t/L2).  

Tight Sandstone - S Tight Volcanic -H Tight Volcanic - Y Shale L

Smectite 0 0 0 1.8

Illite 10.3 0.6 3.8 5.6

I/S 0 0 37.3 12.6

Chlorite 0 30.6 5.3 1.9

Kaolinite 0 0 1.4 1.8

Clay 10.3 31.2 47.8 23.7

Quartz 30.2 1.3 40.6 29.4

Feldspar 26.4 61.5 11.6 7.2

Calcite 4.1 0.3 0 24.3

Dolomite 24.8 0 0 14.9

Others 4.2 5.7 0 0.4

TOC 0 0 1.2 3.1

Percentage %
Component 
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Figure 1.15  Imbibed Volume divided by sample volume (Vimb/AcL) vs SQR (t/L2). (a) tight 

sandstone -S, (b) tight volcanic -H (d) tight volcanic  Y  (d) Shale – L. Source: 

SPE-17-6882-MS. 

 

Yang defined three different regions: Region 1, with a high slope, Ai,  is the initial 

imbibition rate. A second line with a lower slope (Region 2), and the late stage (Region 3) which 

corresponds to Al, late imbibition rate (Figure 1.15). 

Subsequently, by using pore size distribution from mercury injection data and the 

parameters of imbibition characteristics, they found that the imbibition capacity is positively 

associated with clay mineral content and type.  Also, that macropores display a larger time 

exponent in the initial imbibition region and meso and micropores have larger exponents in the 

late imbibition region.  

 

In 2017, Yang included conductivity measurements in his study. The shale samples were 

different and selected from a typical shale formations in China, from the Marine Sichuan Basin, 

and a conventional sandstone reservoir, from the Ordos Basin, was included for comparison.  
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Table 1.5  Mineral composition for the samples used in Yang 2015. Source: SPE-17-6882-

MS. I/S is Illite/Smectite mixed layer. *Modified by Palencia. 

 

 

Samples were dried at 105 °C, then they were covered with epoxy to only allow imbibition 

through one face.  Samples were placed in a beaker and then removed from flask to measure the 

mass and the water electrical conductivity. This same procedure was repeated at different  times 

for ~ 8 days . Imbibed volume and conductivity were normalized to the surface area and plotted 

vs the square root of time (Figure 1.16). Blue curves represent how much water the samples 

imbibed, and red curves are the conductivity measurements. Two different samples were 

analyzed for each formation. 

Quartz Feldspar Calcite Dolomite Clay

LJP Lujiaping Shale 29.4 7.2 24.7 14.9 23.7

LMX Longmaxi Shale 40.3 8.8 7.5 6.5 36.9

NTT Niutitang Shale 31.2 15.8 11.5 18.2 23.3

XJH Xujiahe Shale 45.2 10.5 6.2 0 38.3

GCG Ganchaigou Shale 30.5 6.1 4.3 4.8 55

SHZ Shihezi Sandstone 32.2 26.4 5.1 25.8 10.3

Smectite Illite I/S Chlorite Kaolinite

LJP Lujiaping Shale 7.6 23.6 53.2 8 7.6

LMX Longmaxi Shale 4.3 15.9 62.3 8.7 8.7

NTT Niutitang Shale 3.4 5.2 78.9 12.4 0

XJH Xujiahe Shale 7.5 10.8 80.2 0 1.5

GCG Ganchaigou Shale 0 12 38 4 46

SHZ Shihezi Sandstone 0 100 0 0 0

Mineral Composition, wt.%

Relative abundance, wt.%

Label Formation Lithology

Label Formation Lithology
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Figure 1.16  Imbibed Volume divided by surface area (Vimb/As) vs SQRT (t). (a) LMX 

formation sample, (b) LJP formation sample (c) NTT formation sample, (d) 

XJH formation sample (e) GCC formation sample , (f) SHZ formation sample.  

Source: SPE-17-6882-MS 

 

 

On these plots, Yang shows that both imbibed water and water conductivity increase 

with time, and the slopes decreases with time, and tends to be zero in the plateau.  In sample f, 
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which corresponds to the sandstone sample, the electrical conductivity and the imbibition curves 

reached this plateau stage more quickly than in the shale samples (a,b,c,d,e). 

 

Comparing the results with those from the mineral analysis, Yang found that the 

imbibition/diffussion properties depend largely on the clay mineral content and type. Yang’s 

samples were smectite rich compare with the samples used in this research. Cation exchange 

capacity data was not acquired by Yang.   In previous work, he suggested that the imbitition 

rate was proportional to the clay mineral content (Yang, 2015). In Figure 1.17, Yang suggests 

that the diffussion rate is weakly positively related to the concentration of clay minerals, 

however with a the R2 of 0.22  for the total clay concentration and a R2 of 0.81 for Illite/Smectite. 

Figure 1.18 shows that there is not a relationship observed between Illite concentration and the 

inferred ionic diffussion rate, indicating that illite minerals do not significantly contribute to the 

ion diffusion rate in these clay – rich shales (Yang et al., 2017). 

 

Figure 1.17  Ion Diffusion Rate divided by surface area (Vimb/As) vs Clay content. Source: 

SPE-17-6882-MS 
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Figure 1.18  Ion Diffusion Rate divided by surface area (Vimb/As) vs Illite Concentration. 

Source: SPE-17-6882-MS 

 

   Yang established the countercurrent imbibition model, based on Handy’s model, to 

explore the correlation between imbibition and diffusion with parameters such as porosity, 

permeability, intial water saturation, contact angle and surface area. However, at the end of the 

study Yang mentioned : “The Handy imbibition model depending on piston-like horizontal 

displacement was developed for conventional rocks. In addition, the mathematical model of 

imbibition/diffusion was established based on the assumption of parallel straight capillary 

bundles, which is suitable for imbibition in conventional reservoir pores or shale reservoir 

macro-pores. Therefore, the validity of the imbibition-diffusion model for gas shale is doubtful 

in this manuscript. At present, there is no perfect model to describe the imbibition process of 

gas shale due to its complex pore structure and mineral composition. The development of an 

imbibition model for gas shale is not the main emphasis in this study. In future work, a tree 

branch model based on the fractal theory will be developed to depict the complex pore structures 

in gas shales and describe the imbibition/diffusion process.” In this project, the approach is to 

evaluate whether or not diffusion is applicable by evaluating the presence or absence of a 

particle size dependency in the experimental results, and, whether a square root of time model 

adequately describes the data. 
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 CHAPTER 2. METHODOLOGY  

 

 

  In this research a novel combination of laboratory techniques was used to evaluate the 

origin of high salinity flow back water in the Bossier, Haynesville and La Luna Formations.  

The methodologies were designed to minimize problems with sample homogenization and 

damage, as well as the potential development of concentration gradients or the occurrence of 

evaporation during the water imbibition experiments. Dual imbibition experiments (water and 

oil) were performed by using different aliquots but within the same lithology.  Additionally, 

multiple techniques were used to characterize the samples pre and post imbibition. The 

methodology can be outlined as follows: 

 

1. Core material from the Bossier, Haynesville and La Luna Formations was used in this 

study. Seventy-eight feet of core from the Matthews 16 # 1 well, from the Red River 

Bull Bayou Field in Red River Parish Louisiana was donated to the University. In 

addition to the core, standard crushed rock measurements made by a vendor were also 

provided.  Material from both the Bossier and Haynesville Formations, was available 

for measurements and testing. Two feet of La Luna Formation core from the La Luna 1 

well in the Middle Magdalena Valley (MMV) in Colombia,  were also available for the 

project. Information about minerology, petrophysical and geochemical properties were 

also available for Bossier and Haynesville formation; however, for La Luna Formation 

minimal information was provided.  

2. Sample selection incorporated direct observation of the core and existing core analysis 

data including clay mineral content, porosity, permeability, water saturation and total 

organic content, among others. Permeability was also used as a qualitative indicator of 

sample variability.  
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3. Sample volumes for homogenization were selected based on geochemical analysis 

using an Olympus L Series Vanta handheld XRF analyzer. On average, six 

measurements per foot were acquired. 

4. Crushed homogenized material was sieved into size fractions and representative 

aliquots of each were selected. Thermal Gravimetrical analysis (TGA), Cation 

Exchange capacity (CEC) measurements, Boyle’s Law grain density and Laser particle 

size distribution analysis data (LPSA) were acquired for the different particle size 

aliquots.  

5. Imbibed volume and ion releasing/expulsion measurements were performed on each of 

the aliquots of crushed material. Pre and post imbibition sample characterization using 

transmitted and reflected light and SEM imaging, XRD, and XRF analyses 

accompanied the imbibition experiments.  

6. Nuclear Magnetic resonance data were acquired to evaluate bound and free water, as 

well as total imbibed water volume. A 23 MHz Oxford NMR was used to acquire the 

data. 

7. Mass spectrometry detection techniques were used to evaluate the post imbibition water 

in terms of the amount and types of ions present. 

8. Thin sections and Scanning Electron Microscope image analysis were critical to 

evaluate the causes of the physical observations before and after the experiments.  
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2.1.  Sample homogenization.  

 
For dual imbibition and ion expulsion experiments, selecting and homogenizing 

representative samples from the available core was critical. Both petrophysical and geochemical 

data from existing core analysis were available from a core laboratory. Based on the initially 

available data, different depths were selected for analysis in the Bossier and Haynesville 

Formations, three in the Bossier and two in the Haynesville .The selected sample intervals 

represent the range of observed properties, including permeability, porosity, and total organic 

carbon content (TOC).  The selection criteria are shown in Figure 2.1. 

 

Figure 2.1  Haynesville  and Bossier Sample Selection. 

 

Color scale on the right represents permeability. Values are in  nD, from 2E-3 nD to 2 

nD. Porosity is proportional to the size of the data point. Axes are TOC (wt. %) and deep 

resistivity induction log (Ohm - meters).  Selected samples are designated by B (Bossier), and 

H (Haynesville), and subscripts indicate clay mineral content from XRD analysis (wt. %). The 

samples were selected to be representative of the range of observations. Twenty-one samples 

(three particle sizes) for seven different rock types were distributed among the three formations. 
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A summary is presented in table 2.1.   

Table 2.1  Selected sample petrophysical properties. Physical property measurements were 

made on crushed material in a core laboratory by using GRI protocols. 

 

 
 

Although, the laboratory used the Gas Research Institute (GRI) protocols for Sw, 

porosity and permeability (*) measurement, we were concerned  about the several factors that 

can compromise these measurements, especially the very low permeability values. Sondergeld 

2010, shows that even when measured on identical samples sets, and due to modifications to 

GRI protocols,  various core analysis protocols are used for different laboratories, leading to 

petrophyscial properties that are inconsistent (See Figure 2.2).  Hence, the  petrophysical and 

geochemical properties provided by a vendor were used only to select a range of samples.  
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Figure 2.2  Compilation of permeability measurements on the same shale gas sample from 

three different labs by using the GRI protocol with individual modifications. 

Permeabilities range eleven (11) orders of magnitude. Magenta values (the 

lowest values) belong to same laboratory that measure Bossier and Haynesville 

permeabilities.   

 

2.1.1. Handheld XRF analysis 

 
After selecting the samples at different depths (1 foot per depth), X-ray Fluorescence 

Elemental Analysis (XRF) data were acquired to ensure the minerology was consistent along 

each one-foot interval. This was performed to minimize mixing distinctly different rock types 

within each aliquot for analysis. An Olympus L Series Vanta handheld XRF analyzer was used. 

On average, six measurements per foot were acquired. Figure 2.3 shows an example of the data. 

The more abundant elements are relatively constant along each one-foot interval. 
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Figure 2.3  Bossier (a), Haynesville(b) and La Luna Formation (c) Sample Hand Held XRF 

Data. Samples are representative based on bulk XRF and they are relatively 

constant along each one-foot interval. Yellow: Potassium, Dark Blue 

:Aluminum, Sulfur, Light Blue: Calcium, Orange: Silicon. 

a) b) 

c) 
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2.1.2. Sieving the material 

After reasonable homogeneity was observed in each of the samples, selected material 

(half a foot) was crushed and sieved to four different particle sizes. Each one-foot-long core 

sample was weighed, crushed, and sieved. Figure 2.4 shows the crushing and sieving workflow, 

and the mesh combination used in the process. Laser particle size data were acquired to confirm 

the mean particle size of each sieve sample.  

                     

Figure 2.4  Initial Sample preparation. a) As received core material b) Crushing with the 

mortar c) Sieves used to sort crushed material by size. d) Sieve combination 

setup. 

 

2.1.3. Laser Particle Size Distribution Analyzer. 

 

After crushing the material and to assess the homogeneity of each aliquot, particle size 

distributions were acquired using a Horiba LA-350 Laser particle size analyzer. Selected sieve 

sizes were 750-500 µm, 500-350 µm, 212-106 µm and 106-90 µm. Mean size values for those 

samples were 700 µm, 500 µm, 200 µm and 50 µm respectively. Sieving the smallest material 

(106-90 µm) was challenging because finer material began to adhere to the sieve mesh and did 

not pass through. Unimodal distributions (Figure 2.5, a,b,c)  for the three coarsest samples were 

observed and the mean particle size values were consistent with the mesh size range. However, 

a

) 

b) 

c) 
d) 
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issues with the sieving for the finest sample resulted in a bimodal size distribution , with a 

median size substantially smaller than the mesh size range (Figure 2.5d).  Based on this 

observation and to avoid inconsistencies in the data, this size sample was not utilized in 

subsequent experiments.  

 

Figure 2.5.  Particle size distribution analysis for aliquots ground and sieved to various 

particle sizes.  

 

750-500 m  (a) 

500-350 m (b)  

212-106 m (c) 

106-90 m  (d) 

Not used due to bimodal distribution 

Mean value: 700 µm 

Mean value: 500 µm 

Mean value: 200 µm 

Mean value: 50 µm 
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2.1.4. Boyle’s Law porosity 

  

Particle volume and density were measured for all the samples at each particle size. 

Material was placed in the oven for one hour at 60° Celsius to remove possible surface water. 

Samples were not exposed to higher temperatures to avoid water evaporation and associated 

induced fracture development. These data were acquired to assess the quality of similar data 

provided by a vendor for the Haynesville and Bossier Formations. Results show very similar 

values which increases the confidence in terms of third vendor porosity measurements.  

2.1.5 Thermal Gravimetrical Analysis. (TGA) 

 

TGA data were acquired with the objective of relating the amount of water loss due to 

temperature changes with the imbibed volume and the equilibrated salinity observed in each 

sample. There should be a proportionality in terms of surface effects in both experiments. The 

experimental workflow is described in figures 2.6 and 2.7.  

 

Figure 2.6.  Thermal Gravimetric Analysis workflow. 
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Figure 2.7  Thermal Gravimetric Analysis for B(60)samples. 1. Weigh the samples as 

received. 2. Samples are placed on the oven at 60 °C . 3.The sample weights are 

measure every 15 min until stabilization is reached. 4. Increase the temperature 

to 80 C and 5. Increase to 100C and repeat the procedure.   

 

2.1.6  Cation Exchange Capacity (CEC) Measurements: Conductometric Titration 

 
Cation exchange capacity measurements were acquired to evaluate a possible 

relationship between CEC and spontaneous imbibition and ion diffusion behaviors in each 

sample. Additionally, any particle size relationship with CEC measurements might provide 

insights into the controls on ionic expulsion and imbibed volume that might be observed.  

Fifteen (15) grams of as received material were acquired for this measurement.  The process 

includes several washes to prepare the sample. In order of occurrence, the samples are washed 

with: 

• Deionized (DI) water (two to three washing stages)  

• Na2S2O3 to remove Anhydrite (three to four washing stages) 
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• BaCl2 to prepare the clay surface with Ba+2  ions (Two to three washing stages)   

After Ba+2 surface preparation, the conductance was measured using a probe submerged 

into the solution while titrating with 0.1N MgSO4. Enough time must be allowed for the system 

to approach equilibrium. As Mg+2 ions replace the Ba+2 on the exchange sites of the clay 

minerals, no appreciable change in conductance is noted until all Ba+2 ions are replaced. After 

that point, because BaSO4 is insoluble, the additional linear conductivity increment is due to 

continuously adding Mg+2 ions. This minimum point is proportional to the sample CEC (Figure 

2.8). 

 
 

Figure 2.8  CEC measurement by conductimetric titration. As received samples are 

prepared by washing them with Deionized water and Barium chloride. Titration 

with Magnesium Sulfate while measuring the conductivity.  

 

 

2.1.7. Clay Mineral Membrane Potential Test 

 

Clay minerals have the ability to restrict ion flow, they allow cations to pass while 

restricting the flow of anions. Therefore, clay minerals are considered to be ion – selective 

membranes. When two aqueous solutions with different ionic concentrations are separated by 

this type of membrane, an electrical potential develops . The membrane potential test measures 
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the voltage drop across a clay mineral rich sample that is in contact with fluids of different 

salinities. This voltage drop is used to calculate the clay’s ion selectivity which is correlated 

with the ion type, ion concentration, sample permeability and Cation Exchange Capacity (CEC).  

It has been observed that the ion selectivity of clay minerals increases when the permeability 

decreases. As permeability decreases because of burial and compaction, the clay’s ability to 

restrict solute transport increases and ion selectivity increases. Additionally, ion selectivity 

increases as the CEC increases, the higher exchange capacity translates into higher negative 

surface charge. The negative surface charge, indicated by the CEC, restricts the flow of anions 

through the pore system, only allowing cations to move more freely. In doing so, an electrical 

potential, indicated by the voltage drop, is created that directly indicates the ability to screen out 

anions. The higher the electrical potential, the better the clay’s ability to screen out anions (Al- 

Bazali, 2007). This capacity of the clay mineral is potentially relevant in the understanding of 

high salinity in flowback water; however, it was not an approach taken in this research. Due to 

the extremely low permeability reported for the samples, the clay mineral type,  and the expected 

low CECs, the voltage drop measurement in the membrane potential test would be difficult to 

measure, suggesting that a different experimental set up would be necessary. This will be the 

subject of future work. 

2.1.8. As Received Nuclear Magnetic Resonance (NMR)  

 
A 23 MHz Oxford MQC NMR was used to acquire NMR data on as received material. 

This is the ideal tool for characterizing unconventional mudstone reservoirs because it is 

capable of detecting hydrogen signals not only from water and oil but also from solid 

organic matter (Harry Xie, 2018).  The traditional 2 MHz NMR instruments are the 

industry standard for conventional reservoir analysis and characterization. In NMR 

analysis, the instrumental sensitivity and inter-echo spacing time (TE) play critical roles, 
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especially in quantifying porosity and clay bound water. However, the traditional low 

frequency NMR suffers from low sensitivity which leads to a low signal to noise ratio 

when making measurements, requiring a long data acquisition time. The low sensitivity 

makes it difficult to detect and measure small amounts of water or oil in the sample. 

Clearly the traditional surface relaxation based low frequency NMR does not meet the 

requirements for unconventional mudstone reservoir core analysis which must address 

issues such as low signal sensitivity due to low porosities, short T2s due to small pore 

sizes, and identifying water, hydrocarbons, and solid organics which co-exist in fresh 

core samples. The limitations of low frequency NMR can be overcome by using high 

frequency (HF) NMR at 23 MHz which has many advantages including much enhanced 

sensitivity, much shorter inter-echo spacing time, and more comprehensive NMR data 

acquisition methods (Harry Xie, 2018).  

 

Free induction decay (See Appendix I) and CPMG sequences were performed to get the 

T1 and T2 distributions for the samples pre and post spontaneous imbibition experiments. T1 is 

defined as the longitudinal relaxation time for the nuclei of hydrogen to align with the presence 

of a magnetic field. T2 is the transverse relaxation time of those nuclei after being disturbed by 

a radio frequency pulse. T2 measurement provides a useful snapshot of pore body size and the 

area under the T2 distribution equals the NMR porosity independent of the minerology. Also, 

the numbers of peaks observed in  the T2 distribution plots correspond to the number of porosity 

systems that might be present in the rock.   The number of signals averaged  was 16  for both 

T1 and T2, and 3676 echoes were used  for T2 with a T1 Max and T2 Max of 100 ms.  These 

parameters were identical for the entire set of NMR experiments. The objective of the NMR 
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measurements is to acquire information about as received material porosity systems, imbibed 

water and oil volumes, and porosity systems after the spontaneous dual imbibition experiments.  

2.1.9. Dual Spontaneous  Imbibition Experiments 

 

These sets of experiments are the fundamental core of the project and it is from these that 

petrophyscial properties might be extracted. Combining imbibition experiments with all the 

other measurements and image analysis was critical to understanding the physics behind the 

experiments and modeling the results. The combination of imbibition and ion expulsion 

experiments and sample/brine characterization was the approach this project took to gain insight 

into the petrophysical properties of the stimulated rock volume.  

2.1.9.1 Water Imbibition Experiments 

 
The samples (10 g of dry material) were placed in 600 cc of Deionized Water (DI) at 

room temperature and a Hanna 4382 conductimeter was used to measure the solution 

conductivity to explore ionic transport characteristics and influencing factors (Ghanbari et al., 

2013). The objective was to evaluate ionic transport and to use the stabilization of conductivity 

(salinity) to indicate that equilibrium had been achieved. 
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Figure 2.9   Spontaneous Water imbibition experimental set up. 

 

All data are reported at 25 °C. Because a closed apparatus with continuous stirring was 

used for the experiments, evaporation was avoided, and concentration gradients did not develop. 

These two phenomena would introduce important errors in the acquired data, so, we built a 

laboratory setup that avoided those two problems (Figure 2.10).  
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Figure 2.10  Imbibition experiment setup. Conductivity and imbibed volume were measured 

simultaneously. No evaporation, no concentration gradients 

 

Three experiment setups were used allowing simultaneous measurement of the three particle 

sizes. Conductivity was measured every 30 mins for the two first two hours and then once daily 

until equilibrium was reached ( ~ one month). 

2.1.9.2. Oil Imbibition Experiments and NMR.  

 
Using a separate aliquot of the same sample,  20 g of dry sample were placed in 

dodecane (C12H26) at room temperature and the imbibed volume was measured as a function of 

time until equilibrium was reached. The objective was to evaluate the organic porosity present 

in the sample. Fluid levels were measured every 30 minutes for the two first hours and then 

once daily until equilibrium was reached ( ~ 20 days). Subsequently, post imbibition nuclear 

magnetic resonance measurements were acquired.  
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Figure 2.11  Oil Imbibition experiment setup. Imbibed volume was measured during the 

experiment. 

 

2.1.10. Brine characterization  

 
Inductively Coupled Plasma (ICP) analysis was performed to evaluate the chemical 

composition of the cations released from the samples during the imbibition experiments. ICP 

mass spectroscopy uses an ionization source that fully decomposes a sample into its constituent 

elements and transforms those elements into ions. The objective was to evaluate the ions present 

in the supernatant fluid in order to evaluate possible sources of the ions in solution (e.g. 

interactions with clay minerals, residual water saturation, salt dissolution, etc.).    
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Figure 2.12.  Inductively Coupled Plasma (ICP) equipment. 

 

2.1.11. Post – Test Sample Characterization 

 
Nuclear Magnetic Resonance (NMR) data were collected after both water and oil 

spontaneous imbibition experiments in order to evaluate the pore systems (oil versus water 

wetting) in the samples and to quantify the imbibed volumes. The same protocols used for the 

pre-test samples were followed for post-test sample analysis.  

2.1.12 Thin Section Analysis and SEM/EDS.  

 
Finally, image studies, that included transmitted light and high-resolution SEM (pre and 

post imbibition experiments), were performed. The objective was to document mineralogy, 

texture, and pore systems (mineral hosted versus organic matter hosted pores).  This allows us 

to characterize the samples and relate mineralogy (clay content and distribution, authigenic 
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versus detrital phases) and porosity distributions with the results of the other experimental 

techniques. This proved critical to understanding the physical observations. Pre and post 

imbibition images were analyzed to a) evaluate mineral phases contacting the perimeter of the 

ground sample, b) evaluate the distribution of the minerals in the samples, c) analyze possible 

damage present in the sample due to sample preparation, and d) compare image analysis results 

with those based on the other experiments. This information aided in the interpretation of the 

imbibed volume results and the dual imbibition experiments.  
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CHAPTER 3. RESULTS 

 

 In this section, the results of the experiments are  presented. They will be discussed in 

the same order they were performed in the laboratory and by formation.  

3.1 X- Ray Fluorescence (XRF)  

 
 X- Ray Fluorescence measurements were acquired on each of the one foot full diameter 

core samples to document homogeneity in terms of mineralogy along the sample length.  Figure 

3.1 shows the major elements present in sample B(60).  In this sample, magnesium (Mg) is the 

element with the lowest concentration with an average of 12 Kppm and it is constant along the 

interval. Ca, Fe  and S show similar concentrations and they also remain relatively constant. Ca, 

S, Fe and Mg have concentrations under 100 Kppm. In contrast, Al and Si are both present in 

concentrations greater than 100 Kpmm which, is interpreted to be related to  the sample’s clay 

mineral content. This high concentration of Si, and Al, is consistent with the 60 wt% clay 

mineral content reported for this sample. 
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Figure 3.1  Major Element concentration in sample B(60). A homogeneous condition with 

some variation in terms of Al and Si, and Ca can be observed. 

  

 Crossplots between the major elements and Aluminum for B(60) are shown in Figure 3.2, 

as well as the crossplot between Ca and S, and Fe and S. A positive correlation with Si and K is 

observed, which reflects the illitic mineralogy of the sample. Ca decreases with increasing Al, 

which suggests that the calcium present in the sample is authigenic, meaning it was formed in 

their present position , most likely as carbonate cement.  Very poor correlations are observed 

between Al and Fe or Mg suggesting that iron and magnesium are not present in clay mineral 

phases but as pyrite and carbonate (dolomite) respectively. A positive correlation is observed as 

well between Ca and S, which suggested the presence of anhydrite. (CaSO4). Two samples fall 

off of the Ca-S trend.  These samples may have higher carbonate cement content.  Fe is not 

positively correlated with S, suggesting that although there is pyrite in the sample, the 

occurrence of sulfur is more strongly associated with anhydrite, 
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Figure 3.2  Principal elements versus aluminum crossplots for B(60). The weight% of Si 

increases with Al, as well as K, which suggests they are present primarily as 

illite clay minerals. Due to the negative relationship between Ca and Al, one 

scenario is the presence of Calcium as intrabasinal grains and as carbonate 

cement, as well as the presence of anhydrite due to the positive correlation 

between Ca and S. 
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 For sample B(40), shown in Figure 3.3, Ca, K, S and Fe are consistent along the interval, 

showing concentration values under 100 Kppm. Magnesium was not detected in this sample, 

possibly because it is present in low concentrations and Mg is near the lower detection limit for 

light elements in the hand held XRF instrument. Similar to sample B(60) Al and Si show higher 

concentrations. Few measurements were acquired in the sample due to the presence of very thin 

bedding plane fractures in the full core for this interval, resulting in disks of material that were 

thinner than the measurement window of the instrument. 

  

Figure 3.3  Major Elements concentration in B(40).  A homogeneous condition with some 

variation. Fewer measurements due to the inability to place the instrument due 

to core condition. 

  

 Crossplots between the major elements with Aluminum for B(40) are shown in Figure 3.4, 

as well as the crossplot between Ca and S, and Fe and S. Due to core condition (highly fractured) 
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only a small numbers of points could be measured and therefore the correlations are difficult to 

identify in this sample.  However, a positive correlation between Si and Al is observed again, 

similar to the B(60) sample.  Fe is correlated with S, suggesting the presence of pyrite. 

 

 

Figure 3.4   Principal elements and Aluminum Crossplots for B(40). The weight% of Si 

increases with Al, as well as K, which suggests the presence of clay minerals. 

The presence of Calcium as carbonate cement, as well as the presence of 

anhydrite is suggested. 
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 For Sample B(15), magnesium is present, with an average concentration of 17Kpppm. 

This sample displays the lowest aluminium and silicon concentrations observed in the Bossier 

Formation, which is consistent with this sample having the lowest clay mineral content, only 15 

wt%. In this sample there appears to be two distinct lithologies, one more clay mineral rich (top 

portion of core) and one more carbonate rich (bottom half of the the sample). Only the bottom 

half of the core section was homogenized. For the other two samples a homogeneous condition 

with some variation in terms of Al and Si, and Ca are observed. 

  

Figure 3.5  Major Elements concentration in B(15). Two distinct lithologies, one more clay 

mineral rich (top portion of core) and one more carbonate rich (bottom half of 

the sample). Only the bottom half of the samples was homogenized.  
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 Figure 3.6 shows the cross plots between the major elements and Aluminum for B(15). 

Additionally, the cross plots between Ca and S , and Fe and S. A positive correlation with Si 

and K is observed. Ca is decreasing with the increment of Al , which suggested that  calcium is 

present in the sample most likely as carbonate cement.  A positive correlation is observed as 

well between Ca and S, which suggested the presence of calcium as anhydrite (CaSO4). 

 

Figure 3.6.  Principal elements and Aluminum Crossplots for B(15). Data is suggested the 

present of clay minerals, due to the positive correlation between Si , K, and Al. 

CaSO4 presence is also suggested based on the Ca , S crossplots.  
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 Figure 3.7 is a summary of the crossplots between the major elements and Al and Ca with 

S. The size of the point represents the clay mineral content of each sample. In general for the 

Bossier Formation, clay mineral presence is suggested by the positive correlation between Si, 

K and Al. Carbonate may be comprised of either intrabasinal grains or authigenic cements, 

because it has a negative correlation with Al. Anhydrite presence is suggested based on Ca and 

S positive correlation.  

 

 

  

Figure 3.7.  Principal element Cross plots For the Bossier Formation. B(60) is represented 

by the orange points, B(40) is the blue and B(15) is the gray color. Good 

agreement between XRF and clay mineral content of the samples. Presence of 

clay mineral, mostly illite, authigenic carbonate and anhydrite are suggested.  
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 For the two samples from the Haynesville Formation, minimal differences are observed 

in terms of the abundance of Si. We selected these two samples due to their different TOC 

values, not on the basis of minerology.  

  In Sample H(26) , silica concentration is on average 178 Kppm and in H(29) it is 

213Kppm. The high concentration of silica relative to aluminum, suggests that much of the 

silica in the Haynesville is associated with quartz, rather than clay minerals. Aluminum 

concentrations display a similar trend. This is consistent with the clay mineral content reported 

for each of the samples. Magnesium was not detected most likely due to low overall 

concentration and being near the instrument’s detection limits.  In general, the other major 

elements are similar along the lengths of the cores. Result are shown in Figures 3.8 and 3.9. 
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Figure 3.8  Major Elements concentration in H(26).  Major elements are similar along the 

lengths of the core.  
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Figure 3.9  Major Elements concentrations in H(29). A homogenous condition was 

observed. Similar to sample B(40), fewer points were taken here due to full 

core condition. 

 

 

 Figure 3.10 and Figure 3.11 shows the cross plots between the major elements and 

Aluminum for H(26) and H(29). Additionally, the cross plots between Ca and S, and Fe and S. 

Similar relationships are observed for both samples, however, correlations are better defined  

for sample H(26) because of the larger number of points. For both samples, positive correlations 

between Si , K  and Al are observed. Ca and S decrease with increasing Al. A positive correlation 

is observed as well between Ca and S.  
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Figure 3.10  Principal elements and aluminum Cross plots for H(26).  Good positive 

correlation between silica and aluminum, calcium and sulfur can be observed.  
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Figure 3.11  Principal elements and Aluminum Cross plots for H(29). Positive correlation 

between Si and Al are observed.  

 

 A summary of the crossplots between the major elements is presented in Figure 3.12. The 

size of the point is proportional to the clay mineral content. In general for the Haynesville 

Formation, clay mineral content is suggested by the positive correlation between Si, K and Al. 
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Carbonate is inferred to  be of intrabasinal or authigenic origin, due to the  negative correlation 

with Al and anhydrite presence is suggested based on Ca and S positive correlation.  

  

Figure 3.12  Principal elements for the Haynesville Formation. Clay mineral content  is 

consistent with the XRF data. H(26) is represented by the blue points, H(29) by 

the yellow color. Presence of clay minerals, authigenic carbonate and anhydrite 

are suggested. 
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LL(15), with an average of 200 Kppm. Values for all of the principal elements are similar 

along the length of the full core. The results are presented in Figures 3.13 and 3.14.  

 

Figure 3.13  Major Element concentrations in LL(15).   Values for all of the principal 

elements  are similar along the length of the full core for this sample.   

 

  For LL(8), the data suggested that the two samples are not similar. Si, S and Ca are 

more abundant in LL(8), and there are two different trends in the full core . One in the half top 

which is more carbonate rich, and its concentration is decreasing towards to bottom half of the 

core. Same condition is observed in the S.  Si shows a decreasing in the middle of the core and 

then increases again at the bottom. 
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Figure 3.14  Major Elements concentration in LL(8). a) K, Fe, and Al are similar along the 

core. However, Ca, S, and Si show variation. Ca is more abundant at the top of 

the foot of core and decreases towards the base as Si increases  b) Ca content 

of both cores shown in one plot to demonstrate that carbonate content is 

different between the two samples.  

 

  The crossplots for the La Luna Formation samples are shown are Figure 3.15, LL(15),  

and Figure 3.16, LL(8).  For LL(8) , although there are few points, a correlation between Si an 

Al can be observed. This sample does not show a correlation between Ca and Al, nor Ca and S, 

which suggest that Ca is more detrital that authigenic. Presence of anhydrite is not conclusive. 

a) 
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Figure 3.15  Principal element cross plots for LL(15).  
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Figure 3.16  Principal element cross plots for sample LL(8). Data suggest that the sample is 

more carbonate rich than LL(15). These two samples are substantially different 

based on XRF data.  
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 The two the La Luna samples display distinctly different compositions with respect to S, 

Ca and Si  content. S varies dramatically between the two and is substantially higher in LL(8). 

Si also changes dramatically between these two samples, differing by 50%. Similar observations 

are made with respect to K, Ca and Fe. 

 

Figure 3.17  Principal element cross-plots for the La Luna Formation. Results show the 

significant differences between the two samples. LL(15) is more clay mineral 

rich, and LL(8) is more carbonate rich.   
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Figure 3.18  Major Elements average concentration per sample.   Results separated the 

samples between in terms of more clay mineral or carbonate richness.  

  

 The samples with the highest concentrations of magnesium are B(60), and B(15) , both of 

which have on the order of 5wt% Mg.  Mg is most likely present as chlorite in sample B(60) 

and as dolomite in sample B(15). For the remaining samples, magnesium was not detected.  

Weight percent Potassium is similar in all of the samples although it is less abundant in the two 

samples of  the La Luna Formation. This may suggest that clays other than illite are common in 

the La Luna as opposed to the Haynesville and Bossier. Iron has a higher concentration in 

samples B(60) and B(15) and is inferred to be present in those samples primarily in chlorite and 

ankerite (ferroan dolomite), respectively.  Iron is present in fairly low concentrations in the La 

Luna samples. This might be associated with the presence of pyrite or chlorite. B(40) exhibits 

the highest concentration of Ca and S in the Bossier Formation. This may be due to the presence 

of anhydrite. Al concentration is similar in the Bossier, and Haynesville, with an average of 

16%. and decreases to 8% and 4% for LL(15) and LL(8) respectively.  Si is similar for both 

Haynesville samples, with 48 and 42% for H(29) and H(26) respectively. For the Bossier 

samples, Si varies between 48% for sample B(60) and 39% for sample B(40). Ca varies 



90 

 

substantially between the two Haynesville samples , with concentrations of 23% and 15% 

respectively for samples H(26) and H(29).  

3.2. Thermo-Gravimetric Analysis. (TGA).  

 
 After demonstrating suitable homogeneity for the analysis, the samples were crushed and 

sieved into various size fractions.  Following that, Thermo-Gravimetric experiments were 

performed. The objective was to observe the amount of water present in the samples, by 

measuring the weight loss during equilibration at increasing temperatures of 60, 80 and 100 °C.  

Temperatures were increased after the sample weight stabilized for 24 hours. These 

observations might be useful in interpreting the early time mechanisms in the imbibition 

experiments.  

 

     

Figure 3.19  Bossier Formation sample TGA results. 20g of material was used for each 

experiment. In general, the higher the clay mineral content, the higher the 

volume of water lost.       
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In the Bossier Formation, the higher the clay mineral content, the larger the water weight 

removed from the sample. B(60), with a particle size 200 µm, is the sample that shows the 

higher water loss among all the three samples from a room temperature condition to 60 °C. 

Particle size dependency is observed in samples B(60) and B(15) at 60 °C, especially between 

the 200 µm and 500 m size fractions.  The 500 m and 700 m values are similar. This is not 

observed in sample B(40), where all the values are within the error margin, at all temperatures. 

There is not a simple correlation between particle size and measured weight loss during drying. 

          

 

Figure 3.20  Haynesville Formation samples TGA results.   These two samples are similar 

in terms of water loss, consistent with their similar clay mineral content.   

 

 For both Haynesville Formation samples, water losses are similar.  This is not unexpected 

given their similar clay mineral content and suggests that similar results in imbibition and ion 

diffusion experiments might be observed.  Measurements for the three different particle sizes 

are within error bars for each point.  
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Figure 3.21  La Luna Formation samples TGA results. In general, results for the LL(15) 

were similar when compared with the B(15). Including all the samples in the 

study, LL(8) is the sample with the smallest water losses. For the sample with 

8 % clay mineral content, all of the size fractions show the same results, and 

they overlaid on top of each other. 

 

 For samples of the La Luna Formation, a particle size dependency is observed in the 

sample with 15% clay mineral content. For the sample with 8 % clay mineral content, all of the 

size fractions show the same results. The La Luna samples, are lowest in clay mineral content, 

and undergo the lowest weight loss upon heating.  In general, in all the samples, the largest 

water loss due to heating occurred at the first increment in temperature, changing from room 

temperature to 60 C. 

3.3. CEC Results 

 
Cation exchange capacity (CEC) measurements are expected to be related to the imbibition and 

ion expulsion experiments, due to the correlation with clay mineral content and type. For the 

Bossier Formation, nine measurements were acquired, one for each particle size, in the three 

different samples. In figure 3.22, the results are shown in a 3D plot that includes particle size, 

cation exchange capacity, and clay mineral content. CEC decreases with decreasing clay mineral 

content and does not show any variability as a function of particle size. The slope of the line 

between samples of different particle size is on the order of 10^ -6 meq/(gr/µm). Bossier sample 

B(60)200µm has the highest CEC among the set of samples analyzed. 
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Figure 3.22  Bossier Formation CEC results. CEC decreases with decreasing clay mineral 

content in the Bossier Formation, and it does not show a particle size 

dependency.    

 

 To help in understanding the CEC and TGA results, X Ray Diffraction data were acquired 

for samples B(60) and B(15) at different particle sizes, in order to evaluate how the clay mineral 

content changed in each particle size aliquot. The results are shown in Table 3.1 indicating only 

small changes in the clay mineral content as a function particle size, well within what is 

considered the standard error for XRD analysis (typically ~ 5 wt%).  In B(60)200µm, 61.3% clay 

is observed compared with 59.2 and 59.9 % for B(60)700µm and B(60)500µm samples respectively. 

For B(15), the values are identical.   

Table 3.1  XRD Data for B(60) and B(40) at the three different particle sizes     

 

B
(60)

 

B
(15)
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Figure 3.23.  Haynesville Formation samples CEC results. X axis is  particle size, Y axis is 

CEC and Z is clay mineral content. Only two CECs were measured for these 

samples due to material limitations. CEC was similar for both samples. Values 

are 0.318 meq/100 g in H(26) and 0.323 meq/100g in H(29).   

 

 For  the Haynesville Formation,  two measurements were acquired, one for each sample, 

H(26) and H(29), in the smallest particle size aliquot (200 µm) (Figure 3.23). Values are 0.318 

meq/100 g in H(26) and 0.323 meq/100g in H(29).  Although the results suggest that CEC 

decreases with clay mineral content, the values are quite low and possibly within error bars of 

each other. We interpret that the two samples have the same CEC, which is consistent with the 

clay mineral content reported (26 and 29 %).   

 

 For the La Luna Formation, three measurements were acquired, one for each sample at 

the same particle size (200 µm) and one at 700 µm, for sample LL(8).  LL(8) 500 um  was not 

included due to sample amount limitation. The 3D plot is shown in figure 3.24. Values are 0.161 

meq/100 g in LL(15)200 µm,  0.175 meq/100g in LL(15) 700 µm , and 0.171 meq/100g in 

LL(15) 200 µm .   Note that a particle size effect is not observed, based on the comparison 

between the two samples at different particle sizes in LL(8), similar to the condition observed 
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in the Bossier Formation.  Measurements of  CEC suggest  a change as a function of  clay 

mineral content. However, because the values are quite low (possibly within the error margin), 

we again conclude that the two samples have the same CEC.   

 

Figure 3.24  La Luna Formation samples CEC results. X axes is  particle size, Y axes is CEC 

and Z is clay mineral content. For LL(8), measurements were acquired in two 

different particle size. CEC did not change with particle size. Although a 

difference is observed in terms of CEC and clay mineral content, these CEC 

values are within the error range.  

 

 The next three figures (Figures 3.25-3.27) show the results per formation in terms of clay 

mineral content  and cation exchange capacity, using 2D plots. The size of the point is 

proportional to the sample particle size. Figure 3.28 is a summary plot, showing results for all 

three formations.   When presenting the results per formation, the color code will be explained 

in each figure, and is consistent with the colors that have been used in previous figures.  In the 

summary figure 3.28 a color code per formation will be implemented. Orange color will 

represent the Bossier Formation, blue colors will represent the Haynesville, and red colors will 

be used for the La Luna Formation results.   

 Figures 3.25 to 3.27 are called eclipse plots and they show the results for the Bossier, 

Haynesville and La Luna Formation in 2D plots, in which all the particle sizes are plotted 
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proportional to the point size. For the Bossier Formation, clay mineral content is proportional 

to the CEC, and a direct proportionality is suggested. For the Haynesville samples (Figure 3.26), 

due to the similar value of clay mineral content, the CEC is essentially the same value. More 

discussion will be presented in chapter 4. 

 

Figure 3.25  Clay Mineral Content vs CEC for Bossier Formation Eclipse Plot.  CEC is 

independent of particle size; it is directly proportional to the clay mineral 

content. 

    

 

Figure 3.26   Eclipse Plot for the Clay Mineral Content vs CEC for Haynesville Formation. 

Same CEC value for the two samples in Haynesville Formation, which was 

expected due to the similar clay mineral content. 

 

 

 For the La Luna Formation samples, along with sample B(15) from the Bossier Formation, 

the CEC values are the lowest among all of the samples.  Similar to the observations in the 
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Haynesville samples, the measurements suggest that the CECs for the two samples are within 

the error margin, even though the clay volumes are different. This is probably due the low clay 

mineral content. In addition, based on XRF results,  the clay mineral type in the La Luna 

Formation is probably chlorite, which has a very low CEC value. 

 

Figure 3.27  Clay Mineral Content vs CEC for La Luna Formation samples results . Values 

are within the error margin. Same CEC value for these two samples is assumed.  

   

 An eclipse summary plot illustrating all of the data is presented in Figure 3.28.  Orange 

colors represent the Bossier Formation, blue colors are Haynesville Formation and the La Luna 

Formation samples are represented by the red colors. All samples and particle sizes are plotted 

at the same time. When plotted together, a relationship is observed between the clay mineral 

content and the CEC. Further evaluation of this observation will be discussed in Chapter 4. 
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Figure 3.28  Eclipse plot compiling the results for Clay Mineral Content (fraction from 

XRD) vs CEC (meq/100gm). A possible direct proportionality is observed 

when all the samples are plotted with the various particle sizes.  

 

 

Table 3.2  CEC Data for all samples at the three different particle sizes     

 

 

Sample Particle size CEC

um meq/100 g

B(60) 700 0.41

B(60) 500 0.40

B(60) 200 0.40

B(15) 700 0.10

B(15) 500 0.10

B(15) 200 0.10

B(40) 700 0.32

B(40) 500

B(40) 200 0.31

H(26) 700 0.32

H(26) 500

H(26) 200

H(29) 700 0.32

H(29) 500

H(29) 200

LLN(15) 700 0.25

LLN(15) 500 0.25

LLN(15) 200 0.25

LLN(8) 700 0.18

LLN(8) 500

LLN(8) 200 0.17
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3.4. Pre-imbibition Nuclear Magnetic Resonance Results 

 

 Figure 3.29 shows the NMR T2 spectra for as received material (pre imbibition) ground 

to various particle sizes for the Bossier Formation (B(60), B(40) and B(15)).  The dominant 

peak for all samples has a T2 on the order of 0.3 msec and is interpreted to be associated with 

bound water. Above 3 msec, a series of two or three peaks with longer T2s but representing very 

small volumes of free fluid are also present in each sample.  We infer that this may, in part, be 

related to oil-based mud contamination  (Ravinath, (2016)). Particle size dependency is 

observed in the cumulative pore volume, which corresponds to the total area under the curve. 

As grain size increases, total porosity tends to decrease. 

                

 

Figure 3.29   As received material (pre imbibition) NMR T2 spectra in Bossier Formation 

samples. The cumulative volume response from the NMR is proportional with 

the clay mineral content reported for the samples.  
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 Figure 3.30 shows NMR T2 spectra for as received material (pre imbibition) ground to 

various particle sizes for the Haynesville Formation samples (H(26), and H(29)).  Similar to the 

Bossier Formation, a dominant peak for all samples is observed at 0.3 msec T2 associated with 

bound water. Similarly, two or three peaks with longer T2s are also observed (10-100 ms).  A 3 

msec cutoff to divide bound water from free fluids can be used in both formations. Particle size 

dependency is observed in the cumulative pore volume. 

           

 

Figure 3.30  As received material (pre imbibition) NMR T2 spectra in Haynesville 

Formation Samples. Cumulative volume from the NMR are proportional with 

the clay mineral content reported for the samples.  

 

 Figure 3.31 shows the NMR T2 distributions for as received La Luna Formation samples.  

The two La Luna samples show distinctly different responses. For LL(15), the dominant peak 

for all the particle size samples has a T2 on the order of  0.3 msec, similar to the results from 

the Bossier and Haynesville Formations. For LL(8), the dominant peak is no longer at 0.3 msec, 

700 µm 

200 µm 

700 µm 

500 µm 

500 µm 

200 µm 
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but is shifted to 3 msec. There is a lower T2 shoulder on the peak, suggesting the presence of a 

smaller bound water response. This is consistent with the fact that this is the sample with the 

lowest clay mineral content in the sample set.  Similar to previous results, a particle size 

dependency is observed in the cumulative pore volume.  

 

 

 

Figure 3.31  Pre-Imbibition Experiment NMR T2 spectra in La Luna Formation to the 

various particle sizes. These two samples in la Luna Formation shows a 

significant difference in terms of T2 distributions.  

 

 

  

700 µm 

200 µm 

500 µm 

700 µm 

200 µm 

500 µm 
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3.5. Spontaneous Water Imbibition and Salinity  

 

 The following experimental results represent the fundamental data that will be used to 

gain insight into the petrophysical properties of the various formations. Correlation with other 

measurements will be evaluated and from those relationships estimates of fundamental rock 

properties will be extracted. In these experiments, the equivalent NaCl conductivity was 

reported by the conductivity meter, and then, the supernatant salinity was estimated from the 

fluid conductivity using the method of Bateman and Konne (1997), which corresponds to the 

following equations,                             

           ( ) 10
x

ppm NaCl =                  Eq. 3  

             and      753.562 log( 0.0123)x Rw= − − ,             Eq. 4 

 

where Rw75 is the water resistivity at 75 degrees Fahrenheit and x is the water salinity. Bateman 

and Konne’s (1997) estimation of salinity from conductivity assumes that the bulk of the ions 

are Na+ and Cl-.  Based on the results of the ICP experiments, Ca+2 and S+6 are the most abundant 

ions detected in solution. Therefore, the influence of ionic composition on the conductivity was 

investigated. 

  To validate the conductivity data, equivalent NaCl calculations were performed. 

Schlumberger chart GEN-4 (Schlumberger, 2009) was used to calculate equivalent sodium 

chloride total dissolved solids from a known water chemistry sample from ICP.  In figure 3.32, 

a crossplot of the estimated NaCl equivalent salinities from the conductivity meter and our 

calculation is shown.  The values fall very close to the 1:1 line which provides confidence in 

the salinity estimates from the conductivity values.  
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Figure 3.32  Calculated equivalent NaCl salinity (ppm) is in good agreement with the 

equivalent NaCl salinity from the ions detected by the ICP experiments, which 

provides confidence in the conductivity data. 

 

 

 The results of the spontaneous imbibition experiments are shown in Figures 3.33 through 

3.39. Supernatant concentration (Ct) expressed in total number of ions and imbibed water 

volume (Vt), expressed in total number of water molecules, are plotted as a function of time.  

All of the spontaneous imbibition data show two distinct phases in terms of sample response. 

 

 The initial phase, is characterized by a linear increase in salinity as a function of time, the 

slope of which increases as particle size decreases. As salinity increases the samples continue 

to imbibe fluid. This phase can take between 20 days and one month.  Finally, a second phase 

is characterized by stabilization of both salinity and imbibed volume. Stabilization of these 

values is used to indicate that the experiment is complete. Imbibition occurs at  a much slower 

rate than ionic expulsion in the Bossier and Haynesville Formations. In the La Luna Formation, 

both, ionic expulsion and imbibition, occur more slowly than in the Bossier, and at similar rates 
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to those observed in the Haynesville. The data also suggest that as the particle size decreases 

for each sample, the equilibrated salinity of the supernatant fluid increases.  Further evaluation 

of this observation will be discussed in a later section. Figures 3.33 and 3.34 illustrate the results 

for samples of the Bossier Formation. The point size is proportional to the particle size for each 

aliquot. All samples reached equilibrium. Orange curves correspond to B(60), blue curves 

correspond to B(40) and B(15) is represented by the gray curves. B(60)(200 µm) and B(40)(200 µm) 

are the samples for which the highest conductivity was measured.  

 

These samples also imbibed the largest volume of water among the Bossier Formation samples. 

The opposite was observed in B(15) when conductivity is the lowest for all particles sizes, and  

also for the volume, with the exception of B(15)(200 µm) .  The conductivity response appears to 

be linear with the clay mineral content, but the relation is not perfect.   

 

  Figure 3.33.  Spontaneous Water Imbibition Experiments in the Bossier Formation. 

Concentration estimates, converted from conductivity and expressed as number 

of ions, for the various particle sizes are plotted against time. In general, the 

200 µm particle size experiments display the highest salinity, followed by very 
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similar response from 700 µm and 500 µm size fractions. 700 µm provides 

more conductivity than 500 µm. In general, a proportionally with clay mineral 

content is observed, however is not perfect. 

 

            

Figure 3.34.  Volume Imbibition Experiments in the Bossier Formation. In general, the 

imbibed volume increases as clay mineral content increases. Sample B(40) 

represented by the blue color does not follow the same trend of particle size and 

imbibed volume, which is observed in B(15) in gray and B(60) in orange. 

 

 

 Figures 3.35 and 3.36 show the results for the experiments in the Haynesville Formation. 

Salinity estimates calculated from the measured conductivity and the imbibed volume are 

plotted as a function of time. Similar to results in the Bossier, two distinct phases are also present 

in these samples. H(26) and H(29) show similar results in terms of conductivity, a result that 

was expected due to the similar clay mineral content, TGA and CEC results. Both samples 

stabilize in the same amount of time, approximately 20 days.  

 We observe that although the conductivity has reached stabilization, imbibed volume 

continues to increase.   Additionally, similar to the B(40) sample in the Bossier Formation,  in 

the Haynesville samples, the proportionality between salinity and particle size is not as clear, 

although the finest particle size, H(26)200µm and H(29)200µm still produces higher conductivity 
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and therefore the higher salinity. However, the supernatant fluid for the 700 µm samples 

displays a higher conductivity than that for the 500 µm aliquots. A second observed difference 

between the Haynesville and Bossier Formation results is the volume of imbibed water, which 

is larger in the Haynesville than in the Bossier. Differences in minerology and porosity might 

explain these results.  This will be evaluated by using imaging and image analysis, and post 

imbibition NMR evaluation. 

 

Figure 3.35.  Spontaneous Water Imbibition Experiments in the Haynesville Formation. 

Salinity measurements for the various particle sizes are plotted against time. 

Each sample has three curves, corresponding to the three particle sizes. The 200 

µm samples display the highest salinity, followed by the 700 µm and 500 µm 

size samples. 
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Figure 3.36.  Volume Imbibition Experiments in the Haynesville Formation. Imbibed water 

volume measurement for various particle sizes are shown. These samples did 

not equilibrate in terms of imbibed volume. We estimate equilibrated imbibed 

volumes by curve fitting to the data. 

 

  Salinity results for the La Luna Formation are shown in Figure 3.37. Imbibed water 

volumes are shown in Figure 3.38. The larger particle sizes in these sample (LL(8)700µm and 

LL(8)500µm) produced equal  equilibrated salinities.  

 Sample LL(15) produced higher salinity and, similar to the B(40) in the Bossier and all 

aliquots in  the Haynesville Formation, there is not a simple correlation between equilibrated 

salinity and particle size, although equilibrated salinity increases as clay mineral content 

increases.  Results suggest that LL(8) reaches equilibrium faster than LL(15). Evaluation of 

equilibration time data appears in a later section.  
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Figure 3.37.  Spontaneous Water Imbibition Experiments in the La Luna Formation. Salinity 

measurement for the various particle sizes plotted against as a function of time. 

Each sample has three curves, corresponding to the three particle sizes. The 200 

µm particle size produces the highest salinity. The 700 µm and 500 µm 

salinities are nearly equal. 

 

The La Luna Formation samples imbibed the largest volumes of water in the tested 

formations. For LL(8) the imbibed water volumes are 7, 5.7 and 4 ccs for 200µm, 500µm, and 

700 µm samples, respectively, and stabilization was not reached.  For sample LL(15) the 

imbibed water volumes are 7, 6.6 and 5.5 ccs for  the same particle sizes and it seems that 

equilibrium is nearly achieved. The 200 µm particle size in both samples imbibed the same 

volume of water although clay content varies. Sample LL(8) reaches equilibrium faster than 

sample LL(15), in contrast to observations in the Bossier Formation. LL(15) shows that 

imbibition equilibrated faster than conductivity.  These observations are evaluated in a later 

section. 
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Figure 3.38.  Spontaneous Water Imbibition Experiment results in the La Luna Formation. 

Imbibed water volume varies as a function of particle size. In sample LL15 

the imbibed volume equilibrated before the conductivity.  

 

3.6. Post - Water Imbibition Nuclear Magnetic Resonance Results 

 

 After the water imbibition experiments, and to evaluate the pore systems and imbibed 

water volumes, NMR data were again acquired for the samples.  

 

 In Figure 3.39, results for the Bossier Formation are presented.  B(60), B(40), and B(15) 

post imbibition NMR measurements display two different pore systems. These peaks in the T2 

distribution suggest a slight increase in the volume of bound fluid, and a slight shift in the peak 

position with a  T2 at 0.6 msec on average. After imbibition there is a significant increase in the 

free water saturation. Sample B(60), (Figure 3.38a),  shows a particle size difference in the T2 

position for the peak related to free water.  B(60)200µm, has this peak at 10 msec, whereas samples 

B(60)500µm, and B(60)700µm display the free water peak at 20 msec. A third peak is observed only 

LL(15)
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in the B(60)700um sample, with a mean T2 at 200 msec. In terms of imbibed water volume, 

B(60)200µm , B(60)500µm  and B(60)700µm imbibed  3.93 cc, 3.80 and 3.51 ccs respectively.  

 

 Figure 3.38b, shows the results from sample B(40). B(40)200µm displays two peaks. The 

peak associated with free water occurs at 70 msec. Samples B(40) 500µm and B(40) 700µm  display 

very similar results, both comprising three peaks. One is associated with bound water at 

approximately 1 ms, a second peak  at 20 msec, and a prominent third peak at 280 msec. In 

terms of imbibed water volume, B(40)200µm, B(40)500µm  and B(40)700µm imbibed  3.36 cc, 2.73 cc 

and 2.52 cc respectively.  Imbibed volume decreases as particle size increases.   

 

 Figure 3.38c, shows the results from sample B(15).  B(15)200µm shows a T2 distribution 

with a peak at 22 msec and a shoulder effect at lower relaxation time, suggesting that two peaks 

are probably present. This particle size imbibed the most water, 2.64 cc.   

 

 B(15)500µm shows three peaks , one related to bound water at approximately 1 msec, a 

second peak at 14 msec, probably associated with free water, and a larger peak at 281 msec. 

This sample imbibed a similar volume of water to the B(15)200µm sample. B(15)700µm shows only 

two peaks. One associated with bound water and a second peak at 1 msec. A second peak, 

possibly associated with free water is observed at 141 msec.  The presence of a shoulder effect 

is observed on the lower T2 side of the free water peak, suggesting that two peaks are present. 

This sample imbibed the lowest volume of water, 2.03 cc.   
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Figure 3.39   Post - water imbibition - Nuclear Magnetic Resonance and Imbibition Results. 

a) B(60), b) B(40) and c) B(15). Two pore systems, including bound water, can 

be observed in the smallest particle sizes. A third por systems, that is inferred 

to be associated with fractures generated in the sample preparation is also 

observed.  
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Table 3.2.  Summary for T2 Peaks and imbibed volumes from the post NMR experiments 

in the Bossier Formation.  

 

 
. 

 

 

 Figure 3.40, shows a 3D plot summarizing the clay content and imbibed volume as a 

function of particle size. In general, as clay mineral content decreases, the imbibed water volume 

decreases.  As the particle size to which the sample was ground increases, so does the T2 for the 

principal peak that is inferred to represent imbibed free fluid, although the total imbibed volume 

decreases.  The size of the points on the plot is proportional to the imbibed volume, so, as particle 

size increases, the symbol size decreases.  

 

Figure 3.40  Post - water imbibition - Nuclear Magnetic Resonance Results Summary. 

Imbibed volumes from the NMR are consistent with the imbibed volume from 

the imbibition experiments. The point size is proportional to the imbibed 

volume, which increases with clay mineral content and with decreasing particle 

size.   

Sample Size Volume

um usec usec usec cc

B(60) 200 0.6 10 3.9

B(60) 500 0.6 20 3.8

B(60) 700 0.7 20 200 3.5

B(40) 200 1.0 3.4

B(40) 500 1.0 20 280 2.7

B(40) 700 1.0 20 280 2.5

B(15) 200 1.0 2.6

B(15) 500 1.0 14 280 2.6

B(15) 700 1.0 14 141 2.0

T2 Peaks

71

20
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The imbibed volumes from the spontaneous imbibition experiments are consistent with 

the NMR volumes. A cross plot of the values falls close to a 1:1 relationship for the Bossier 

Formation.  Most of the values fall just above the 1:1 line indicating a slightly higher imbibed 

volume from NMR than from the imbibition experiment measurements (Figure 3.41). This may 

be due to errors in reading the imbibed volume from the calibrated glassware.  One sample, 

B(60)200 µm, imbibed more water during the imbibition experiment than suggested by the NMR 

data.   These results will be the subject of further evaluation (See Figure No 3.41). 

 

Figure 3.41.   Post - water imbibition – NMR Vs Spontaneous Imbibition Imbibed Volume 

Measurement. Results lie close to the 1:1 line. One point showed  unexpected 

imbibed volumes.  B(60)200 µm imbibed more water during the imbibition 

experiment than suggested by the NMR data.  This will be evaluated in a later 

section. 
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 Figure 3.42 shows the post imbibition NMR results for the two samples in the Haynesville 

Formation. Figure 3.42a shows the results for sample H(26).  The T2  spectrum for sample 

H(26)200 µm shows two peaks, one related to bound water at approximately 1 msec, and a second 

one related to free fluids at 70 msec. 

 

 A shoulder on the left side of this peak suggests the presence of an additional peak.  

Sample H(26)200 µm imbibed 5.22 cc of water, slightly more than the second Haynesville 

Formation sample. Samples H(26)500µm and H(26)700µm show similar results to one another in 

terms of T2 distribution. Both display three peaks, one associated with bound water at 

approximately 1msec , a second peak at 20 msec, and a third large peak at 280 msec. H(26)500 

mm imbibed 4.60 cc of water and H(26) 700 mm  imbibed 3.89 cc.  

  

 Figure 3.42b shows the results for the three particle size aliquots for sample  H(29). As 

expected, given their similar mineralogy, post imbibition T2 spectra for H(29) are similar to 

those observed for H(26). H(29)200um shows two peaks, one associated with bound water at 

apprroximately1.4 msec and a second peak associated with free fluids at 35 msec.  This sample 

imbibed 4.80 cc. Samples H(29)500µm and H(29)700µm show similar results in terms of T2 

distribution. Both display three peaks, one associated with bound water at 1.4 msec, a second 

peak at 20-25 msec, and a dominant peak at 200-250 msec Sample H(29)500µm imbibed 4.42 cc 

and sample H(29)700µm imbibed 4.10 cc of water.  
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Figure 3.42  Post - water imbibition - Nuclear Magnetic Resonance Results. Haynesville 

Formation results from post-imbibition NMR are similar. The smallest particle 

size exhibits two pore systems and the largest exhibits three. Cumulative 

imbibed volumes are similar. This behavior was expected due to the similarity 

in clay mineral content for the two samples.  
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Table 3.3.  Summary for T2 Peaks and imbibed volumes from the post NMR experiments 

in the Haynesville Formation.  

 
 

 

 Figure 3.43 shows a summary diagram for the Haynesville Samples. Imbibed volume is 

proportional to the size of each point. The volume of water imbibed increases as particle size 

decreases. Results for H(26) and H(29) are similar. This was expected due to their similar clay 

mineral content. 

 

 
 

Figure 3.43  Post - water imbibition - Nuclear Magnetic Resonance Results Summary- 

Haynesville. Imbibed water volumes are similar between the two samples. 

Imbibed volume is proportional to the size of each point. The volume of water 

imbibed increases as particle size decreases. Results for H(26) and H(29) are 

within the error margin.  

 

 

Sample Size Volume

um usec usec usec cc

H(26) 200 1.0 5.2

H(26) 500 1.0 20 280 4.6

H(26) 700 1.0 20 280 3.9

H(29) 200 1.4 4.8

H(29) 500 1.4 25 200 4.4

H(29) 700 1.4 20 250 4.1

71

35

T2 Peaks
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 Figure 3.44 shows a comparison between the imbibed volume from the spontaneous 

imbibition experiments and the NMR volumes. NMR imbibed water volumes are consistent 

with the imbibed volume measured during the imbibition experiments; they are very close to 

the 1:1 line.  The agreement between the two techniques is better than for the Bossier samples.   

  
 

Figure 3.44 Post - water imbibition – NMR  Vs Spontaneous Imbibition Imbibed Volume - 

Haynesville. Comparison between the measurements in terms of imbibed 

volume are consistent. Proximity to the 1:1 line illustrates the agreement 

between the two techniques.  

 

La Luna Formation results are shown in Figure 3.45. For LL(15)200mm, (Figure 3.45a), two 

peaks are observed, one associated with bound water at shorter T2 (slightly less than 1 msec), 

and a second one at larger T2 associated with free water, at 100 msec. This peak is significant 

in terms of cumulative volume. Sample LL(15)200µm imbibed 3.1 cc of water. Samples 

LL(15)500µm and LL(15)700µm both display three peaks, one associated with bound water at 1 

msec, a small second peak at approximately 20 msec (free water), a third peak with a T2 time of 

220 - 280 msec. This might be associated with fractures created during sample preparation.  

H
(29)
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For sample LL(8)200um (Figure 3.45b) two peaks are observed that correspond to bound 

water at approximately 1.5 msec and free water with a T2 on the order of 20 msec. Samples 

LL(8)500µm and LL(8)700µm both display three peaks, one associated with bound water at 1 msec, 

a small second peak at approximately 20 msec (free water), and a third peak with a T2 time of 

250 and 310 msec respectively. This third peak may be associated with fractures created during 

sample preparation. The La Luna Formation is the only sample set for which the largest particle 

size is observed to imbibe the highest volume  of water.  

 
 

a) 
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Figure 3.45   Post - water imbibition - Nuclear Magnetic Resonance Results – La Luna. 

Samples LL(15)500µm and LL(8)700 µm are similar in terms of post 

imbibitionT2 distribution. Both of them display three peaks, one associated 

with bound water at slightly more than 1 msec, a second peak 20 msec and a 

third, more significant peak at 200 msec associate with free water and inferred 

induced fractures formed during sample preparation.  

 

 

Table 3.4.  Summary for T2 Peaks and imbibed volumes from the post NMR experiments in 

the La Luna Formation.  

 

 
 

 

 

 In summary, for the La Luna samples, the volume of imbibed water increases with the clay 

mineral content. A particle size dependance is observe in sample LL(15) but is not present in 

sample LL(8) (See Figure 3.46).   

Sample Size Volume

um usec usec usec cc

LL(15) 200 0.8 3.1

LL(15) 500 0.8 20 220 2.5

LL(15) 700 0.8 20 280 2.8

LL(8) 200 1.5 16 2.6

LL(8) 500 1.5 22 250 2.7

LL(8) 700 1.5 22 310 2.7

T2 Peaks

100

b) 

LL(8) 
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Figure 3.46   Post - water imbibition - Nuclear Magnetic Resonance Results Summary – La 

Luna Formation. Imbibed volume increases with clay mineral content in the La 

Luna Formation.  Particle size trends in imbibed volume are not consistent. 

 

 

 

Comparing the two techniques, NMR and imbibition experiments, the La Luna Formation 

samples are unique. The NMR imbibed water is less than the spontaneous imbibition experiment 

imbibed water volume.   For sample LL(8), all the particle sizes imbibe the same amount of 

water based on the NMR results; in contrast, the volumes  are different based on the imbibition 

results; by 2 cc for samples LL(8)700µm and LL(8)500µm, and by 1.5 cc of water for samples 

LL(8)500µm and LL(8)200µm in the spontaneous imbibition experiments (See figure 3.47).  

Based on the NMR data, La Luna Formation corresponds to the lowest imbibed water 

samples. However, they were the samples that imbibed the most in the spontaneous imbibition 

experiment. Because the samples remained in the lab for an extended period of time between 

the end of the imbibition experiment and the NMR measurement due to Covid related 

shutdowns, some evaporation may have occurred prior to collecting the NMR data.   
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Figure 3.47   Post - water imbibition – NMR  Vs Spontaneous Imbibition Imbibed Volume 

– La Luna Formation. The Y axis represents the imbibed water volume 

measured by the NMR and the X axis is the imbibed volume from the 

imbibition experiments. Only in the La Luna Formation do NMR results show 

less water than the imbibition experiment results. Because of the very low clay  

content and Covid related lab shutdowns that delayed NMR measurement 

relative to the imbibition studies the samples may have partially dried prior to 

the NMR measurement.  

 

 

3.7 Oil imbibition Experiment Results 

 

  A second set of sample aliquots was used for the oil imbibition experiments. 

The oil imbibition volumes are presented in Figure 3.48. Each point represents the equilibrated 

volume at the end of the experiment for various particle sizes and clay mineral content samples. 

B(60)200µm, B(60)500um and B(60)700um imbibed 0.9 cc, 0.7 cc, 0.5 cc respectively. B(15)200µm, 

B(15)500um and B(15)700um imbibed 0.4 cc, 0.3 cc, and 0.3 cc respectively.  Error bars are 

associated with the volume readings using the graduated flask and are equal to  0.05 cc. A 

particle size effect can be observed in sample B(60) but is not observed in sample B(15). This 

may be related to differences in total organic carbon content (TOC).  Sample B(60) has a 
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reported TOC of 2.43 wt % whereas sample B(15) has a reported TOC of 1.51 wt %. Because 

we do not know how representative the sampling was for the reported TOC values was (data 

were provided by a third party), we will make independent estimates of TOC  using image 

analysis on each sample aliquot. 

 

Figure 3.48   B(60) and B(15) Post - oil imbibition volume results for the Bossier Formation 

samples. B(60) imbibed more oil than B(15) and a particle size effect is present 

in both samples, being more strongly developed in B(60).   As organic matter 

increases, so does the imbibed oil volume. B(40) was not acquired because 

sample amount limitation. 

 

 Imbibed oil volumes for the Haynesville Formation samples are shown in Figure 3.49. 

Samples H(29)200µm, and H(29)700um imbibed 1.1 cc, 0.9 cc, respectively. In contrast, samples 

H(26)200µm, H(26)500mm, and H(26)700mm all imbibed equal amounts of oil, 0.3 cc. The criteria 

used for the error bars are as described for Figure 3.48. A particle size effect is observed in 

sample H(29) but is not present in sample H(26). Both samples have relatively high TOC 

content.  Sample H(26) has a reported TOC of 4.44 wt % and sample H(29) has a reported TOC 

of 3.8 wt %). These values will be validated using the results of image analysis for the individual 
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aliquots.  Sample H(29) 200µm imbibed the largest volume of oil among all the tested samples.  

 

Figure 3.49   Post - oil imbibition Volume Results for samples of the Haynesville Formation. 

A particle size effect can be observed in H(29) but is not present in sample 

H(26). There is no correlation between imbibed volume and reported TOC.  

These values will be validated using image analysis results on the individual 

sample aliquots. 

  

 Oil imbibition volumes for the La Luna Formation samples are shown in Figure 3.50. 

A particle size effect is observed for both samples.   Samples LL(15)200µm, LL(15)500um and 

LL(15)700um imbibed 0.4 cc, 0.3 cc, 0.15 cc respectively. Error bars are equal to 0.05 cc. Samples 

LL(8)200µm, and LL(8)700um imbibed 0.3 and 0.1 cc respectively.  
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Figure 3.50   Post - oil imbibition volume results for La Luna Formation samples. A particle 

size dependency is observed in both samples. These sample oil imbibition 

volumes are lower than expected. Further analysis of these results will be 

discussed in a later section.    

  

3.8 Inductively Coupled Plasma Results (ICP) 

 

 

 ICP data were acquired on a diluted aliquot of the supernatant fluid from the 

end of each water imbibition experiment. The ions evaluated were Ba+2, Ca+2, Fe3+, Fe2+, K+1, 

Mg+2, Na+1, S+6 and Sr+2.  Summation of total ionic concentrations, assuming charge balance by 

chloride ions, and inversion for equivalent NaCl salinity shows that these results are in good 

agreement with the estimate of NaCl equivalent salinity from the conductivity measurements 

made during the imbibition experiments. This also validates the method used to convert 

conductivity to an equivalent salinity with the Bateman and Konne (1997) equation. High 

concentrations of calcium and sulfur ions are inferred to result from dissolution of anhydrite. 

This is in good agreement with the correlation observed in the XRF data for these elements, 
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particularly for samples B(60), B(15), H(26) and LL(8). The samples that show the lowest 

salinities in the imbibition experiments, B(15) and LL(8), are the samples with the lowest 

supernatant concentration of Ca+2.  In Figure 3.51 a-c, the results for the Bossier Formation 

samples are shown, with B(60), B(40) and B(15) indicated by orange, blue and gray bars 

respectively.  The concentrations presented in the plots are measured on diluted samples and do 

not indicate in situ salinity values.  In Figures 3.52 and 3.53, results for Haynesville and the La 

Luna Formations are presented. Colors represent each particle size, decreasing from left to right. 

Calcium and Sulfur ions are more abundant in the supernatant fluids associated with the smallest 

particle size. This observation applied to all the samples in the three different formations.  We 

believe this is an artificial effect, created by crushing the samples and that a correction must be 

applied.  

 

a) B(60) 
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Figure 3.51  Supernatant fluid ionic composition for samples a) B(60), b) B(40) and c) 

B(15). Based on the data, the number of ions in solution is proportional to the 

clay mineral content.  Ca+2, Na+1, and S+6, are the most abundant ions in the 

supernatant fluid. Orange colors represent the 700 µm, blue 500 µm and gray 

200 µm particle sizes respectively.  

 

b) B(40) 

c) B(15) 
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Figure 3.52  Supernatant fluid ionic composition for a) H(26), and b) H(29). As expected, 

the number of ions released from these samples is similar. Ca+2, Na+1, and S+6, 

are the most abundant cations in the supernatant fluid. Particle size increases 

from left to right for all the samples.   

 

 
 

Figure 3.53  Supernatant fluid ionic compositions for a) LL(15), and b)LL(8). The number 

of detected ions is proportional to the clay mineral content and is in good 

agreement with the salinity results estimated from conductivity.  Ca+2, Na+1, 

and S+6, are the most abundant ions in the supernatant fluid. Particle size 

increases from left to right for each of the samples. 

H(26) 

H (29) 

 

LL(15) 

LL (8) 
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3.9 Imaging and Image Analysis 

3.9.1 Transmitted Light Microscopy and Scanning Electron Microscopy 

 

Thin sections were made using subsamples of the material of each particle size in order to 

characterize the samples used in the imbibition experiments.  Figure 3.54, illustrates a single 

field of view from thin section scans of the coarsest and finest material, from sample B(15). The 

images were segmented for the clay plus organic matter phase (dark in plane light) to estimate 

the volume of clay material present in each sample size. Samples corresponds to the 750 – 500 

µm and 212 -106 µm particle sizes.  The  area of clay plus organic matter (shown in light blue; 

proportional to volume), for porosity (darker blue), and for dolomite content.  The area percent 

of phases corrected for the area of interparticle space in each image was calculated. 

 

Figure 3.54  Bossier Sample B(15) thin section image analysis for the coarsest and the finest 

material. For both samples, the original (left) and the segmented images (right) 

are shown. Both fields of view are 677 microns wide by 448 microns high.  

 

700 m 

200 m 
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 Light blue regions in the segmented images (right side) indicate the area in each image 

that is interpreted to comprise clay minerals (including clay sized quartz, feldspar, and pyrite) 

and organic material.   

 

 SEM images were acquired and  analyzed using an in house interpretation software (QPI 

– Quantitative Petrograhic Interpretation).  Figure 3.55 shows an original image (a) for sample 

H(26) and the interpretation (b) by segmenting the components using different colors. Quartz, 

calcite/dolomite, pyrite, clay minerals, and porosity plus organic material were identified. For 

the same image a separate segmentation was performed for porosity only and  organic matter 

associated pores and mineral associated pores identified. All images were analyzed and two 

groups of principal components were idenfitied. The first group of components will have only 

a minor impact on conductivity and imbibition (quartz, calcite/dolomite).  The second group of 

mineral components (clay minerals and anhydrite) will significantly influence both processses. 

Figure 3.55 (b) shows in gray the clay minerals and in ligth blue the total organic material plus 

porosity, respectively. Figure 3.55 (c) is an image from sample B(60) illustrating anhydrite 

present between the clay platelets. 
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Figure 3.55  Imaging and image analysis were performed to help to develop the conceptual 

model. The original image is shown in a) and b) shows the different components 

of that original image, segmented by relative gray levels . Yellow represents 

quartz, purple represents dolomite, pink is pyrite, light blue is organic material 

plus porosity and the remainging area in gray comprises clay minerals and 

micas. In c) an example of the typical distribution of anhydrite is shown. 

  

a) b) 

c) 
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CHAPTER 4. MODELING AND DISCUSSION 

 

 On the basis of  imagining, image analysis and experimental observations, a  conceptual 

model was defined. Our observations establish that each particle can be described as being 

composed of two  groups of components : 1) those components that do not significantly impact  

either the conductivity or  imbibition processes, such as calcite (CC) /dolomite/quartz and 2)  

components that contribute to  both processes. 

  

 Both ion expulsion and imbibition are controlled by this second group of components 

which includes:  

• Clay minerals, where most of the surface area is present 

• Mineral salts, in this case anhydrite (A) and,   

• Total Porosity (inorganic, or mineral hosted, and organic matter hosted) 

 

Figure 4.1  Conceptual model of an unconventional  reservoir: One group of components 

comprising  CC- Calcite , DOL-Dolomite and Q - Quartz, and a second group 

comprising clay minerals, anhydrite, and organic components.  The second group 

directly contributes ions to the supernatant fluid and is responsilbe for the 

increasing conductivity with time, and provides the pathways for fluid imbibition. 
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4.1 Clay mineral content and salt dissolution 

 

 Experimental results suggest that clay mineral content and salt dissolution strongly 

influence the results of the spontatenous imbibition/conductivity experiments,  Therefore, it is 

important to evaluate whether there is any relationship between the two mechanisms. Figure 4.2 

illustrates the  total Ca+2 and SO4-2 ions in the supernatant fluid based on  ICP results plotted 

aginst clay mineral content from XRD data for the three different formations. There is no  

observed correlation  between clay content and the volume of dissolved anhydrite. This suggests 

that the occurrence of these phases  are independent of each other (ie. Anydrite is not 

preferentially associated with clay mineral associated porosity). Thus, the model developed 

using the experimental results treats these two components separately.   

 

 

Figure 4.2     Anhydrite Vs Clay Mineral Content. For all of the formations studied, there is 

not a strong correlation between clay mineral content and anhydrite content. 
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4.2. The influence of particle size 

 

 

 The initial examination of the experimental data showed a relationship between the 

particle size to which the samples were ground and the supernatant conductivity and imbibed 

volume as a function of  time. However, CEC and XRD measurements did not vary as a function 

of particle  size. The cause of this apparent disagreement among the techniques became apparent 

when the supernatant fluid chemistry was analyzed.  The contribution of Ca+2 and SO4-2  ions 

present in the supernatant fluid was  observed to increase as particle size decreased. Figure 4.3, 

shows those results, which are consistent for all of the samples. Because anhydrite cleaves and 

has a hardness of only 3.5 on the Mho’s hardness scale, it is inferred to break more easily during 

sample preparation (crushing) and become concentrated in finer sieve fractions. For this reason, 

a correction for anhydrite was applied to the conductivity data. Figure 4.4 shows the results of 

anhydrite corrected supernatant conductivity, and the particle size dependance is no longer 

observed. This agrees with the CEC and XRD results.  

 

Figure 4.3 Anhydrite present in supernatant fluids is observed to be a function of particle 

size  in all the tested formations.  See text for discussion. 
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Figure 4.4  Anhydrite correction to the supernatant conductivity. After applying the 

anhydrite correction to the supernatant conductivity, only a weak relationship 

or no relationship between particle size and equilibrated conductivity is 

observed. B is for Bossier and the number in parentheses is the clay mineral 

content (wt%). 

 

 

 The distribution of the anhydrite remaining within the samples will also impact the 

conductivity and imbibition processes as a function of the relative exposure of the anhydrite to 

the DI water (supernatant fluid). Figure 4.5 shows the two typical distribution types for the 

anhydrite (indicated by blue boxes in the images) that were observed in the samples.  Anhydrite 

is observed precipitated in between clay platelets, figure 4.5 (a), particularly in the Bossier 

Formation.  It is also observed  filling larger fractures, figure 4.5 (b), which is more common in 

the La Luna Formation. The Haynesville Formation exhibits both of these distributions in 

similar proportions.  

 

 When exposed to the DI water used for our experiments, we expect that any precipitated 

salts present in the samples will be subject to dissolution.  Numerous researchers have carried 
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out experimental and numerical investigations into the factors affecting the dissolution process, 

including: the effects of temperature, pressure, mineral solubility, salinity of solvent, the area 

exposed to fluid flow, flow velocity, and purity of the sample. Gypsum, anhydrite and halite are 

common soluble minerals widely found at varying depths within global reservoirs. When 

anhydrite is in contact with pore water, it begins to dissolve, releasing calcium and sulphate 

ions. Once the equilibrium concentration of gypsum is reached, the latter starts to precipitate 

(Serafeimidis, 2018). The kinetics of gypsum dissolution are found to be transport-controlled, 

whereas the rate of dissolution of anhydrite is controlled by both chemical and transport 

processes (Barton and Wilde, 1971). The dissolution rate for  anhydrite is much slower than that 

for gypum (Klimchouk, 2000).  This is consistent with the long times required for imbibition 

experiments in samples containing anhydrite. This observation, along with the Ca/S ratio of the 

calcium sulfate phase obtained from electron microprobe analysis, both suggest that the 

precipitated phase in the samples is anhydrite (precipitated in the subsurface) and not gypsum 

(precipitated at the surface after core acquisition).  Anhydrite dissolution not only expels ions 

to the supernatant fluid, it also creates new pore space that must be accounted for in the imbibed 

fluid volumes.     
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Figure 4.5 Anhydrite is observed precipitated between clay platelets, (a), more common 

in the Bossier Formation or filling larger fractures, b), more observed in the 

La Luna Formation. Haynesville Formation shows both distribution types.  

 

 

4.3 Modelling Equations 

 

 

 After the conceptual model was defined, spontaneous imbibition experiment data were 

fitted using regression techniques. The resulting equations are shown in equations 5 and 6,  

                                 Eq. 5 

      and                             Eq. 6 

 

 

where, Ct is the fluid equivalent ionic concentrations calculated from conductivity, Vt is the 

imbibed fluid volume, t is the experiment duration time required to reach Ct, 𝑡𝑐
𝑐  is the 
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characteristic time that is needed for the concentration to reach equilibrium, Ce is the 

equilibrated fluid concentration, Ve is the equilibrated imbibed fluid volume at the end of the 

experiment and 𝑡𝑐
𝑖   is characteristic time for  the imbibition process to reach equilibrium. 

 

 In Figure 4.6, an example of the data for one of the samples is presented, where both, total 

concentration (Ct) and total volume are plotted as a function of time. The points represent the 

experimental data and the lines represent the best fit line to the data. Concentration is 

represented by points and error bars in gray. Blue points and error bars correspond to the 

imibition data. The Ve scale was selected such that both equilibrated values merge together, 

being in equilibrium from that point forward.  

 

          

Figure 4.6 Defining the equation terms. concentration increases with time, at a rate that 

is a function of mineralogy and the connectivity of the phases. The final 

equilibrated concentration (Ce) is, controlled by clay mineral content and the 

presence of anhydrite.   
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 Results of the combined imbibition/conductivity measurements suggest a direct 

proportionality between the  conductivity at equilibrium and the imbibed volume at equilibrium 

and that the relationship is unique to each formation (Figure 4.7). Equilibrated concentration is 

consistent with a  direct proportionality to the equilibrated imbibed water volume. 

 

Figure 4.7  Ce is expressed in ions and imbibed water in total water molecules. A direct 

propotionality between Ce and Ve is observed and the relationships varies by 

formation. Color represent the different formations. 

 

 

 

 Based on the positive correlation between the Ca and S observed in the XRF, the presence 

of these ions in the supernatant water from the ICP, and the anhydrite observed in the images,  

the   impact of anhydrite on the equilibrated conductivity (Ce) of each formation was evaluated. 

Figure 4.8 shows the equilibrated concentration expressed in number of ions (Ce) against the 

final concentration from the ICP. Although there is a strong positive correlation between CaSO4 

and Ce for the La Luna Formation, suggesting that  anhydrite dissolution is the primary 
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mechanism, this is not the case for the Haynesville and Bossier Formations. For those 

formations, other mechanisms are controlling the Ce at equilibrium.  

 

Figure 4.8.  Equilibrated Ce and Final Anhydrite Concentration: In the La Luna Formation 

the correlation is significalty important based on the R2, but for Haynesville 

and Bossier, there is more to be evaluated.  

 

 

4.4 Conductivity and Imbibition Modelling 

 

 The change in conductivity with time is divided into three phases.  At early time, water 

reacts with the surface of the particles and dissolves  precipitated salts producing the initial 

conductivity (Ci) in the experiment. Subsequently, imbibition starts, and the water interacts with 

the internal surface area of the particles.  During this phase, the increased conductivity is 

principally related to the clay mineral content. Additionally, the dissolution of anhydrite 

precipitated in clay mineral associated pores contributes to increasing salinity during this phase.  

Ions are expelled into the supernatant fluid, until salinity equilibrium (Ce) is reached. The higher 

the volume of clay minerals present in the sample, the shorter the time required to reach 

equilibrium. 
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4.4.1. Equilibrated Conductivity (Ce) model.  

 

For the origin of the increasing conductivity, two mechanisms are observed: dissolution 

of anhydrite, and neutral NaCl ion pairs associated with the clay mineral surfaces (Equation 7). 

The weight of NaCl referred to in equation 7 is the total NaCl equivalent conductivity that was 

validated using the ICP data and the conductivity calculation, the total NaCl weight in the fluid 

(𝑊𝑓𝑁𝑎𝐶𝑙) is the sum of the equivalent weight of NaCl in the fluid due to anhydrite dissolution 

(𝑊𝑓
𝑎𝑁𝑎𝐶𝑙) plus the equivalent weight of NaCl in the fluid due to interaction with  clay mineral 

surfaces (𝑊𝑓
𝑐  𝑁𝑎𝑐𝑙),  

 

 

 

                                    𝑊𝑓𝑁𝑎𝐶𝑙 = 𝑊𝑓
𝑎𝑁𝑎𝐶𝑙 + 𝑊𝑓

𝑐  𝑁𝑎𝐶𝑙                           Eq. 7 

                       and                   𝑊𝑓𝑁𝑎𝐶𝑙 = 𝑊𝑓
𝑎𝑁𝑎𝐶𝑙 + 𝛼𝑊𝑐  𝑁𝑎𝐶𝑙.                          Eq. 8 

 

In Equation 8 we assume that 𝑊𝑓
𝑐  𝑁𝑎𝑐𝑙 in the supernatant fluid is proportional to the weight of 

clay present in the sample (𝑊𝑐  𝑁𝑎𝑐𝑙), and that they are related by a constant  

 

                                                 𝛼 =
𝑊𝑓𝑁𝑎𝐶𝑙−𝑊𝑓

𝑎𝑁𝑎𝐶𝑙

𝐶𝑐∗𝑊𝑡𝑆𝑎𝑚𝑝𝑙𝑒
   ,                 Eq. 9 

 

 

where Cc is clay mineral content. This  factor, or the fraction of conductivity that is present in 

the supernatant fluid due to the clay mineral content of the sample, is related to the CEC (Figure 

4.9). 

  

 

 Figure 4.9 illustrates the relationship between the  factor and the cation exchange 

capacity measured for each formation (A,B,C) and for all the samples together (D). In the 

Bossier Formation, the data suggest a good correlation (R2= 0.97).  However, not enough 



141 

 

variability in clay content was measured in the Haynesville or in the La Luna Formations to 

define a relationship with confidence. Therefore, we use the relationship observed when the 

three formations are evaluated together (R2 = 0.54) to describe how clay mineral content (CEC) 

influences the equivalent weight of NaCl in the supernatant fluid.  

 

Figure 4.9   The  factor and CEC.  This figure illustrates the relationship between the  

factor and the cation exchange capacity measured for each formation (A,B,C) 

and for all the samples together (D). Clay mineral content (CEC) influences the 

equivalent weight of NaCl in the supernatant fluid. 

 

 

Figure 4.10  Equilibrated Concentration (Ce) expressed as a number of ions, and corrected 

for the presence of anhydrite, as a function of the cation exchange capacity, 

expressed in meq/100g of sample. The larger the cation exchange capacity, the 

more salinity is produced by the sample.  
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Figure 4.11  Equilibrated Concentration expressed as a number of ions as a function of the 

numbers of exchange sites present in the sample.  

 

4.4.2  Characteristic Time for Concentration:  𝒕𝒄
𝒄 Model 

 

The characteristic time for concentration 𝒕𝒄
𝒄  is  defined as the time required for the 

concentration to reach equilibrium. Observations and results suggest that 𝒕𝒄
𝒄  is a function of the 

exposure of clay minerals to the supernatant fluid and the clay mineral connectivity through the 

particles (percolation), both a function of overall clay mineral content,  and the presence and 

distribution of anhydrite.  

 

In Figure 4.12, thin sections and SEM images from the Bossier Formation, which is 

similar to the Haynesville,  and the La Luna Formation are presented as an example. In Bossier 

Formation thin sections, the clay minerals, which corresponds to the darker color in the image, 

are more exposed to the water (orange contour line) and anhydrite is not observed at this 

resolution. Anhydrite can be observed in the SEM image (figure 4.11b)  and occurs between the 

clay mineral platelets. These observations suggest that clay minerals control the ion expulsion 
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process in the Bossier and Haynesville Formations, in which they form the connected phase, 

and they provide the conduits for fluid flow.  

In the La Luna Formation thin sections, shown in Figure 4.11c, the clay minerals are 

also exposed to the water, but, in this case, anhydrite can be observed in almost all the particles 

filling fractures along the total particle length. In the SEM image for this formation (figure 

4.11d) anhydrite exposure at the surface of particles is very clear. Extension of anhydrite 

through the particles provides the pathway for the fluid imbibition and ion expulsion.  

 

These observations, together with the fact that the La Luna samples have lower clay 

mineral content, suggest that anhydrite controls the imbibition and ion expulsion processes in 

the La Luna Formation being the connected phase.   

 

  

Figure 4.12  Thin sections for Bossier Formation and the La Luna Formation.  (a), particles 

for Bossier do not show annydrite at this resolution b) SEM for Bossier 

Formation where anhydrite is between the clay mineral platelets. In the La Luna 

Formation c) anhydrite is visible in the thin sections and often present as 

fracture fill in the La luna Formation and it is commonly exposed to the particle 

surface (d).  

a

) 

d

) 

c

) 

b

) 
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4.4.2.1  Characteristic Time for Concentration  𝒕𝒄
𝒄 – Grain Size Dependence 

 

  The characteristic time for concentration is plotted against the particle size in Figure 4.13. 

The point size in the figure is proportional to the clay mineral content. A particle size control 

on 𝑡𝑐
𝑐 is not observed. Additionally, in the Bossier Formation, as the weight percent of clay 

minerals increases, the characteristic time required to reach equilibrium decreases. These two 

results suggest that diffusion is not the dominant sample response mechanism, and that 

convection is the principle physical mechanism in the imbibition experiments. In the La Luna 

Formation, clay mineral content is very low, clay minerals do not percolate through the 

formation,  and  the content of anhydrite is higher, suggesting that in these samples, a correction 

for anhydrite dissolution is required.  

 

Figure 4.13  Characteristic Time (𝑡𝑐
𝑐) vs Grain size. No particle size dependence is observed. 

For the Bossier Formation, as clay mineral content increases, the characteristic 

time decreases. For the La Luna Formation, anhydrite dissolution is controlling 

the process and a correction might be needed for the 𝑡𝑐
𝑐. 

 

 

 

Bossier Formation 
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Figure 4.14 illustrates how anhydrite content (salt dissolution) impacts the characteristic 

time for conductivity, 𝑡𝑐
𝑐 .  Results suggest that as the volume of Ca

2
SO

4
 increases the time 

required to reach equilibrium increases. Figure 4.13 suggests that a relationship between 𝑡𝑐
𝑐 and 

anhydrite content is present in the La Luna Formation, but not in the Bossier and Haynesville 

Formations. These observations suggest that anhydrite is controlling ion release and imbibition 

processes in the La Luna Formation and that clay minerals are controlling the process in the 

Bossier and Haynesville Formations.  

 

 

 Figures 4.14 and 4.15, illustrate the relationship between anhydrite content and clay 

mineral content, and 𝑡𝑐
𝑐 respectively. As anhydrite content increases in the samples, the time 

required to reach equilibrium (Ce) increases.  

 

Figure 4.14  Characteristic time for conductivity 𝑡𝑐
𝑐 , versus anhydrite content (from ICP). 

A relationship is observed in the La Luna Formation, in which 𝑡𝑐
𝑐  is a function 

of increasing anhydrite content. No relationship is observed in the Bossier or 

Haynesville Formations. 
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Figure 4.15 illustrate the relationship between clay mineral content and 𝑡𝑐
𝑐. As clay mineral 

content increases in the samples, the time required to reach equilibrium (Ce) decreases. Again, 

this is  an indication that diffusion is not the rate controlling mechanism in the experiments. The 

relative rate of anhydrite and clay minerals effect on the conductivity characteristic time can not 

be deconvolved because  supernatant fluid time series aliquots were not collected for 

geochemical analysis. For this reason, one the sample with the high anhydrite content in the La 

Luna formation is not in the plot.  

 

 

Figure 4.15  Characteristic Time Versus Clay mineral content. In general, the larger the  

weight % of clay minerals present, the shorter the time necessary to reach 

equilibrium.  

 

4.4.3  Imbibition Based Porosity Calculation.  

 
 Comparison between the Boyle’s Law porosity, and imbibed water porosity, will provide 

insight with respect to wettability and the porosity system that is imbibing water. Figure 4.16 

illustrates the relationship between total porosity (Boyle’s law) and imbibed water volume. The 
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1:1 line is shown for comparison. The plot indicates that the samples are imbibing considerably 

more water than the measured total porosity, requiring corrections to the imbibed fluid volumes.  

 

 Corrections to the imbibed fluid volume include: 1) the effect of dissolution pores (new 

pores are created by anhydrite (salt) dissolution) which are not present in the pre-test porosity 

measurement and 2) artificial fractures created during sample preparation (crushing), a 

condition that was observed in the pre- and post-imbibition NMR results, and also, in SEM 

image analysis.  

 

Figure 4.16  A comparison between the Boyle’s Law porosity, and the imbibed water 

volume.  Imbibed water volume is much larger than the total measured, pre-test 

porosity.  The large difference may be explained by anhydrite dissolution and 

damage in the samples due to sample preparation (crushing). 

 

 

 In Figure 4.17, the anhydrite dissolution effect has been removed from the imbibed water 

porosities. This correction is based on the anhydrite volume from the supernatant ionic 

composition.  Figure 4.17 shows that 1) the correction in the Bossier samples is relatively small, 
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which is an indication that anhydrite dissolution is not a significant process, and 2) the 

Haynesville and La Luna samples show a considerable correction for the presence of anhydrite.  

 

 After applying this correction, the water imbibed porosity is still larger than Boyle’s Law 

porosity, therefore a second correction needs to be applied. This correction is related to sample 

damage (artificial fractures created by sample preparation (crushing). 

 

Figure 4.17  A comparison between the Boyle’s Law porosity and the imbibed water 

porosity, corrected for the volume of dissolved anhydrite. Imbibed water 

porosity is still larger than total porosity. 

 

 

Figure 4.18a shows an NMR measurement from a Bossier B(60) sample as an example. 

In this sample a third peak at longer T2 is observed in both the 500 and 700 µm samples (blue 

area under the curve). Observations in SEM (blue circles in b, c, and d) suggest that this pore 

system may be the result of fracture generation during sample preparation (crushing).  This new 
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induced volume needs to be removed from the imbibed water volume in order to compare with 

as received Boyle’s law porosities.   

 

To remove this induced volume, a cutoff was defined per sample, at the inflection point 

on the cumulative imbibed volume curve (secondary y axis),   to define the NMR response 

associated with induced fractures (see Figure 4.18a). The volume of the induced fracture peak  

was removed from the total imbibed volume. This correction was applied for all  particle sizes, 

even in the 200 um samples in which the peak was only weakly developed. 

 

 
 

a)  
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b)  

c)  
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Figure 4.18  SEM images for Bossier B(15) (b), Haynesville H(26) (c) and the La Luna 

Formation LL(8) (d) in which artificial fractures can be identified (blue circles) 

which were created during sample preparation.  These fractures are  observed 

as a third peak in the NMR results (a), partially develop in the 200 um and 

completely in the 500 and 700 um s . This created volume must be removed 

from the imbibed water volume porosity calculation.  

 

 

The data in figure 4.19 corresponds to the imbibed water volume porosity calculation, 

corrected for both salt dissolution, based on the volume of anhydrite identified by the ICP 

measurements, and induced fracture porosity,  the extra volume of water observed in the third 

porosity system identified based on the NMR data.  When these two corrections are applied, the 

imbibed water porosity is less than the as received total porosity from Boyle’s Law. This 

corrected imbibed water porosity is interpreted to represent the inorganic, mineral hosted 

porosity. The difference between the imbibed water porosity and the 1:1 line is interpreted to 

correspond to the organic matter hosted porosity, which should be oil wetting.   

 

d)  
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Figure 4.19  Boyle’s Law porosity compared with imbibed water porosity corrected for 

anhydrite dissolution and fracture volume creatd  during crushing. 

 

 

  Figure 4.20 illustrates a comparison of the estimated organic matter hosted porosity and 

organic pores estimated by image segmentation, with a 1:1 line comparing the methods. In the 

Bossier Formation, the ability to resolve the organic versus mineral porosity is limited. This is 

due to the overall small pore size and intermediate gray levels associated with clay mineral 

hosted pores in back-scattered electron imaging. For this reason, some mineral associated 

porosity is misidentified as organic porosity, causing the value to fall above the 1:1 line. In 

contrast, for the Haynesville and the La Luna Formations there is better agreement. Overall,  the 

comparison shows relatively good agreement between the two measurements.  This is then a 

promissing technique for estimating organic porosity from imbibition experiments and also 

could provide a basis for a possible correction for the GRI (Gas Research Institute) method, in 

which the sample is also crushed but no correction for artificial fractures is applied. This result 
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also provides a good indication that water is not entering  the organic pores, which suggests that 

at these maturation levels (1.4-2.5% Ro), the organic material remains oil wet.   

 

 
 

Figure 4.20   Organic porosity from image analysis, and from corrected imbibed water 

calculations are in good agreement, although slightly overestimated in the 

Bossier Formation.  See text for discussion.  
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4.4.4  Oil Imbibition   

 

 A similar approach to that applied above was applied to the volume of oil imbibed by 

the samples. Figure 4.21a shows the comparison with a 1:1 line between the Boyle’s Law 

porosity and imbibed oil porosity. The difference between the two measurements will 

correspond to the inorganic porosity, which was calculated in the previous section. When we 

add the two porosities together, a good agreement between the methods is observed. (Figure 

4.21b).  

 

Figure 4.21c shows the comparison between the imbibed oil porosity and the image 

based organic porosity. The ability to resolve organic matter hosted pores in the Bossier is 

limited because the size of the pores, and some of them have not been identified. 

 

a) b) 
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Figure 4.21.  Boyle’s Law porosity and imbibed oil porosity.  a) comparison with a 1:1 line 

between the Boyle’s Law porosity and imbibed oil porosity.  When we add the 

two porosities (organic atter hosted pores and mineral hosted pores), a good 

agreement between the methods is observed. (Figure 4.21b). Figure 4.21 c 

shows the comparison between the imbibed oil porosity and the image based 

organic porosity. The ability to resolve  organic matter hosted pores in the 

Bossier and Haynesville is limited due to the small size of the pores,  and the 

use of BSE images (lower resolution), and prominent salt and pepper noise in 

the images. 

   

4.4.5  Characteristic Time for Imbibition:  𝒕𝒄
𝒊  Model 

 

Characteristic imbibition time, 𝑡𝑐
𝑖 , is defined as the time required for water to saturate 

the particles and reach equilibrium.   In figure 4.22, the different characteristic times by 

formations are plotted against Boyle’s law total porosity.  𝑡𝑐
𝑖   seems to increase with total 

porosity, however, previous analysis shows that water is not filling the organic pores. The water 

is saturating clay mineral associated pores and anhydrite dissolution pores.  As clay mineral 

connectivity increases (clay minerals percolate through the sample) 𝑡𝑐
𝑖    decreases. Therefore,  

where the inorganic porosity is better connected and the anhydrite content is low, as in the 

Bossier, 𝑡𝑐
𝑖    will be shorter. In contrast, more time will be required for those samples in which 

clay mineral content is low and anhydrite dissolution is prominent, as in the La Luna  and  

c) 
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Haynesville Formations.  A power law relationship is observed, which is a function of  the 

different length scales and porosity systems that are present in the samples.   

 

 

Figure 4.22   The characteristic imbibition time is affected by the clay mineral connectivity 

and the amount of anhydrite present in the samples. Characteristic time is also 

affected by the presence of artificial fractures that were created during sample 

preparation. These three efects influence the time required for  water to saturate 

the water wet porosity system.  

 

4.4.6      𝒕𝒄
𝒄 𝒂𝒏𝒅  𝒕𝒄

𝒊    comparison 

 

Figure 4.23 presents the combined plots for total conductivity Ct (left axes) and total 

imbibed volume Ve (right axes) versus time, for the complete set of samples. Only one sample 

of Haynesville is plotted because the results are similar. Points represent the data, and the dashed 

lines represent the fits to the data.   A lag time is observed between 𝑡𝑐
𝑐 and 𝑡𝑐

𝑖  in the three 

formations (d 𝑡𝑐
𝑐  𝑡𝑐

𝑖  ).  Imbibition (𝑡𝑐
𝑖 )  happens at a much slower rate than ion expulsion ( 𝑡𝑐

𝑐 ) 

in the Bossier and Haynesville. In the La luna Formation, both, ionic expulsion, and imbibition,  

happen  more slowly than in the other formations and 𝑡𝑐
𝑖  and 𝑡𝑐

𝑐  are larger.   
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Figure 4.23   Combined plots for total conductivity Ct and total imbibed volume Ve for all 

the samples. A  lag time is observed between 𝑡𝑐
𝑐 and 𝑡𝑐

𝑖  in the three formations 

(d 𝑡𝑐
𝑐  𝑡𝑐

𝑖  ). 
 

 

 

 The difference in equilibration times suggests that, although the two processes are highly 

related, imbibition is a more complex process than ion expulsion, resulting in more time required 

for equilibration. Multiple porosity systems,  both artificial and natural,  are  imbibing water. 

We propose that this lag time is related to the number of porosity systems that impact each 

process.  𝑡𝑐
𝑐 includes the porosity systems that impact the conductivity of the supernatant, which 

are 1) clay mineral associated pores and 2) new pores created by anhydrite dissolution. The 
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higher the clay mineral content, the faster the conductivity equilibrates. In contrast the greater 

the volume of  anhydrite that is present, the slower the equilibration process. For the imbibition 

time 𝑡𝑐
𝑖  , more porosity systems must be considered: 1) clay mineral associated pores, new pores 

created by anhydrite dissolution, and artificial fractures created by the sample preparation 

(crushing) (Figure 4.24). 

 

Figure 4.24  Characteristic Imbibition Time Vs Clay Mineral and anhydrite content. The 

Bossier Formation has the shortest characteristic time for imbibition due to the 

higher clay mineral content and lower anhydrite content. Haynesville shows the 

largest time due to  higher anhydrite content, and intermediate clay mineral 

content. The La Luna Formation has  a high anhydrite content and very low 

clay mineral content  resulting in a longer equilibration time. The artificial 

fracture effect also increases imbibition time  as many of the observed fractures 

are intragranular and not transgranular 

 

 

 Artificial fractures are most frequently observed in the carbonate/dolomite grains in the 

samples.  These generated fractures  impact imbibition but not conductivity, explaining the 

observed lag time.  (𝑡𝑐
𝑖 ) is difficult to correct for the amount of artificial porosity. However, 

figure 4.26 shows a good relationship between (𝑡𝑐
𝑖 ) and the carbonate content in the sample. 

Because carbonates cleave and are not as hard as quartz it is reasonable to expect that carbonate 

grains should be more prone to brittle failure than associated quartz. Because of its higher 
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carbonate content, the La Luna Formation is likely to develop more intragranular fractures, 

increasing the time to reach imbibition equilibrium. In the Haynesville samples, the carbonate 

content is also high, and more anhydrite is present, making the time required for imbibition the 

longest among all the tested samples.  In the Bossier samples, due to the low carbonate and high 

clay mineral content, the samples do not develop as many fractures, imbibing and reaching 

equilibrium faster.  

 

Figure 4.25   Artificial Fracture Development. As carbonate content increases in the samples, 

the likelihood of artificial fracture development increases, resulting in  

increased imbibed volumes. In this plot Ve has been corrected for the amount 

of anhydrite.  

 

 
 

Figure 4.26   Characteristic Time for Imbibition and Artificial Fracture Porosity. As artificial 

fracture porosity increases, the characteristic imbibition time increases.  The 

relative rate of anhydrite and clay minerals effect on the imbibition 

characteristic time cannot be deconvolve because  supernatant fluid time series 

aliquots were not collected for geochemical analysis. 
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 Results of image analysis support the observations described above. Figure 4.27 shows in 

a) and c) two original images for sample B(60) in the Bossier Formation, and  b) and d) show 

the segmentation for total porosity. In a) light gray areas correspond predominately to clay 

minerals (with minor quartz) and the black color to clay mineral associated porosity (light blue 

in b).  

 

 In figure 4.27 c) the light gray color corresponds to clay minerals and quartz, dark gray 

corresponds to organic matter, black to porosity and bright regions to pyrite. In these two 

images, most of the porosity is inorganic with some organic pores.  When present organic matter 

is highly interconnected with the clay minerals.  

 

 In the Bossier, because clay minerals are the connected phase, and they are providing the 

conduits for fluid flow,  the water will saturate those conduits, at a rate that depends on the clay 

mineral content. In addition, where anhydrite is present, anhydrite dissolution will occur. 

Imaging suggests that  the anhydrite is distributed between clay mineral platelets, also impacting 

the conductivity.  

  

 Finally, imbibing water will access the less well-connected pore systems (e.g. intra-

granular fractures generated during crushing). Imbibition into sample preparation related 

fractures will impact the imbibition results but not the conductivity results.   Organic porosity 

analysis, presented  earlier, suggests that water does not enter organic pores.  
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Figure 4.27   Porosities from images of the Bossier Formation: a) is the original image for 

sample B(60) and b) is the segmentation for total porosity.  and c) is the original 

images for sample B(40) and  d) show the segmentation for total porosity. In b) 

and d) light gray areas correspond to clay minerals and clay sized quartz grains, 

black regions are porosity (segmented to light blue). Dark gray corresponds to 

organic matter. In these two images, most of the porosity is mineral hosted. 

Porosities from images Bossier Formation are normalized to the total image 

area.  
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In the Haynesville formation (Figure 4.28), the scenario is similar to the Bossier with 

the exception that the anhydrite content is the highest among the samples. Water first saturates 

the clay mineral associated pores, and dissolve the anhydrite, at a rate that will depend on its 

content.  For samples with higher carbonate content, isolated artificial fractures will also be 

saturated making the imbibition process slower.   

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

Figure 4.28   Porosity from Images of the Haynesville Formation: a) is one of the original 

images for sample H(26) and b) shows the segmentation for total porosity. 

Light gray areas correspond to clay minerals and clay sized quartz and feldspar, 

inorganic porosity is segmented in light blue. In these two images, most of the 

porosity is inorganic with some organic pores in purple (b).   

 

 

b) 

a) 

5 µm 

5 µm 
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In the La Luna Formation, clay mineral content is low, making the ion expulsion process 

slower.  Anhydrite content is moderately high, which increases the imbibition time. 

Additionally, carbonate content is the highest, when compared to the Bossier and Haynesville 

Formations, making the rocks more prone to being damaged during sample preparation.  This 

creates relatively isolated, intragranular fracture pores which also  increase the time required to 

complete the imbibition process.  

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

Figure 4.29  Porosity from Images of the La Luna Formation: a) an original image from sample 

LL(15) b) shows the segmentation for total porosity. Light gray areas correspond 

to carbonate and quartz with a small volume of  clay minerals, organic porosity is 

in light blue. In this image, the porosity is nearly entirely developed in organic 

material 

5 µm 

5 µm 
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4.4.7  Equilibrated Imbibed Water Imbibition: (Ve) Model 

 

 Discussion in the previous section suggested three pore systems to be considered in the 

Ve analysis. First, the dissolution of anhydrite is creating new pores. Second, an induced fracture 

system was identified. Finally, water is imbibing into mineral hosted pores and not into the 

organic matter hosted pores. Therefore, equilibrated imbibed water volume (Ve) is controlled 

by three components: 1) clay mineral associated porosity, new pores created by anhydrite 

dissolution, and induced fractures created during the sample preparation.  

 

To isolate the effect of each component, corrections need to be applied to Ve. Figure 

4.30 shows the relationship between the corrected Ve and clay mineral content. This corrected 

Ve, includes a correction for the volume associated with the presence of  anhydrite components 

in the supernatant and for the additional induced fractures volume (estimated using NMR). In 

figure 4.30, the point size is proportional to the particle size. The smallest particle size falls 

outside the margin of error in all of the samples.  The same condition is observed when anhydrite 

is plotted against the Ve (Figure 4.31)  
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Figure 4.30 Clay mineral content effect on the corrected imbibed water volume (Ve). 

Corrections for anhydrite content and induced fracture volume have been applied.  

Point size is proportional to the particle size. The smallest particle size (200 µm) 

behaves differently in all the samples. 

 

 

 

 Figure 4.31 shows the relationship between the anhydrite content and Ve with the 

respective correction for clay mineral and induced fracture volume.  Similar to Figure 4.30, 

point size is proportional to the particle size for each sample. The 200 µm samples for all the 

formations show values outside of the error margin, resulting in high values for Ve.   
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Figure 4.31 Anhydrite content effect in the corrected imbibed water volume (Ve . Corrections 

include clay mineral content and induced fracture porosity have been applied.  Point 

size is proportional to the particle grain size. It can be observed how the smallest 

grain behaves different compare with the other particle sizes.   

 

 

To understand this result, thin sections and laser particle size distribution data were 

used.  Figure 4.32 shows a thin section for the 200 m particle size in sample B(60) from the 

Bossier Formation. Abundant, very fine material is present between the larger particles. This 

fine material will impact both, imbibition and conductivity, but data suggests that imbibition is 

affected to a greater level. In contrast, in the 500 m and 700 m thin sections for sample B(60),  

these fine particles are  not observed. (See Figure 4.33 and 4.34). 
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Figure 4.32 Bossier Formation Thin Section, B(60)200µm sample. Abundant fine material is 

observed between the  particles.   

 

 

Figure 4.33 Bossier Formation Thin Section, B(60) 500µm sample. The fine particles 

observed in the smallest particle size are not present.  

 

 

200 µm 

500 µm 
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Figure 4.34 Bossier Formation Thin Section, B(60)700µm sample. Similar to the previous 

image, the fine particles observed in the smallest particle size are not present. 

Scale bar is the size of the particle size, in this case 700 um. 

 

A similar condition was observed in the Haynesville samples (Figures 4.35 and 4.36) 

and in the La Luna Formation (Figures 4.37 and 4.38). In the 200 µm samples, fine material is 

observed between the particles and it is not present in any samples for  the larger particle sizes.  

 

 

Figure 4.35 Haynesville Formation Thin Section, H(26)200µm sample. Fine material is 

observed between the  particles.   

 

700 µm 

200 µm 
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Figure 4.36 Haynesville Formation Thin Section, H(26)700µm sample. The fine particles 

observed in the smallest particle size are not present. 

 

 

Figure 4.37 La Luna Formation Thin Section, LL(15)200µm sample. Fine material is be 

observed between the  particles.   

 

700 µm 

200 µm 
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Figure 4.38 La Luna Formation Thin Section, LL(15)700µm sample. The fine particles 

observed in the smallest particle size are not present in the coarser size 

fractions. 

 

 

In the methodology section, the particle size distributions were shown.  Based on that, 

the finest size fraction was excluded from the research due to its bimodal distribution, (a 

predominantly unimodal distribution was observed for the other sizes) (See Figure 4.38). This 

suggested a problem with the sieving procedure, in which very fine material is present, and 

adheres to the sieve mesh.  The fines were included when the ground material was retrieved 

from the sieve.    Although the magnitude is smaller than for the 106 – 90 µm sample, a bimodal 

distribution can also be observed in the 212-106 µm sample (see the red circle in Figure 4.38).   

 

 

700 µm 
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Figure 4.38 Laser particle size distribution for the particle sizes used in the study.  The 106 

– 90 µm size range was not used in the research due to the bimodal distribution 

observed in the data. A similar, although less volumetrically important, bimodal 

distribution is observed in the 212-106 µm.  

 

 

 Modifications to the sieving process are required in order to eliminate this small material. 

Wet sieving can be used to reduce adhesion of small particles to the mesh, however, due to the 

objectives of our research, wet sieving  of the samples was not an option. In future studies 

sieving should be conducted in several steps, washing and drying the mesh between each step.  

A correction for the volume of this fine material must be applied, based on the surface area 

occupied by this material in each thin section. This will be the subject of future work and for 

this discussion, the 200 µm sized sample will not be considered for the Ve evaluation. 

 

 Figure 4.39 shows the corrected Ve and the clay mineral content with the smallest particle 

sizes removed. Assuming a direct proportionality, three different relationships between Ve and 

clay mineral content are observed, one for each formation. Alternatively, two relationships can 

be applied if the Haynesville and Bossier Formations are evaluated together. Imbibition 

increases with clay mineral content at different rates for each formation.  Figure 4.40 illustrates 

the corrected Ve and the anhydrite content with the smallest particle size samples removed. 
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Similar to the clay mineral volume, three different relationships are observed, one for each 

formation. Imbibition increases with anhydrite content at different rates by formation.   

 

Figure 4.39   Corrected Ve as a function of clay mineral content with the smallest particle 

size samples removed. Imbibition increases with clay mineral content, at 

different rates for each formation, although the Haynesville and Bossier could 

be considered together. The terminology CARL and TARL are from Milliken, 

(year). 

 

 
 

Figure 4.40   Corrected Ve and the anhydrite content with the smallest particle sized samples 

removed. Imbibition increases with anhydrite content, at different proportions 

for each formation. 
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4.5. In situ salinity calculation 

 

 
 Total salinity in the supernatant fluid was calculated by using the data from the imbibition 

experiments (total final salinity estimated from conductivity), the reported total porosity, and 

reported water saturation values from core analysis measurements. This information was 

available only for the Bossier and Haynesville Formations. Additionally, ICP (inductively 

coupled plasma ion detection) analyses were performed to identify the ionic species present, 

which allows us to correct the final salinity for the presence of salt minerals (anhydrite).  Total 

dissolved salinity estimates were obtained as follows 

                                                         ( )*
Mt

Vp
g




=     ,                                   Eq. 10 

                                                           

Wvi
Vrw

Vp
=        ,                                     Eq. 11 

                    and      _ _ *Total Dissolved Salinity Ce Vrw= ,               Eq. 12 

where Vp (cc) is the pore volume, Mt(g) is the total material mass used in the experiment, ρg is 

grain density (g/cc), Φ is porosity, Vrw  is water volume ratio, Wvi (cc) is initial water volume, 

and Ce (ppm) is the final salinity in the sample, estimated from conductivity.  Total salinity 

estimates were then used to formulate four scenarios for in – situ salinities (Table 3.5). 

Table 3.5.  Summary for in situ salinities with the assumptions made on each scenario. 

 

 

B(60) B(15) B(40) H(26) H(29)

227 135 176 216 210

446 291 524 999 857

82 83 56 56 55

161 177 168 260 223

Anhydri te i s  not precipi tated in s i tu and present day water saturation

Anhydri te i s  precipi tated in s i tu and 100% water saturation

Anhydri te i s  precipi tated in s i tu and present day water saturation

In situ salinity values (kppm) and assumptions 

Assumptions

Anhydri te i s  not precipi tated in s i tu and 100% water saturation
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 Figure 4.41 shows the four scenarios formulated for the Bossier Formation, where the 

water saturation and the estimate of in situ salinity varies.  Scenario a):  Assumes that anhydrite 

is not precipitated in situ (i.e. anhydrite precipitation occurred after core acquisition as a function 

of surface dehydration) and that the entire porosity is 100% water saturated. Reasonable in situ 

salinity values, on the order of 220 kppm are obtained, however, this implies that gas stripping 

of water vapor during gas expulsion from the source rock did not occur. Upper bound scenario 

(b): If present-day water saturation and 100 % final salinity are used (assumes anhydrite was 

not precipitated in situ) a salinity of 450 kppm is obtained, which is higher than halite saturation 

at in situ conditions.  Because halite precipitation was not observed in the cores, it is not 

considered physically possible. Lower bound scenario (c): If a correction for dissolved anhydrite 

is made (assuming anhydrite precipitation occurred in situ) and 100% water saturation is 

assumed a lower bound of 112 kppm is obtained. Finally,  a scenario (d) , which we believe is 

the correct approach,  in which the present-day water volume from Dean Stark and the anhydrite 

correction (%) are applied to obtain an estimated pore fluid salinity of 160 kppm. This scenario 

is analogous to the Dean Stark Crush and Leach procedure used to report salinity values of 200 

kppm for the Haynesville Formation, by Ramirez, 2011. The difference is that in Ramirez, 2011, 

they estimate the salinity required to correct the measurements only using the measured  Cl -1 

present in the supernatant fluid, and do not include other mineral salts, such as anhydrite. 

Because the leach time was only 48 hours, all precipitated halite may not have been recovered 

(our experiments required on the order of one month to equilibrate).   Figures 4.42 and 4.43 

shows the results from the other samples in the Bossier Formation, B(40) and B(15).  Comparing 

the scenarios for the three different samples, in scenario a) values vary from 135 Kppm to 220 

Kppm, this can be translated, assuming an in-situ temperature of 200 °C, as Rw values between 

0.018 to 0.024 ohm – m.   Scenario b) has estimated pore fluid salinities higher than halite 

saturation.  Because halite precipitation was not observed in the samples, this scenario is not 
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physically reasonable. Finally, scenario d) shows values that vary from 160 to 180 Kppm, which 

will provide 0.019 to 0.021 ohm – m.  

 For the Haynesville Formation, which is deeper than Bossier Formation (figure 4.42), the 

same four scenarios were considered. Values between 230 and 260 Kppm were obtained in 

scenario d, which equate to an Rw that ranges between 0.016 ohm – 0.015 ohm-m.  For the La 

Luna Formation, not enough information is available to make the estimate (no Dean Stark 

measurements are available).  Estimates of in situ salinity for the La Luna re the subject of 

ongoing work.  

 

Figure 4.41  B(60) In situ salinity calculation results for different scenarios using a) 100% 

water saturation and 100 % imbibition final salinity, b ) present day water 

saturation and 100 % imbibition final salinity c) 100% water saturation and 

36% imbibition final salinity (removing ions sourced from anhydrite 

dissolution), and d) present day water saturation and 36% imbibition final 

salinity.   
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Figure 4.41  B(15) In situ salinity calculation results for different scenarios using a) 100% 

water saturation and 100 % imbibition final salinity, b ) present day water 

saturation and 100 % imbibition final salinity c) 100% water saturation and 

61% imbibition final salinity (removing ions sourced from anhydrite 

dissolution), and d) present day water saturation and 61% imbibition final 

salinity.   
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Figure 4.41  B(40) In situ salinity calculation results for different scenarios using a) 100% 

water saturation and 100 % imbibition final salinity, b ) present day water 

saturation and 100 % imbibition final salinity c) 100% water saturation and 

32% imbibition final salinity (removing ions sourced from anhydrite 

dissolution), and d) present day water saturation and 32% imbibition final 

salinity.   
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Figure 4.42  Haynesville Formation In situ Salinity Estimation. In situ salinity calculation 

results for different scenarios using a) 100% water saturation and 100 % 

imbibition final salinity, b) present day water saturation and 100 % imbibition 

final salinity c) 100% water saturation and 26% imbibition final salinity 

(removing ions sourced from anhydrite dissolution), and d) present day water 

saturation and 26% imbibition final salinity.   

 

  

 The combination of spontaneous imbibition experiments and chemical analysis of the 

supernatant fluid is a valid approach for deriving in situ salinity and therefore, water resistivity 

values for shale gas reservoirs.  Finally, with these values, Dean Stark porosity can be 

appropriately corrected for salt content. The approach more commonly used in the industry is 

to correct the porosity assuming a water salinity of 30 kppm, which is typically too low for these 

reservoirs. 
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CHAPTER 5. CONCLUSIONS 

 
This study reports the results of spontaneous imbibition experiments performed on full 

diameter core samples from shale gas reservoirs. Seven different samples, selected from 89 feet 

of core, were used.  Samples were selected so that varying clay mineral content, porosity, 

permeability and water saturation were studied.   Each sample was crushed to three different 

particle sizes for testing. This approach was motivated by the absence of time dependent 

flowback water samples.  The spontaneous imbibition experiments were considered analogues 

to the injection of fresh water during stimulation and the results analogous to the resulting high 

salinity and low load recovery on these reservoirs.   

A spontaneous imbibition-based model developed to indicate the source of high 

flowback water salinity in the Bossier, Haynesville and the La Luna Formations suggests that 

two mechanisms are present: anhydrite (salt) dissolution and interaction with clay mineral 

surfaces, a function of the cation exchange capacity. Anhydrite, observed precipitated between 

clay platelets contributes substantially to imbibition water salinity in the Bossier Formation. 

Fracture fill is more common in the La Luna Formation and likely is the main reason for its high 

flowback water salinity.  

An imbibed water model was developed (in volume and in time) and provides a 

promising technique for estimating organic porosities in shale gas reservoirs.  When corrected 

for the volume of dissolved salt and the volume of induced fractures formed during sample 

preparation, the difference between the imbibed water volume and as-received Boyle’s Law 

porosities are in good agreement with estimates of organic matter hosted porosity from oil 

imbibition and image analysis studies.  Results also suggested that at this level of maturation, 

approximately 1.4-2.5% Ro, organic pores remain oil wet.   The imbibed water volume will not 

be affected by organic matter hosted porosity. 
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The imbibed water volume model suggests that a total porosity correction, particularly 

in high carbonate content formations, should be applied to routine GRI measurements, due to 

induced fractures created when crushing the sample. The volume of these induced microcracks 

formed during sample preparation increases as a function of particle size, and carbonate content 

and was observed to be greatest in the particle size most often used for crushed rock 

measurements using the GRI (Gas Research Institute) protocol. A recommendation is to use 

NMR measurements, pre and post Boyle’s law porosity measurement, which will provide a good 

estimate of the volume of  those induced fracture pores.  

 

The results of imbibition/ion expulsion experiments can be used to generate estimates 

of in situ pore fluid salinities for interpretation of electrical logs.  A scenario was developed to 

determine the present day in-situ salinity. This uses the as received, present-day water saturation 

(from Dean Stark) and the final equivalent NaCl salinity corrected for anhydrite dissolution. 

The estimated in-situ salinities in the Bossier and Haynesville Formations are 170 kppm and 

220 kppm respectively. .  This estimate of in situ salinity will allow the Dean Stark porosity to 

be appropriately corrected for salt content, instead of using an assumed value (typically 30 

kppm).  

 

The original concept of a permeability model was based on literature results suggesting 

a possible relationship between imbibition and diffusion coefficients. Although particle size 

dependence was originally observed in the water imbibition data, data analyses suggests that 

this observation resulted from two effects associated with sample preparation.  Anhydrite (or 

precipitated salt) becomes concentrated in the finer size fractions.  This results from the 

mechanical properties of the salts (cleavage and hardness) causing them to break more easily 

during sample preparation.  In addition, the retention of very fine material that adheres to the 

sieve mesh as mesh size decreases, which was included when the ground material was retrieved 
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from the sieve, resulted in increasing volumes of imbibed fluid. When these effects are removed 

from the data, no grain size dependence on the conductivity, nor on the imbibition results was 

observed. This suggests the absence of a characteristic length, which is a well-established 

condition for diffusion processes.  

Additionally, results showed that as clay mineral content increases, the time required to 

reach equilibrium decreases, which is also not a condition expected for a diffusion-controlled 

process. For these reasons, as well as a lack of confidence in the GRI methodology used to 

estimate permeability in the samples, a permeability model was not obtained, and will be the 

subject of future work.  

The experimental approach, combining water and oil imbibition with ion expulsion 

experiments,  and detailed sample and brine characterization can be used to gain an 

understanding of the high flowback salinity and low load recovery in the Bossier, Haynesville 

and La Luna Formations. The experimental results provide insight into:  

 

• Mineralogy: Imbibition experiment salinity and the imbibed water volume 

can be used as a proxy for mineralogy. High maturity, carbonate rich mudrocks 

(La Luna Formation) and high maturity clay mineral rich mudrocks (Bossier 

and Haynesville Formation) can be differentiated by using this information. 

Carbonate rich formations with high precipitated salt content (in the La Luna 

Formation, anhydrite), will provide high salinity flowback and exhibit high 

volumes of imbibed water. High clay mineral content formations, will provide 

a high salinity flowback, with low to moderate imbibed volumes. When salt 

dissolution occurs in clay mineral rich formations, higher volumes of water 

will be imbibed, and the resulting flow back salinity will be higher.  
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• Rate of change of spontaneous imbibition salinity: Results of this work 

suggest that the rate at which the ions are expelled during the imbibition 

experiment, depends on the clay mineral content and the precipitated salt 

volume. The rate of change in salinity is faster and less complicated than the 

rate at which water is imbibed. The imbibition rate is a function of  clay mineral 

content and relative connectivity (percolation) through the rock volume, the 

volume of precipitated salts and their distribution, and on the mineral 

dissolution rate.  The spontaneous imbibition salinity is suggested to vary as a 

function of clay mineral content and could provide an indication of relative 

brittleness or fracability. 

 

• Total Porosity: Comparison of the Boyle’s Law total porosity measurements, 

and the imbibed water total porosity from the experiments, suggests that water 

was not imbibed into the organic matter hosted pore-system. This measurement 

required a correction for the volume of induced fractures and dissolved salts.  

As the water wet porosity system increases, salinity and imbibed volume 

increases. The proportion of induced fracture porosity was observed to be a 

function of carbonate content in both terrigenous argillaceous mudrocks and 

calcareous mudrocks.   

 

The water wet porosity system increases as the clay mineral content increases, 

resulting in an increase in both supernatant fluid salinity and imbibed volume 

(lower load recovery). In formations for which salt dissolution is the rate 

limiting step, as observed in the La Luna Formation, imbibed volume and flow-

back salinity will both increase as the volume of precipitated salt increases.  

Imbibed water volume is a function of total porosity, and the volume of mineral 
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hosted (water wetting) pores present in the rock. This includes predominantly 

clay mineral associated porosity, pores created by salt dissolution and the 

induced porosity created by the crushing of the sample during sample 

preparation.  

• The Cation Exchange Capacity (CEC) of the clay minerals influences the 

salinity of flowback water in shale gas reservoirs.  Measurements on 

different particle size aliquots for the different formations tested, suggest 

that CEC does not vary with grain size.  This is supported by the results of  

X-Ray diffraction analysis performed on the various particle size aliquots.  

As clay mineral content increases, and CEC increases, imbibition salinity 

and imbibed water volume increase.     
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APPENDIX 
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B(40)500 µm 
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B(15)200 µm 

 

 
 

 

Haynesville Formation  
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H(26)500 µm  
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La Luna Formation  
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LL(15)200 µm  
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LL(8)500 µm  
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Free Induction Decay (FID) Data (Post-Spontaneous Imbibition Experiment) 
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B(60)200 µm  
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B(40)500 µm  
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B(15)700 µm  
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B(15)200 µm  

 

 
 

 

Haynesville Formation  
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H(26)500 µm  
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H(26)200 µm  

 

 
 

 

La Luna Formation  
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LL(15)500 µm 
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LL(8)200 µm 
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