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Abstract 

    This thesis aims to provide reservoir management strategies to enhance oil production 

from a mature oilfield with a very low recovery factor (RF) after producing oil for over 

40 years. The oil field under study contains a medium-sized gas cap and a large aquifer. 

Gas coning, the most critical challenge in this oilfield, was investigated by using 

Addington correlation and an improved correlation. The correlation was validated 

through the field data. The current status, future development and management plan of an 

IOR scheme in the field can be improved by use of the new correlation. 

    Some classic techniques, such as production performance analysis, decline curve 

analysis, and material balance calculation were carried out in the study. Based on the 

preliminary simulation study, it was found that the gas coning is a common problem in 

the reservoir. Addington correlation (1991) has been widely accepted as one of the 

fundamental correlations for coning issues. Yang and Wattenbarger (1991) and Benamara 

and Tiab (2001) followed Addington’s steps and extended the application range. The 

improved correlation proposed in this thesis shows the limitations of previous theories. 

Based on the results from the improved gas coning correlation and reservoir history 

match simulation results, multiple prediction plans were further proposed, and an 

optimized reservoir management plan was recommended. 

    An improved gas coning correlation, derived from Addington correlation (1981) and 

reservoir production performance, was proposed to help understand gas production and 

breakthrough behaviors in the mature oilfield. Upon comparison of production history 

data and calculated critical oil rate, the improved correlation provided the guidance for 

optimizing the field production rates. For instance, after several years of production, W3 
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shows a gas coning phenomenon with 85.3 sm3/d oil rate while the critical rate calculated 

by Addington correlation is 97.4 sm3/d and the critical rate calculated by new improved 

correlation is only 35.7 sm3/d. These results show that the new correlation estimates a 

more reliable critical oil rate.  

    Applying the new correlation in case of a previously perforated well, critical oil rate 

was determined, which helped to define the optimized flowing bottomhole pressure 

(FBHP). The FBHP of well W11 was limited to 202 bars to meet the 72.2 sm3/d critical 

oil rate calculated via the improved correlation. In an infill well, based on an optimal 

critical oil rate, the perforation intervals and the distance between GOC and the top of 

perforations were estimated.  

    The improved correlation was generated by a multiple-well numerical model instead of 

a one-well radial model. The production history was taken into account to adjust 

dimensionless parameters in the correlation. Compared with Addington correlation, the 

modified one improves the accuracy of critical oil rate estimation.  
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Chapter 1 Introduction 

1.1 Reservoir Management 

Reservoir management has been defined by a number of authors in the past. It can be 

described as the use of available resources like manpower, technologies, and finances to 

maximize profits by optimizing reservoir recovery while minimizing capital investments 

and operating costs. Reservoir management processes (Figure 1) involve goal setting, 

planning, implementing, monitoring, evaluating and revising plans (Satter, Varnon and 

Hoang, 1994). Design and construction engineering, geology and geophysics, reservoir 

engineering, production engineering, gas and chemical engineering, research and service 

lab, production operation, and drilling engineering are summarized as reservoir 

management approaches as shown in Figure 2 (Thakur, 1990). Reservoir management is 

an integration of data, technologies, tools and people (Figure 3).  

A reservoir’s life starts with exploration followed by discovery, reservoir delineation, 

primary, secondary and tertiary recovery and abandonment. In some cases, the wells may 

be abandoned too early due to improper operations, with a large amount of oil still 

underground. Reservoir management makes rigorous development plans for fields, 

helping reduce these possibilities. The best time to begin reservoir management is when 

the reservoir has been discovered. Earlier reservoir management starts, less the cost and 

higher the long-term profits.  
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Figure 1 - Reservoir management process (Satter, A., Varnon, J.E., and Hoang, M.T. 
1994. “Integrated Reservoir Management.”) 
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Figure 2 - Reservoir Management Approach (Thakur, G.C. 1990. “Reservoir 
Management: a Synergistic Approach.”) 
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Figure 3 - Reservoir Management (Satter, A., Varnon, J.E., and Hoang, M.T. 1994. 
“Integrated Reservoir Management.”) 

 

1.2 Gas Coning and Water Coning 

Gas and water coning is a phenomenon that occurs in partially penetrated producing 

wells in a reservoir with gas cap and aquifer. When the well is producing, the gas oil 

contact (GOC) loses elevation, while oil water contact (OWC) rises up to the wellbore in 

a conical shape because of the pressure drawdown around the well. As the production 

rate increases, the cone height increases until it reaches the perforation. When the apex of 

the cone reaches the perforation, gas breakthrough or water breakthrough occurs. The oil 

production rate when gas breakthrough or water breakthrough happens is called the 

critical rate. 
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The presence of gas and water coning in production wells reduces the oil rate. From an 

economical and operational point of view, this condition is undesirable for several 

reasons: 

 Gas price is much lower than oil price; 

 The production of gas and water results in an accelerated reservoir pressure 

depletion, which results in a lower oil production rate; 

 The well with gas and water coning may be abandoned early; 

Therefore, the study is important in terms of understanding the prevention of gas and 

water coning.   

The gas and water coning problem has been studied for more than several decades. 

Many correlations have been developed to discuss and predict some parameters of gas 

and water coning, such as critical rate, breakthrough time, and production after 

breakthrough.  Gas and water coning problem was first described by Muskat and 

Wyckoff (1935). They presented a static conical water coning model in which, while the 

oil zone is partially penetrated, the water remains in the lower portion of the pay horizon. 

They described the movement of water related with the density difference between oil 

and water, the slope of the stratum, and regional pressure distribution. They pointed out 

that an increase of oil rate would break the balance of the low-height water cone, driving 

the water into the perforation. After Muskat and Wyckoff, several models were generated 

to predict critical rate, breakthrough time, and GOC and OWC movement after 

breakthrough.  
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1.2.1 Analytical Models 

Following the Muskat and Wyckoff study, Chierici, Ciucci and Pizzi (1964) presented 

a potentiometric model and solved the potential function for critical rate by equating 

gravity forces and viscous forces. They developed a series of dimensionless curves to 

predict critical rate for different reservoir characteristics. Their method can be used to 

predict the length and position of interval to be perforated. 

Wheatley (1985) pointed out some deficiencies of previous theories. He took into 

account the presence of the cone in pressure distribution calculation and started by 

solving potential function by Laplace’s equation for pure radial flow condition. He then 

modified the results to satisfy other conditions to make the equation as accurate as 

possible. 

Chaperon (1986) studied the coning problem for steady-state and pseudo-steady state 

flow in anisotropic formation. He developed correlations to calculate critical rates for 

vertical and horizontal wells with very short intervals. By comparing both types of wells, 

he concluded that the “horizontal wells allow higher critical rates, but this advantage 

lessens as vertical permeability decreases.” 

Guo and Lee (1993) constructed a radial/spherical/combined (RSC) 3D flow field 

model (Figure 4), accounting for the effect of limited wellbore penetration on the oil 

productivity, following Abass and Bass (1988) study. They came up with a new equation 

related to oil zone thickness, wellbore radius and drainage area radius etc. Their results 

showed that the optimum completion interval for water-coning should be less than one 

third from top of the total thickness of oil layer. 
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Figure 4 - A radial/spherical/combined (RSC) 3D flow field model (Guo, B., and Lee, R.L.- 
H. 1993. “A Simple Approach to Optimization of Completion Interval in Oil/Water 

Coning Systems.”) 
 

Tabatabaei, Ghalambor and Guo (2012) followed Guo and Lee’s steps, assuming the 

similar RSC 3D model. Tabatabaei et al. model is fit for low-pressure-gradient case, 

while Guo and Lee model is applicable for high-pressure-gradient case. Their results 

indicated that the optimum completion interval for water-coning should be less than 

almost half from top of the total thickness of oil layer. 

 

1.2.2 Empirical Models 

The first empirical model was constructed by Schols (1972), who developed it using 

laboratory experiment. However, his model has not been derived analytically.  
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Addington (1981) generated gas-coning correlations by a one-well model constructed 

on an implicit radial simulator. He developed an oil material balance equation to calculate 

the gas oil contact (GOC) change during production. He also investigated the sensitivity 

for oil rate, horizontal permeability, the ratio of vertical permeability and horizontal 

permeability(𝑘 𝑘⁄ ), perforation thickness, average oil viscosity and well spacing by 

plotting the semi-log plot of Gas Liquid Ratio vs. Average Oil Column Height above 

Perforations. Thereafter, he generalized a curve (Figure 5) to help calculate critical rate.  

Figure 5 - Generalized correlation for oil column height above perforations at gas  
breakthrough (Addington, D. V. 1981. “An Approach to Gas-Coning 
Correlations for a Large Grid Cell Reservoir Simulator.”) 
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Yang and Wattenbarger (1991) followed Addington method to estimate critical rate 

and water oil ratio (WOR) change for water coning for vertical and horizontal wells. 

They ran an r-z radial model (Figure 6-A) for vertical wells and an x-z model (Figure 6-

B) for horizontal wells. They came up with water coning correlations to predict critical 

rate, breakthrough time and WOR after breakthrough. 

 

Figure 6 - A (right) r-z radial model; B (left)  x-z model (Yang, W. and Wattenbarger, R.A., 
1991. “Water Coning Calculations for Vertical and Horizontal Wells.”) 

 

Similarly, Benamara and Tiab (2001) followed Addington’s steps, studying the gas 

coning problem. They took into account the gas cap expansion in their theory and 

generated new correlations for critical rate, breakthrough time and GOR after 

breakthrough for vertical and horizontal wells. 
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1.2.3 Semi-analytical model 

In recent years, researchers have come up with a combination of analytical and 

empirical models (i.e., semi-analytical models) to overcome the deficiencies of purely 

theoretical models. Many analytical models are derived from simplified assumptions, 

which cannot reflect underground complexity and variety. Empirical models are 

generated from laboratory and simulators, lacking the support of physical principles. 

Semi-analytical models are based on simplified force interaction, but also consider the 

ignored physical effects by fitting the discrepancy statistically with empirical data. The 

processes of estimating some values of analytical model’s parameters by experimental 

data are called statistical model calibrations (Cameron and Hangos, 2001; Aashto, 2010; 

Amisigo, 2006; Clarkson and Qanbari, 2015; Prasun and Ghosh, 2018; Prasun and 

Wojtanowicz, 2019). This kind of model increases the accuracy of the prediction and 

reduces bias. 

    Prasun and Wojtanowicz (2019) generated a semi-analytical model to study water 

coning problem for a more specific scenario of naturally fractured reservoirs (NFR). 

They simplified an NFR mechanistic model and applied Chaperon’s correlations in their 

model by replacing the permeability of matrix with an equivalent permeability of NFR. 

Then they developed a dual porosity/dual permeability (DPDP) model in a reservoir 

simulator for NFR experiments and calibrated the ignored parameters using a series of 

simulated experiments.  
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1.3 Study Objectives 

This study aims to provide reservoir management strategies to enhance oil production 

from a mature oilfield with a very low recovery factor (RF) after producing oil for over 

40 years. The oil field under study contains a medium-sized gas cap and a large aquifer. 

Gas coning, the most critical challenge in this oilfield, was investigated by using 

Addington correlation and an improved correlation. The correlation was validated 

through the field data. The current status, future development, and management plan of 

EOR scheme in the field can be improved by use of the new correlation. The steps of 

finishing this study are shown below: 

1. Data gathering 

2. Production analysis 

3. Material balance calculation 

4. Simulation study and history match 

5. Gas coning analysis 

6. Prediction scenarios 

7. Economic estimation 

The workflow of this study is shown below in Figure 7. 
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Chapter 2 Field Description and Production Analysis 

GJF is located in the UA Basin, North East India. The basin is bounded by the eastern 

Himalayas in the north and by the NP hill ranges in the south and southeast. There are 

seven main structures in GJF. NGJ, as one of the seven structures, is located in the 

northeast part of GJF. It is separated with the other structures by two faults (Figure 8). 

The sands in NGJ structure from stratigraphically deeper to shallower depths are BE, BT, 

B5, B4, LT, ML and UT. The sand with largest stock tank oil original in place (STOOIP) 

is UT, which is the object studied in this thesis. 

The NGJ Field is separated with other fields by two faults. The UT in NGJ Field starts 

from -2140 m (-7019 ft). The gross thickness of the formation is 39 m (127.92 ft). Stock 

tank oil original in place (STOOIP) of the reservoir is 18.5 MMsm3 (116.3 MMSTB). The 

reservoir contains 2.2 × 10  m3 of gas (𝑚 = 0.4) and a groundwater volume in aquifer 

which is more than 100 times STOOIP. Average porosity is estimated to be 0.25 and 

permeability ranges from 300 to 600 mD. Initial reservoir pressure is 230.97 bar 

(3350 psi), which is higher than 224.08 bar (3250 psi) value of the bubble point pressure 

(BPP). Bottomhole temperature is reported as 64℃ (147.2℉). 

More information about this reservoir is given in the next several sections. 



 

14 
 

 

Figure 8 - Geographical location of NGJ and wells in the field 
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2.1 Well Logs 

Well logs of some wells are available in Petrel. Figure 9 is a type log from one of the 

wells in the field. These logs for well W11 were obtained in 1988. The scale of corrected 

(from limestone to sandstone) neutron porosity (NPHI) ranges from 0.6 to 0 m3/m3; and 

the corresponding scale of density (RHOB) ranges from 1.65 to 2.65 g/cm3. NPHI and 

RHOB crossover (yellow zone) indicates the presence of gas around the well in 1988. 

Figure 9 - Well logs sample of W11 

Jan-1988 W11 

GR 

SP 

NPHI 

RHOB 

Gas 
Zone

Perforation 



 

16 
 

2.2 PVT Data 

PVT data was obtained from three wells: W3, W4 and W8. Figure 10 shows the PVT 

curves of the oil phase. The data from W3 is most reliable and acceptable among data 

from the three wells. The reservoir started producing from 1973, and W3 PVT data was 

measured in 1977, which is closest to the first production date. The reservoir pressure 

during these four years has not changed significantly, so the W3 PVT data is considered 

representative of the original sample.   

Figure 10 - Oil phase PVT curves for W3, W4 and W8 

 

    Table 1 summarizes the fluid properties from PVT reports. The API gravity of oil is 

25.4. The formation volume factor is almost 1.3 m3/sm3. Oil viscosity ranges from 2.1 to 

3 cP. Gas oil ratio (GOR) is less than 100 sm3/sm3. Production data (Figure 14), on the 

other hand, shows much higher GOR than the solution GOR. It is likely a result of free 

gas being produced from the gas cap. Gas gravity is reported as 0.63. 
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Table 1 - Fluid properties summary of PVT reports 

Well No. W3 W4 W8 
Sampling Date 2/4/1977 6/1/1978 4/28/1987 
Sampling Depth, m 2448.2 2496.1 2506.2 
Bottomhole Pressure, bar 226.5 229.1 220.1 
Reservoir Temperature, °C 63.3 63.3 63.8 
Bubble Point Pressure, bar 224.1 222.0 220.0 
API, ° 25.4 25.5 23.6 

Formation Volume Factor 
(FVF), m3/sm3 

1.299 1.229 1.214 

Oil viscosity, cP 2.1 2.65 3 
Gas-Oil Ratio, sm3/sm3 99.11 89.13 77.01 
Gas Gravity 0.63 0.61 0.62 

    

    Figure 11 shows the gas compressibility factor, gas density, gas formation volume 

factor, gas viscosity changing as pressure increases.  

 

Figure 11 - Gas property variation with pressure 
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    Gas compressibility factor is given in the report. Gas formation volume factor is 

calculated by 

𝐵 = 0.0282  𝑅𝑐𝑓 𝑠𝑐𝑓⁄ = 0.00502  𝑅𝑏𝑙/𝑠𝑐𝑓.  Eq (2.2-1) 

Gas density is calculated by  

𝜌 = .     Eq (2.2-2) 

And viscosity is calculated by 

𝜇 = 𝐴(10 ) 𝑒𝑥𝑝(𝐵𝜌 ),    Eq (2.2-3) 

where 

𝐴 =
( . . ) .

. .
,    Eq (2.2-4) 

𝐵 = 3.448 +
.

+ 0.01009𝑀 ,   Eq (2.2-5) 

and          𝐶 = 2.447 − 0.2224𝐵.            Eq (2.2-6) 

In Equations (2.2-1) through (2.2-6), Bg is gas formation volume factor; z is gas 

compressibility factor; T is temperature in °R; P is pressure in psi; Ma is apparent 

molecular weight of air; 𝜌  is gas density in gm/cc; R is the ideal gas law constant.  

 

2.3 Well Tests 

Well test data was obtained from W4, W8 and W11. The main parameters are listed in 

Table 2. The vertical and horizontal permeability shown here yield a vertical to horizontal 
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permeability ratio of ~ 0.4. The rock compressibility was measured as 3.69E-6 1/psi. The 

total compressibility is 24E-6 1/psi, calculated using  

𝑐 = 𝑆 𝑐 + 𝑆 𝑐 + 𝑆 𝑐 .    Eq (2.3-1) 

Table 2 - Major parameters obtained from well testing reports 

Well No. W4 W8 W11 
Test date 5/25/1982 4/13/1987 5/12/1989 
Depth, m 2319 2328.3 2377.8 
Average Reservoir Pressure, psi 3278 3099 3171 
Reservoir thickness, m 27.43 24.5 23 
Perforated thickness, m 3 6 5 
Skin 57.3 4.54 51.6 
Vertical Permeability, mD 194  -  215 
Horizontal Permeability, mD 430 321 579 
Oil Compressibility, 1/kg/cm2 149.5E-06 1.4950E-04 1.4950E-04 
Gas Compressibility, 1/kg/cm2 3.6350E-03 3.7610E-03 3.8360E-03 
Water Compressibility, 
1/kg/cm2 4.8290E-05 4.8320E-05 4.8310E-05 
Rock compressibility, 1/kg/cm2 5.2490E-05 5.2490E-05 5.2490E-05 
Oil Saturation 0.65 0.65 0.65 
Gas Saturation 0.05 0.05 0.05 
Water Saturation 0.3 0.3 0.3 
Total Compressibility, 1/kg/cm2 3.4590E-04 3.5220E-04 3.5600E-04 

 

 

2.4 Core Data Analysis Review 

    Core data was obtained from the core analysis report. Eight core samples from 

different depths were selected to generate the relative permeability curves. The final 

curves after averaging and extrapolating are shown in Figure 12. The relative 

permeability parameters summary is shown in Table 3. The initial water saturation is 
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estimated as 0.35. The residual oil saturation is 0.2 and the critical gas saturation is 

reported as 0.02. The oil-water mobility ratio is 1.25, calculated by 

𝑀𝑅 =
⁄

⁄
=

∙

∙
.   Eq. (2.4-1) 

 

Figure 12 - Relative permeability curves 

 

Table 3 - Relative permeability end points 

Oil-
Water 

Kro 0.82 
krw 0.17 
Swi 0.35 
Sor 0.2 

Gas-Oil 

Krg 0.55 
Kro 0.62 
Sli 0.55 
Sgc 0.02 
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    Capillary pressure curve is also generated from the eight core samples from different 

depths. As shown in Figure 13, the multicolored dots represent lab data. The black curve 

is the final curve after averaging the multicolored dot values. The connate water 

saturation is about 35%, which is the same as the initial water saturation obtained from 

relative permeability properties. 

Figure 13 - Capillary pressure curve 
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Chapter 3 Production Analysis 

    NGJ began production in 1973. Until April 2018, the cumulative oil production is 1.13 

MMSKL. According to the field STOOIP (18.5 MMsm3), the recovery factor (RF) is 

6.11%. The operator drilled 25 wells in past four decades. There were three active 

producers at the end of April 2018. The field production summary is shown below in 

Table 4.  

Table 4 - Reservoir production summary 
Reservoir Production Summary 

STOIIP 18.5 MMsm3 116.3 MMSTB 
RF @April-2018 6.11 %       
No. of Wells 25       
No. of Active Wells @April-2018 3       
First Prod. Sep-1973       
Oil Production Rate @April-2018 28 sm3/d 176.11 STB/D 
Water Cut @April-2018 69.05%       
GOR @April-2018 296.9 sm3/sm3 1667 SCF/STB 

 

    The field rate production plot along with the gas oil ratio (GOR) and the number of 

active producers is shown in Figure 14. The field was completely shut down during Sep. 

2002 to Mar. 2005. From Oct. 2007 to Dec. 2013, one producer was active, producing 

gas only. Usually, producing too much gas in an oil field results in rapid reservoir 

pressure drop. But due to the strong aquifer support in NGJ, reservoir pressure was 

maintained at a relatively high level. The aquifer probably moved up to provide the 

pressure maintenance. Most probably, oil zone was also pushed up resulting in migration 

of oil into the gas zone, which decreased the producible oil volume. The gas rate and 

GOR were high during the whole production period, indicating the existence of free gas 

in the reservoir.  
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Figure 14 - Field production overview 
 

3.1 Decline Curve Analysis and Estimated Ultimate Recovery (EUR) Estimate 

    As a traditional method to identify production problems and predict field performance, 

decline curve analysis were carried out by plotting oil rate vs. time (Figure 15), oil rate 

vs. cumulative oil production (Figure 16) and water oil ratio (WOR) vs. cumulative oil 

production (Figure 17).  

    Following the previous trend, the oil decline rate in Figure 15 was calculated as 9.27% 

per year. The oil rate reaches economic limit (2 sm3/d) in 2047. At that time, the 

cumulative oil production is 1.28 MMsm3, leading to a RF of 6.92 %. Figure 16 shows oil 

rate and well count changing with an increase in cumulative oil production. At the time 

when cumulative oil production ranged from 0.9 MMsm3 to 1 MMsm3, two wells were 

shut in due to high GOR, and the oil rate decreased from around 150 sm3/d to about 
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40 sm3/d. This production behavior hurt the future field oil rate. When reaching  the 

economic limit, the cumulative oil production is 1.27 MMsm3 yielding a RF of 6.86%.  

Figure 17 shows WOR vs. cumulative oil production at the end of production history. The 

economic limit was set as 24 sm3/sm3 (water cut = 96%). Following the previous trend, 

the cumulative oil production is 1.27 MMsm3 yielding a RF of 6.86%. The estimated 

ultimate recoveries (EURs) by these three methods are shown in Table 5. All these 

approaches yield similar EUR values.  

Figure 15 - Oil rate vs. Time 
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Figure 16 - Oil rate vs. Cumulative Oil Production 

 

Figure 17 - WOR vs. Cumulative Oil Production 

 

Table 5 - Summary of EUR by three methods 

 EUR (MMsm3) Recovery Factor (%) 

Oil Rate vs. Time 1.28 6.92 

Oil Rate vs. Cum Oil Prod 1.27 6.86 

WOR vs. Cum Oil Prod 1.27 6.86 
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3.2 Drive Mechanism 

Primary drive mechanisms are identified by plotting ratio of current bottom-hole 

pressure and initial reservoir pressure (Pwf/Pi) vs. recovery factor. As shown in 

Figure 18, the multicolored curves represent different drive mechanisms. Curve 1 is the 

liquid and rock expansion. In this drive mechanism, reservoir pressure decreases rapidly, 

and primary RF is usually less than 10%. Curve 2 represents solution gas drive. Reservoir 

pressure decreases rapidly and continuously as well, and the RF ranges from 5% to 25%. 

The reservoir pressure due to gas cap expansion, as represented by curve 3, declines 

slowly and continuously, and the RF is between 20% and 40%. Curve 4 indicates water 

influx. The reservoir pressure, remaining high, is sensitive to the oil, gas and water rate. 

The RF of this drive mechanism ranges from 40% to 60%. Curve 5, with a continuously 

declining reservoir pressure, represents gravity drainage. The RF is usually between 50% 

and 70%. The dots in the plot were generated using the static bottomhole pressure 

(SBHP) obtained from different NGJ wells, after adjusting to the same reference depth. 

Several primary drive mechanisms contribute to the reservoir pressure maintenance in 

NGJ UT, resulting in a slight decline in the pressure as shown in Figure 18. Gas cap 

expansion, solution gas drive and water influx are the primary drive mechanisms of NGJ 

UT based on the observed curve trend and the presence of an aquifer and a gas cap. More 

accurate primary drive mechanisms, examined via material balance calculation, will be 

shown in Chapter 4. 
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    Although the reported initial reservoir pressure is higher than the BBP, a gas cap does 

exist in the reservoir. To prove the existence of gas cap, some simple calculations were 

performed. As shown in Figure 19, gas volume produced from oil zone is the sum of the 

solution gas (B) and free gas (A) liberated from solution gas. The gas volume produced 

from gas cap is free gas (C). The free gas rate in the oil zone (A) can be calculated using  

𝐴 = 𝑞 ∙
⁄

⁄
.    Eq (3.2-1) 

The sum of free gas rate from gas cap and oil zone (A+C) can be calculated by 

𝐴 + 𝐶 = 𝑞 𝑅 − 𝑞 𝑅 = 𝑞 𝑅 − 𝐵.   Eq (3.2-2) 

Figure 18 - Drive mechanism plot (Thakur, G.C., Satter, A., 1998. Integrated Waterflood 
Asset Management) 
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Figure 19 - Illustration of free gas from gas cap and oil zone 

 

Figure 20 - Gas production rate comparison. 

     

    To compare (A+B) and (A+B+C), a plot has been generated in Figure 20. If gas cap 

does not exist in the reservoir, free gas from gas cap (C) should be zero, which means 

A+B+C should be equal to A+B. But as observed in Figure 20, A+B+C is much higher 

than A+B, which indicates the existence of a gas cap in the reservoir. 
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3.3 Well Production Analysis 

    After field production analysis, well production behaviors were also analyzed to find 

the potential wells for workovers in future development plans. Figure 21 to 23 show the 

well contribution plots for oil, gas and water production rate respectively. In the plots, 

different colors represent different wells. The height of the multicolored column shows 

the production rate; the area of the multicolored region is the cumulative production. 

Therefore, a larger area indicates a higher well production. 

  

Figure 21 - Well contribution plot for oil production   
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Figure 22 - Well contribution plot for gas production  

 

 

    From the figures, W4, a currently active producer, produced a substantial volume of oil 

without much gas or water production, which shows its potential to produce more oil in 

the future. W3 and W20, which produced substantial volumes of oil, gas, and water, are 

Figure 23 - Well contribution plot for water production 
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possible candidates for further study. These wells could potentially be the target wells to 

increase production because they may still have significant remaining oil saturations 

around them. 

    To gain a wholesome view of well production, a well location map with oil rate, water 

cut and GOR for each well at the end of its production has been plotted in Figure 24. In 

the map, W11 and W21 are the inactive wells with high oil rate and low water cut and 

GOR, showing a great potential for oil production.  

    It should be noticed that all the wells with high oil rate, low water cut and low GOR 

are located in the mid-western part of reservoir indicating that the formation condition in 

this part may be better than its surroundings.  

 

Figure 24 - Oil rate, water cut and GOR for each well at the end of production presented 
alongside well locations 
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Chapter 4 Material Balance Calculation  

    The material balance calculation has been recognized as one of the basic tools of 

reservoir engineering for interpreting and predicting reservoir performance. The material 

balance equation (MBE) can be used to estimate STOOIP and predict the primary drive 

mechanism. In this study, the material balance calculation was performed in a 

commercial simulator. The material balance calculation involves pressure history match, 

and delivers a drive mechanism plot as an output. 

4.1 Material Balance Model 

    A single tank model was constructed to generate the material balance model. Tank 

parameters including initial pressure and temperature, rock properties, water influx 

correlation (Carter-Tracy), relative permeability, and production history were input into 

the model. Figure 25 shows the PVT curves from PVT report. Figure 26 shows the 

reservoir pressure along with cumulative oil production curves generated by the 

simulator. It can be observed in Figure 26 that the pressure curve is not smooth, which 

would affect the pressure match. Additionally, the initial reservoir pressure should be 

equal or less than the bubble point pressure (BPP) for a material balance model with gas 

cap. Therefore, the bottomhole pressures were averaged to a smoothed curve and the 

pressures of the first several years were modified in an acceptable error range. Figure 27 

shows reservoir pressure plot after smoothing and pressure modification. 
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4.2 History Match 

A sensitivity analysis was applied during the pressure match processes. It is found that 

aquifer size decreases as gas cap size increases. A decrease of the outer and inner 

boundary radius ratio leads to a decrease in aquifer size. The aquifer permeability, 

reservoir thickness and reservoir radius do not have much effect on the aquifer size. In 

most runs, the ratio of aquifer volume and STOOIP is more than 100, which indicates an 

infinite aquifer. In order to get a reasonable aquifer size and history match, some 

parameters were changed. 

The history match results are shown in Figure 28 and Figure 29. Figure 28 shows that 

the STOOIP is 19.4 MMsm3 (122 MMSTB); the m value (m =

gas cap volume STOOIP⁄ ) is 0.4; aquifer volume is 142 times STOOIP. GOR vs. 

cumulative oil production was also generated in the plot to show the rapidly increasing 

GOR. The primary drive mechanisms are water influx, gas cap expansion, and fluid 

expansion with slight pore volume (PV) compressibility as presented in Figure 29.  
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Figure 28 - Pressure match and GOR change 

 

Figure 29 - Drive mechanism plot  
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Chapter 5 Simulation Model Construction and History Match 

    Reservoir simulation models, based on well-known reservoir engineering correlations, 

techniques and complex mathematical expressions, quantitatively describe the flow of 

multiple phases in the reservoir. The main purpose of reservoir simulation is to predict 

the hydrocarbon recovery for different field operations. With the reservoir parameters 

like permeability, relative permeability, saturation distribution, etc. never known 

precisely, reservoir performance prediction is seldom accurate. By changing these 

imprecise parameters to match the history pressure and production curves, the accuracy 

of the simulator can be improved. This process is known as history match. 

    A 3D-simulation model of NGJ UT was constructed based on the geomodel. The initial 

condition, PVT data and relative permeability curves were input to generate the dynamic 

model. Pressure and production matches were achieved after several sensitivity tests. 

Details are shown in this chapter. 

5.1 Geomodel Description 

    The reservoir model consists of 357,204 grid cells. The number of cells is 51×103×68 

in i (x), j (y), k (z) direction respectively. The grid size used is 50 m×50 m×2 m. The total 

number of active cells is 178,275 including HC zone and aquifer zone. 

    Figure 30 shows the lithology distribution of defined cells, in which grey is shale and 

yellow stands for sandstone.  
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Figure 30 - Lithology distribution for defined cells 

     

    Figure 31 and 32 show the porosity distribution and histogram respectively. The 

maximum porosity is 27.8% and the mean value is 19.5%. Most of the porosities lie 

between 15% and 25%. 

 

Figure 31 - Porosity distribution for defined cells 
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Figure 32 - Histogram of porosity 

     

    Figure 33 and 34 show the permeability distribution and histogram respectively. The 

maximum permeability is 487.4 mD and the average permeability is 85.6 mD.  

Figure 33 - Permeability distribution for defined cells 



 

41 
 

 

Figure 34 - Histogram of permeability 

 

5.2 Simulation Model 

    A dynamic model was generated by inputting the initial condition, fluid properties and 

core data. The fluid conditions changing over time makes the dynamic model different 

from the static one.  

Figure 35 shows the gas properties. Figure 36 shows the oil properties. It can be 

observed that all the curves have been extrapolated manually based on the plots from 

PVT reports (Figure 10 and Figure 11). No correlations were applied for the first run. 
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Figure 35 - Gas formation volume factor (blue curve) and gas viscosity (green curve) 

 

Figure 36 - Oil formation volume factor (blue curve), oil viscosity (green curve) and 
solution gas-oil ratio (yellow curve) 

 

    Figure 37 and Figure 38 show the relative permeability curves for oil-water and gas-oil 

respectively. From Figure 37, the connate water saturation is 0.35, which corresponds to 

an oil relative permeability of 0.82; the residual oil saturation is 0.2, which corresponds 
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to a water relative permeability of 0.17. Figure 38 shows that the critical gas saturation is 

0.02, which corresponds to an oil relative permeability of 0.62; and the connate liquid 

saturation is 0.55, which corresponds to a gas relative permeability of 0.55.  

Figure 37 - Oil-water relative permeability curves 

 

 

Figure 38 - Gas-oil relative permeability curves 
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    Capillary pressure curve is shown in Figure 39. The maximum capillary pressure at the 

connate water saturation is 6.2 bar (90 psi). The initial condition input into the model is 

shown in Table 6. The gas-oil contact (GOC) and oil-water contact (OWC) are set as 

-2171 m and -2210 m respectively. The STOOIP calculated based on the GOC and OWC 

by volumetric method is 18.5 MMsm3. The dynamic model first run gives an STOOIP of 

18.5 MMsm3 as well. Table 7 summarizes the STOOIP calculated by the three methods. 

The errors between the values calculated by different approaches is around 5%. 

Figure 39 - Capillary pressure curve 
     

Table 6 - Initial condition data 

Initial Condition 

Initial Pressure, bar 234.4 

Initial Temperature, °C 64 

Reference Depth, m -2171 

GOC, m -2171 

OWC, m -2210 
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Table 7 - Results of STOOIP calculated by three methods 

  STOOIP (MMsm3) 

MB calculation 19.4 

Volumetric calculation 18.5 

Initialized simulation 18.5 

 

5.3 Sensitivity Analysis 

    Sensitivity analysis was applied before the history match. Imprecisely known 

parameters like oil viscosity, relative permeability, etc., have been changed to find out 

their effects on the pressure and production simulation results. The sensitivity test results 

for each parameter are summarized as below. 

    Aquifer pore-volume (PV) multiplier changes the size of the aquifer. Aquifer provides 

support to the oil production drive mechanism, which can be observed by the pressure 

change. As aquifer PV multiplier increases, the reservoir pressure gets higher and the 

pressure curve moves up.  

PVT curves consist of several parameters that affect the fluid model and simulated 

production results. A lower oil viscosity results in a higher oil mobility, which increases 

the oil production significantly. A lower oil formation volume factor (Bg) would lead to a 

higher oil production. As solution GOR increases, the gas production increases slightly as 

well. Furthermore, some correlations have been applied to observe their effects. For gas 

phase, Hall and Yarborough (1973) correlation was used for gas compressibility factor; 

McCain (1990) correlation was used for pseudo-critical properties; Lee, Gonzales and 

Eakin (1966) correlation was applied for the gas viscosity. The correlations show a close 

agreement with the lab data. So, the change of production curves is not obvious. For oil 
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phase, Elksharkawy and Alikhan (1997) correlation was used for oil formation volume 

factor because their curve is most similar to the reported one. McCain (1990) mass 

balance, Beal (1946), and Hanafy et al. (1997) were selected as density correlation, stock 

tank viscosity correlation, and saturated/undersaturated viscosity correlation respectively. 

By using these correlations, oil viscosity curve can be generated by the simulation. But 

the generated oil viscosity curve is much different from the curve obtained from the PVT 

report. The generated curve was not adopted because the simulated oil production curve 

could not be matched with the historical data using the generated oil viscosity curve. 

    The relative permeability curves are available for oil-water and liquid-gas system. 

Lower water relative permeability would result in a lower water production and higher 

gas and oil production. A decrease of gas relative permeability would result in a 

significant decrease in gas production, slight decrease in water production, and slight 

increase in oil production. When the values of the relative permeability to water are 

reduced at lower water saturations, we get a better match of water production data. 

    Both the maximum value of capillary pressure and the shape of capillary pressure 

curve would influence the thickness of transition zone (mixture of oil zone and water 

zone). When the maximum capillary pressure is high and the curve slope is gentle, the 

thickness of transition zone would be very thick, even from the OWC to the top layer of 

the model. 

    Reservoir permeability influences gas, oil and water production. For a certain ratio of 

vertical permeability and horizontal permeability (kv/kh), gas, oil and water production 

would increase as vertical permeability increases.  
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    Since critical gas coning problem was observed in the reservoir, GOC and OWC and 

perforations were slightly changed to observe the effect on the gas production.  

Theoretically, an increase of distance between GOC and perforations would lead to an 

increase in the critical oil rate and a decrease in gas production. But it doesn’t happen in 

the NGJ model likely because of the strong aquifer support and high oil production rate at 

the beginning. In this case, the reasons causing gas coning, and the parameters affecting 

the occurrence of gas coning were investigated, which is shown in the next chapter. 

 

5.4 History Match 

After a large amount of sensitivity tests, some parameters were changed to match the 

simulation curve with the history data with an oil rate constraint. Following sections 

explain the details about what were changed to obtain the final results. 

5.4.1 Pressure Match 

    A pressure match was achieved by use of an aquifer pore volume multiplier of 11 

(Figure 40). In this case, the STOOIP is 18.5 MMsm3. The multicolored dots are history 

data and the red solid line is the simulated result. The pressure dropped rapidly from 1987 

to 1995, in which GOR increased to more than 6000 SCUM/KL (33660 SCF/STB). The 

field was shut down between 2003 and 2005, resulting in a stable pressure post shutdown. 

The reservoir pressure decreased slightly in 2015 due to reopening of three producers 

which happened to produce at low oil rate. 
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Figure 40 - Pressure match result 

 

5.4.2 Production Match 

    Production Match is achieved by adjusting the permeability distribution, the ratio of 

vertical permeability and horizontal permeability, oil viscosity, and water relative 

permeability.  

    In the HC zone, permeability filter was applied to set permeability equal to 100 mD if 

it is smaller than 100 mD. Then the permeability distribution was modified in a polygonal 

shape as shown in Figure 41. The ratio of vertical permeability and horizontal 

permeability is set as 0.4 based on observations from the well testing results (shown in 

Table 3). The minimum oil viscosity is 2 cP as mentioned in PVT reports (Figure 42). 

The end point value of water relative permeability curve was not changed, but the 

curvature of the relative permeability curve was slightly enlarged (Figure 43). 
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Figure 41 - Modified permeability distribution 
 

Figure 42 - Modified oil viscosity 
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    The production control mode is on oil rate constraint. Figure 44 shows the field 

cumulative production match and figure 45 shows the field production rate match. Red, 

green, and blue curves represent gas, oil, and water production respectively. As observed 

in the plots, although simulated gas rate is lower than the historical rate for first 15 years 

and larger than the historical rate from 1991 to 1998, the trends of simulated and 

historical cumulative gas production are similar at the end of production history. There is 

a reasonable match for water production rate between 1973 and 1998. At the end of 

history, water match is not so good because of the uncertainty of new perforation depths 

of the active producers. 
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Chapter 6 Gas Coning Analysis 

As mentioned in the previous chapter, critical gas coning problem was found because 

of the difficulties of gas production match. In this chapter, the reasons for gas coning and 

parameters affecting the occurrence of gas coning will be investigated. Critical oil rate, 

one of the most significant parameters, can be used to judge whether gas coning occurred 

or not. Several gas coning correlations were applied to find out a reasonable critical oil 

rate. But none of them were suitable for the field under study.  

This chapter describes the processes and steps taken to develop an improved gas 

coning correlation for this field based on Addington (1981) correlation. The improved 

correlation has been applied in prediction schemes to help control the BHP, which will be 

presented in the next chapter. 

6.1 Addington Correlation 

    Addington (1981) generated gas-coning correlations by a one-well model constructed 

on an implicit radial simulator. GOR vs. average oil column height above perforations 

plots were plotted to test the sensitivity of oil rate, horizontal permeability, the ratio of 

vertical permeability and horizontal permeability(𝑘 𝑘⁄ ), perforation thickness, average 

oil viscosity, and well spacing to the distance between GOR and the top of perforations. 

The tuning points of the plots (Figure 46) represent the occurrence of gas coning. The 

results were summarized as:  

 An increase in oil rate leads to an increase in average oil height above 

perforations; 
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 An increase in horizontal permeability results in a decrease in average oil height 

above perforations;  

 As perforation thickness increases, average oil height above perforations 

decreases;  

 As oil viscosity decreases, average oil height above perforations decreases;  

 Effect of kv/kh and well spacing on the gas coning is not significant.  
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Figure 46 - Sensitivity test results of Addington’s correlation (Addington, D. V. 1981. “An 
Approach to Gas-Coning Correlations for a Large Grid Cell Reservoir Simulator.”) 



 

57 
 

    Addington generated correlations to calculate critical rate and GOR after gas 

breakthrough by plotting Figures 5. 

The correlation for critical rate can be summarized as 

ℎ = 137.9(𝑃) .    Eq (6.1-1) 

where 

𝑃 =

.

,   Eq (6.1-2) 

𝐹 = ,     Eq (6.1-3) 

and     𝐹 =
 

∙

.
 .          Eq (6.1-4) 

In Equations (6.1-1) through (6.1-4), ℎ  is average oil column height above perforations 

at gas breakthrough (ft); 𝑄  is critical oil rate calculated by Addington correlation 

(STB/d); 𝐵  is oil formation volume factor (RB/STB); 𝑘  is vertical permeability (mD); 

𝑘  is horizontal permeability (mD); 𝜇  is average oil viscosity (cP); 𝐹  is geometric 

factor; 𝐹  is well spacing factor; ℎ is pay thickness (ft); ℎ  is perforation thickness (ft); 

ℎ  is average oil column height above perforations (ft). 

    The correlations were applied in NGJ Field to calculate the critical rate for each well. It 

was found that the correlations do not work for wells in which gas coning happened 

several times during the production.  
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6.2 Improved Addington Correlation  

At the beginning, an attempt was made to plot GOR vs. average oil column height 

above perforations. However, it was found that the GOC cannot be estimated precisely 

because of the strong aquifer support in NGJ. Therefore, a new plot (i.e., semi-log plot of 

GOR vs. oil rate) was generated. When the oil rate is smaller than critical oil rate, the 

produced gas is the solution gas, and the produced GOR equals to the solution GOR. 

When the oil rate exceeds the critical oil rate, a portion of produced gas comes from gas 

cap and the produced GOR is larger than solution GOR.  

Several wells with relatively continuous production history (W4, W3, W5, W6, W8, 

W11 and W19) were selected as samples. GOR vs. oil rate was plotted for each well. For 

most of the plots, as shown in Figure 47, some high oil rate points show low GOR (e.g., 

𝑜𝑖𝑙 𝑟𝑎𝑡𝑒 = 100 𝑠𝑚 𝑑⁄ ; 𝐺𝑂𝑅 = 107 𝑠𝑚 𝑠𝑚⁄ = 𝑠𝑜𝑙𝑢𝑡𝑖𝑜𝑛 𝐺𝑂𝑅), while some low oil 

rate points show high GOR (e.g., 𝑜𝑖𝑙 𝑟𝑎𝑡𝑒 = 67.5 𝑠𝑚 𝑑⁄ ; 𝐺𝑂𝑅 = 896 𝑠𝑚 𝑠𝑚⁄ ). After 

analyzing the well production data, it was found that the high oil rate with low GOR 

usually happened in the early period, and relatively low oil rate with high GOR occurred 

late into the producing phase. The critical oil rate decreases as production time increases. 
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Figure 47 - GOR vs. oil rate plots for W3 before modification 

 

Therefore, well production was divided into several periods based on the gas coning 

time. GOR vs. oil rate was plotted for different periods. The results for W3 were shown 

in Figure 48. For each period, oil rate and GOR present strong relationship between each 

other. The trend lines for each plot were drawn and the oil rates and corresponding time 

in days were recorded. The time for the estimated critical rate is obtained from the 

production data. The summary of the data for selected wells is shown in Table 8.  
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Table 8 - Summary of reservoir characteristics, results from Addington’s method, real 
critical rate, and corresponding time for wells 

Well 
Period kh kv hap hp Time 

Addington 

QA 

Estimated QC  

(see Fig. 48) 

 
 

mD mD ft ft days sm3/d sm3/d 

W4 
 

1250 500 91.2 9.84 2738 116.3 105.7 

W3 

1 902 360 88.54 16.4 757 97.4 109.7 

2 902 360 88.54 16.4 1184 97.4 81.94 

3 902 360 88.54 16.4 1488 97.4 61.97 

4 902 360 88.54 16.4 2097 97.4 48.1 

5 902 360 88.54 16.4 2859 97.4 47.76 

6 902 360 88.54 16.4 3344 97.4 44.4 

W5 

1 500 200 81.672 19.68 150 50.7 50.32 

2 500 200 81.672 19.68 759 50.7 37.32 

3 500 200 81.672 19.68 1185 50.7 28 

W8 

1 375 150 67.568 9.84 1249 22.6 47.1 

2 375 150 67.568 9.84 1676 22.6 41 

3 375 150 67.568 9.84 2496 22.6 35 

W11 
1 1250 500 49.2 16.4 182 54.9 72.29 

2 1250 500 49.2 16.4 456 54.9 48 

W19 

1 1250 500 49.2 16.4 * 13.7 54 

2 1250 500 49.2 16.4 * 13.7 42 

3 1250 500 49.2 16.4 * 13.7 11.12 

W6 

1 250 100 82 19.68 * 25.5 25 

2 250 100 82 19.68 393 25.5 23.06 

3 250 100 82 19.68 * 25.5 20 

4 250 100 82 19.68 1096 25.5 11 

 

Note:  

Kv/kh = 0.4; h = 127.95 ft; Oil viscosity = 2.7 cP; Porosity = 0.25; F2 = 0.855 

* Time cannot be determined from the plot and production data. 
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    By plotting critical rate vs. time (Figure 49), the exponential relationship between 

critical rate and time was found. However, the curves from different wells do not overlap 

with each other. The unique properties of the wells influence the results. 

 

Figure 49 - Relationship between critical rate and producing time for each well 

     

After several tries, a correlation was generated by plotting vs. time 

(Figure 50). The points are the data from Table 8. The curve is the trend line of points. 

The R2 value shows the error between the points and trend line. 

    The equation can be summarized as 

 = 0.023𝑒 . ,    Eq (6.2-1) 
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where 𝑄  is the critical rate (STB/D); 𝑄  is the critical rate calculated by Addington’s 

correlation (STB/D); ℎ  is the perforation length (ft); ℎ is the oil zone thickness (ft); 𝑡 is 

time (d). 

 

Figure 50 - Critical rate and production time correlation 

 

6.3 Correlation Check 

    W19 was not taken into account when generating the correlation because of missing 

time data. To test the result, the plot of Oil Rate/ Critical Rate/ GOR vs. Time for W19 

(Figure 51) was generated. In the plot, the green curve is oil rate; orange curve is 

calculated critical rate; red curve is GOR. When the green line is higher than the orange 

line, GOR is larger than the solution GOR. When the green line is below the orange line, 

GOR decreases and reaches the solution GOR. This correlation works well for NGJ field.  

𝑦 = 0.023𝑒 .  
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Figure 51 - Well production plot and critical rate curve for W19 

 

    The correlation was developed based on the production data and well properties for 

this specific reservoir. Similar processes can be applied to other fields with similar 

problems. Furthermore, a program can be written to generate the correlations for different 

fields automatically. With enough data, a database can be established, and the critical rate 

can be calculated by just searching the name of the well and the field.  
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Chapter 7 Development Plans and Economic Estimation 

    At this stage, a reasonable match for field production and pressure history was 

achieved. Also, a new correlation was proposed for gas coning issue in this reservoir. In 

this chapter, several prediction scenarios for the most economically advantageous 

situation are shown. The economic estimation is achieved by net present value (NPV) 

calculation. The NPV for incremental production is calculated by 

𝑁𝑃𝑉 = ∑
( )

 ,    Eq. (7-1) 

where Rt is the net cash flow during a single period; i is the discount rate; and t is the 

number of time periods.  

    The equations to calculate Rt are presented as 

𝑅 = 𝑁𝑅 + 𝐶𝐸 + 𝑂𝐸 + 𝑃𝑇,    Eq.(7-2) 

𝑁𝑅 = 𝐺𝑅 ∙ 1 − 𝑅  ,    Eq.(7-3) 

and              𝐺𝑅 = 𝑁 ∙ 𝑂𝑃 + 𝐺 ∙ 𝐺𝑃,                Eq.(7-4) 

where NR is the net revenue; CE is the capital expense (used as a negative number); OE 

is the operating expense (used as a negative number); PT is the production taxes (used as 

a negative number); GR is the gross revenue; Roy is the royalties; Ni is the oil production 

during a single period in STB; OP is the oil price in $/STB; Gi is the gas production 

during a single period in MSCF; and GP is the gas price in $/MSCF.  

    Table 9 shows the parameters used in NPV calculation in prediction schemes. 
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Table 9 - Oil/gas prices, expenses parameters used in NPV calculation 

Oil Price $50/stb 

Gas price $2.6/Mscf 

Operation expenses 
$0.49 MM for the first year with an 
increasing rate of 3% per year 

Royalties 12.5% of gross revenue 

Production taxes 5% of net revenue 

Workover expenses $1 MM/well 

Infill drilling expenses $4 MM/well 

 

Secondary recovery was not adopted in the plans, because it was out of the scope of 

this study. All the prediction cases start from Apr. 2018 and end in Apr. 2038. A 

comparison of prediction schemes has been presented at the end of this chapter. 

 

7.1 Base Case 

    The predicted oil rate follows the previous trend in the base case as shown 

in Figure 52. In this case, the field stops producing in three years because of the oil rate 

reaching zero. The cumulative oil production at the end of prediction is 1.14 MMSKL 

(7.18 MMSTB), yielding a RF of 6.17%. The NPV for incremental production is $2.4 

MM. 
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Figure 52 - Field production rate prediction for base case 

 

7.2 Workovers 

     After the base case, three workovers schemes are proposed for potential wells, W11 

and W21.  

    The last production record (Figure 24) for W11 in May 1990 shows that the oil rate, 

water cut, and GOR were 39.7 sm3/d (249.7 STB/D), 4.8%, and 70.07 sm3/sm3 (396.6 

SCF/STB) respectively. The reason for shutting down the well was not mentioned in the 

completion report. In prediction case 2, assuming the casing condition was good, i.e., not 

requiring repairs, the workover actions were to squeeze the old perforation 

(-2379 to -2384 m) and perforate a new interval at -2387 to -2393 m. The critical rate 

calculated by the improved gas coning correlation is 72.3 sm3/d. The FBHP is set to 202 

bars in workover case 1, which results in the oil rate of 57.6 sm3/d. The field production 

rate is shown in Figure 53. At the end of prediction, the cumulative oil production is 1.4 
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MMsm3 (8.8 MMSTB), yielding a RF of 7.58%. The NPV for incremental production is 

$28.42 MM. 

 

Figure 53 - Field production rate prediction for prediction case 2 (W11) 
 

    The oil rate for W21 (Figure 24) was 32.3 sm3/d (203.17 STB/D), the water cut was 

8.27%, and the GOR was 47.88 sm3/sm3 (268.6 SCF/STB) in its last producing test in 

March 2016. The well was reported as sick in the completion reports without providing 

specific reasons for declaring it as such. In prediction case 3, assuming the casing 

condition was good, the workover actions were to squeeze the old perforation (-2290 m 

to -2296 m) and perforate a new interval at -2315 m to -2321 m. Applying the proposed 

gas coning correlation, the critical oil rate is 28.6 sm3/d, and therefore, the FBHP was set 

to 205 bar in workover case 2. As a result, the oil rate of W21 is 18.9 sm3/d. The field 

production rate is shown in Figure 54. At the end of prediction, the cumulative oil 
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production is 1.23 MMsm3 (7.74 MMSTB), yielding a RF of 6.66%. The NPV for the 

incremental production is $7.06 MM. 

 

Figure 54 - Field production rate prediction for prediction case 3 (W21) 

 

    Thereafter a combination of W11 and W21 workovers (prediction case 4) was 

generated. For W11, a new perforation was made at -2387 to -2393 m and an upper 

FBHP limit of 202 bars was set. For W21, a new perforation was made at -2315 to -2321 

m and an upper FBHP limit of 205 bars was set. The field production rate of workovers 

(W11 and W21) is shown below in Figure 55. At the end of prediction, the cumulative oil 

production is 1.42 MMsm3 (8.93 MMSTB), yielding a RF of 7.67%. The NPV for 

incremental production is $31.39 MM. 
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Figure 55 - Field production rate prediction for prediction case 4 (W11 and W21) 

 

7.3 Infill Drilling 

Infill drilling cases were generated after analyzing net map of oil saturation at the end 

of history. As shown in Figure 56, red means high oil saturation and pink is low oil 

saturation. Aquifer water comes from bottom, east, and southwest. The infill wells were 

selected according to the net map as shown in Figure 57.  
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Figure 56 - Net map of oil saturation at the end of history 
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    The perforation of Infill 1 was selected in a high porosity (∅ = 0.25) and high 

permeability (𝑘 = 210 𝑚𝑑) zone as shown in Figure 58. The perforation depth was 

-2321 m to -2330 m. The critical oil rate is calculated as 70.8 sm3/d. The FBHP was set  

at 203 bars, which results in an oil rate of 65.0 sm3/d for Infill1. The field production rate 

plot for prediction case 5 (Infill 1) is presented in Figure 59. The cumulative oil 

production at the end of prediction is 1.36 MMSKL (8.55 MMSTB), yielding a RF of 

7.39%. The NPV for incremental production is $21.8 MM. 

Figure 58 - Well section of Infill 1 
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Figure 59 - Field production rate prediction for prediction case 5 (Infill 1) 

 

    Figure 60 shows the well section view of Infill 2. The porosity condition of Infill 2 is 

not as good as previous case. The relatively high porosity and permeability layers were 

selected as the new perforation zone (-2318 m to -2324 m). The critical oil rate is 64.8 

sm3/d. Setting the FBHP to 205 bars results in a maximum oil rate of only 14.25 sm3/d. 

The field production rate plot for prediction case 6 (Infill 2) is presented in Figure 61. 

The cumulative oil production at the end of prediction is 1.21 MMSKL (7.61 MMSTB). 

The total RF for this case is 6.56%. Due to the high cost of drilling, the NPV for the 

production is $1.59 MM. 
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Figure 60 - Well section of Infill 2 
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Figure 61 - Field production rate prediction for prediction case 6 (Infill 2) 

 

    The well section view of Infill 3 is presented in Figure 62. A depth interval of -2318 m 

to -2324 m was selected for perforation due to its relatively high porosity and 

permeability. The critical oil rate is 27.3 sm3/d. The simulated oil rate is 15.4 sm3/d by 

setting the FBHP to 200 bars. The field production rate for this case (prediction case 7) is 

shown in Figure 63. The cumulative oil production at the end of prediction is 1.20 

MMSKL (7.55 MMSTB). The total RF is 6.47%. The NPV for incremental production is 

$0.04 MM. 
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Figure 62 - Well section of Infill 3 
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Figure 63 - Field production rate prediction for prediction case 7 (Infill 3) 

 

7.4 Combination 

At last, a case (prediction case 8) which is the combination of case 4 (W11andW21) 

and case 5 (Infill 1) was evaluated. Figure 64 shows the field production rate plot for this 

case. The cumulative oil production at the end of prediction is 1.56 MMSKL (9.81 

MMSTB), leading to a RF of 8.44%. The NPV for incremental production is $50.35 MM.      

Figure 65 shows the comparison of field oil rate of each case. The economic estimation 

is summarized in Table 10. 
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Figure 64 - Field production rate prediction for case 8 (combination of workovers of W11 
and W21, and infill drilling of Infill 1) 

 

      

Figure 65 - Field oil production rate comparison for prediction schemes 
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Table 10 - Summary of prediction results and economic estimation (start from April 2018 
and end in April 2038) 

Cases 
Np 

(MMSKL) 

STOOIP 

(MMSKL) 
RF 

Net Present Value (NPV) 

for incremental 

production ($MM) 

End of History 1.1314 18.5 6.12% - 

Case1 1.14173 18.5 6.17% 2.40 

Case2 1.40228 18.5 7.58% 28.42 

Case3 1.23198 18.5 6.66% 7.06 

Case4 1.41898 18.5 7.67% 31.39 

Case5 1.36798 18.5 7.39% 21.8 

Case6 1.21388 18.5 6.56% 1.59 

Case7 1.19728 18.5 6.47% 0.04 

Case8 1.56108 18.5 8.44% 50.35 
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Chapter 8 Conclusions 

The work discussed in the previous chapters was an attempt to apply reservoir 

management and development process in a real case study to find the reasons for low RF 

after producing for over 40 years. Production performance analysis, decline curve 

analysis, and material balance calculation were carried out. Then a simulation model was 

constructed to predict the hydrocarbon recovery for different operating conditions. Gas 

coning was found to be the most critical problem in simulation study. An improved gas 

coning correlation had been generated and applied in prediction schemes. The findings of 

the study are discussed below: 

1. In future development scenarios, the economic results show that a combination of 

workovers (W11 and W21) and infill drilling (Infill 1) would bring the highest 

benefits (i.e. $50.35 MM). 

2. From material balance analysis, dominant reservoir drive mechanisms were 

recognized as water influx (68%) and gas cap expansion (20%). The pore volume 

compressibility and fluid expansion account for 12%. 

3. The critical oil rate estimated from proposed gas coning correlation shows an 

agreement with production data, e.g., producing oil rate of NHK458 in Feb 1993 

was 56 sm3/d, exceeding the calculated critical oil rate of 36.8 sm3/d, which led to a 

GOR of 1135.9 sm3/sm3 (solution GOR is around 90 sm3/sm3). 

4. Critical rate exponentially decreases as production time increases for a single well 

(e.g., NHK277). 

5. Based on the proposed gas coning correlation, a larger well perforation interval 

results in a lower critical rate. The critical rate of NHK404 at the beginning of 
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prediction is 72.2 sm3/d with a perforation interval of 6 m; the critical rate will be 

39.3 sm3/d if the perforation interval is 9 m. 

6. Based on the improved gas coning correlation, a larger horizontal permeability 

results in a larger critical oil rate. The critical rate of NHK404 at the beginning of 

prediction is 72.2 sm3/d with a horizontal permeability of 1250 mD; the critical rate 

will be 28.9 sm3/d if the horizontal permeability is 500 mD. 

Note: The following observations are documented for future studies: 

 The correlation was developed based on the production data and well properties for 

this specific reservoir. It needs to be identified for other fields to make it more 

applicable. 

 The oil rate dramatically reduced and reservoir pressure dropped rapidly after the 

gas coning occurrence. The low recovery factor may have resulted from the gas 

coning problems in the field.   
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Appendix A 

Gas coning correlations comparison 

    Take W4 as an example, the comparison between critical oil rates calculated by several 

gas coning correlations is shown in Table 11. 

    Schols (1972) and Addington (1981) are empirical correlations. Chaperon (1986) is an 

analytical correlation. The result of Chaperon (1986) is really high. It might be the reason 

that the density difference between oil and gas is large, which results in a large estimated 

critical oil. Chaperon (1986) correlation maybe more useful to estimate critical oil rate for 

water coning, although the paper mentioned “Water cones (vertical wells) follow the 

same equations as gas.” Estimated critical oil rate is a function of time 

(452.6𝑒 . ). The critical rate listed in table is estimated for May 1988 

(𝑡 =  2738 𝑑). 

Table 11 - Critical oil rate calculated using several gas coning correlations 

Correlations Estimated Qc (sm3/d) 

Schols (1972) 115.0 

Addington (1981) 116.3 

Chaperon (1986) 560.4 

Improved 100.4 
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Figure 66 - Gas coning correlation comparison plot 

     


