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Abstract 

 

The findings of this dissertation on seismic characterization of the Eagle Ford 

Shale based on rock physics using actual well-log data from productive and unproductive 

wells in Mexico can be immediately and effectively applied to avoid future failures and 

can be corroborated with current and new locations for exploration and production. 

It was found that basic sequence stratigraphy techniques developed for 

unconventional reservoirs can be applied to the case of the Eagle Ford Shale in Mexico. 

Using well log correlation and petrophysical techniques to estimate reservoir properties, it 

was concluded that the zone where the horizontal well was drilled at Montanes-1 was 

located above the condensed sequence, bypassing the pay zone below the maximum 

flooding surface in the transgressive system track. It is verified that the productive well 

Emergente-1 was drilled in the correct zone with hydrocarbon saturation at the 

transgressive system track below the maximum flooding surface.  

It was found that using mineral assessment methods to compute brittleness, and the 

proper geosteering analysis is a consistent approach for placement of future horizontals. 

Based on that, it is concluded that any estimation of rock physics and anisotropic 

parameters derived from well logs at the source rock interval will be deceiving and will 

give a false estimation.  

It was concluded that the isotropic rock physic model known as friable-sand or 

modified friable-shale (unconsolidated sand or unconsolidated shale), or most recently 

called “soft-sand model”, was proved to match the data better than any other rock physic 

model tested to predict velocity and density. The term “non-source rock model” will be 
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used instead for the rock physic model because it is more consistent with the Eagle Ford 

Shale case analyzed here. 

For the orientation of maximum horizontal stress, it is concluded by integrating 

VSP, microseismic and borehole data, that a straight north-south orientation of future 

horizontals is needed in order to generate the fractures in the straight east-west azimuth 

correlating with the maximum horizontal stress orientation. 
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Chapter 1 Introduction 

 

The background of this work is based on the current problem presented in the 

industry to characterize unconventional shale plays, specifically the Eagle Ford Shale, 

currently under initial exploration stages by Pemex E&P. 

This research is important not only because it is needed for future wells but 

mainly due to failure to establish production in one of the wells used in this project. The 

primary problem to tackle is the effective placement of the horizontal well and the 

intervals to fracture. 

Improved characterization of the reservoir properties is needed to obtain 

productive hydrocarbon results and limit the amount of massive resources currently used 

in the industry to handle the problem economically. 

The primary beneficiary of this research is Pemex Exploration and Production in 

Mexico with vast estimated reserves of hydrocarbons on unconventional plays that can 

immediately apply any of the analysis developed here. 

The problem statement is based on the current uneconomical results on the dry 

borehole drilled in the wrong interval. Even with the amount of data available, the current 

petrophysical knowledge is still in its infancy, and several assumptions about 

geomechanics, rock physics, geosteering and stratigraphy were made for the current well 

results. Investigation is needed to eliminate false assumptions and improve results. 

The objectives of this work were based on the review and application of current 

techniques used for unconventional reservoirs and adapted to the Mexican case to 

improve future borehole placements. To fill the gap, it will use data from a productive 
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well and a dry well drilled in the same period at the Eagle Ford Shale by Pemex. 

The scope of this project is limited to the Eagle Ford Shale in Mexico using wells 

drilled in the oil and gas window and integrating borehole, Vertical Seismic Profile 

(VSP) and microseismic data. A rock-physics model is expected to be developed for this 

type of reservoir together with the brittleness index and reservoir properties. 

One of the limitations of this project is the number of wells used, but it is a 

common task in exploration to infer useful conclusions from few data.  

A number of assumptions can be made to simplify the problem and also make the 

problem as complex as possible, but this work is meant to grow a model from the data; 

therefore, the final assumptions will be based on the best model that fits the data and not 

the opposite. 

The main findings of this work are: 

1. It is proved that basic sequence stratigraphy techniques developed for 

unconventional reservoirs have to be applied to the case of the Eagle Ford Shale in 

Mexico to avoid wrong placement of future horizontal wells. Using well-log 

correlation it was concluded that the zone where the horizontal well was drilled at 

Montanes-1 located above the condensed sequence, bypassing the pay zone below 

the maximum folding surface in the transgressive system track. It is verified that 

the productive well Emergente-1 was drilled in the correct zone with hydrocarbon 

saturation at the transgressive system track below the maximum flooding surface. 

There is also a great opportunity for future wells to use sequence and seismic 

stratigraphy concepts together with correlation strategies on unconventional plays 

for Pemex.  
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Figure 1.1 Integrating Gamma-ray log correlation and Slatt’s model for unconventionals 

and correspondent horizontals. Gamma-Ray log (GR) used for correlation to interpret the 

Sequence Boundary (SB), Maximum Flooding Surface (MFS), Transgressive System  

Track (TST) and Highstand System Track (HST) defined for the Eagle Ford 

(McGarity,213). 

 

2. Using petrophysical techniques to estimate reservoir properties for unconventional 

reservoirs such as Total Organic Carbon (TOC) and Brittleness from logs, it is 

proved that the intervals where the horizontal well was drilled in Montanes did not 

have any petrophysical conditions to produce. Figure 1.2 illustrates the Passey’s 

method to derive TOC based on the overlap of sonic and resistivity logs in the non-

source rock intervals. It is concluded that source rock corresponds to an apparent 

low brittleness index estimated from well logs. 
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Figure 1.2 Passey’s method to derive TOC together with water saturation and horizontal 

well at Montanes. 

 

3. The same process used at Montanes was applied at the productive well Emergente 

where the horizontal well corresponds with the TOC values and water saturations 

that reflect the gas production reported. It is also concluded that the source rock 

interval corresponds to an apparent low brittleness index estimated from well logs. 
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Figure 1.3 Passey’s method to derive TOC together with water saturation and horizontal 

well at Emergente. 

 

4. It is concluded that that brittleness index based on limestone correlates with the 

brittleness index derived from sonic logs on the non-source rocks intervals for 

Montanes and Emergente. Using mineral assessment methods to compute 

brittleness and the proper geosteering analysis is a consistent approach for 

placement of future horizontals. 
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Figure 1.4 Comparing Brittleness Index from mineral assessment using Neural Networks 

and Sonic log methods at Montanes. 
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Figure 1.5 Comparing Brittleness Index from mineral assessment using Neural Networks 

and Sonic log methods at Emergente. 

 

Table 1.1 Summarizing petrophysics and brittleness index per interval at Montanes and 

Emergente. 

 

5. Based on all of the previous analysis, it is concluded that any estimation of rock 

physics and anisotropic parameters derived from well logs at the source rock 

interval will be misleading and could give a false estimation. For Montanes the 

EMERGENTE -1

Brittleness 

based on 

Limestone 

volume

derived 

from well log

Brittleness 

based on 

Sonic logs

Brittleness 

based on 

Dolomite 

volume

derived 

from well log

MONTANES

Depth (m) DTCO DTSM VP VS rhob TOC phiD Sw BRIT_LOG FBI_DOL FBI_LIMESTONE

KEF 1300-1500 60.94 111 5018.05 2754.95 2.64 0.033 0.0409357 0.99 68.73 0.17 0.71

KEF_HTE 1500-1555 70.98 122 4308.26 2506.56 2.59 0.014 0.0701754 0.95 60.49 0.23 0.66

KEF_INF 1555-1600 82.92 142 3687.89 2153.52 2.57 2.36 0.0818713 0.53 55.31 0.25 0.7

EMERGENTE

Depth (m) DTCO DTSM VP VS rhob TOC phiD Sw BRIT_LOG FBI_DOL FBI_LIMESTONE

KEF 2351-2474 61.26 113.15 4991.84 2702.61 2.6 0.01 0.0643275 0.77 65.97 0.14 0.72

KEF_HTE 2474-2508 69.47 121.27 4401.90 2521.65 2.54 0.01 0.0994152 0.51 64.58 0.21 0.75

KEF_INF 2508-2548 75.42 131.16 4054.63 2331.50 2.47 1.2-4.5 0.1403509 0.44 57.01 0.14 0.76

BRITTLENESS MINERAL

BRITTLENESS MINERAL
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Thomsen’s parameters for the non-source rock interval defined as KEF using 

different available methods gives:  

 

Table 1.2 Summarizing Thomsen's parameters in the non-source rock interval. 

Based on the last method listed above that incorporates well log deviation and mineral 

proportions in the non-source rock, it is concluded that Eagle Ford Shale can be treated as 

an isotropic and homogenous formation.  

6. It is proved by reprocessing of microseismic events, using an isotropic velocity 

model it is consistent with the previous results and similar that the constant 

velocity used originally by Microseismic Inc to illuminate the hydraulic fractures. 

More research is needed to understand anisotropic effects on the microseismic 

acquired at the source. 

7. For mineral assessment derived from well logs using as calibration the XRD core 

data, the neural network approach is the one that matches the data better outside 

the zone of calibration. 

MONTANES

BASED ON BOREHOLE DEVIATION

Depth (m) Vp Vs Delta Epsilon Gamma

KEF 1300-1500 4318.42 2492.97 -0.28 -0.39 -0.71

BASED ON CRACKED MODEL

Depth (m) Vp Vs Delta Epsilon Gamma

KEF 1300-1500 4352 2447 -0.07 -0.06 -0.027

BASED ON FRACTURED MODEL

Depth (m) Vp Vs Delta Epsilon Gamma

KEF 1300-1500 4352 2447 -0.20 -0.15 -0.11

BASED ON RYAN-GRIGOR DATA FOR SHALES

Depth (m) Vp Vs Delta Epsilon Gamma

KEF 1300-1500 4352 2447 0.06 0.13 0.156

BASED ON SONIC LOG-DEVIATION AND MINERAL

Depth (m) Vp Vs Delta Epsilon Gamma

KEF 1300-1500 4352 2447 -0.01 0.00 0.01
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8. The isotropic rock physic model derived by Dr. Jack Dvorkin at Stanford known as 

friable-sand (Dvorkin and Nur, 1996) or modified friable-shale (unconsolidated 

sand or unconsolidated shale) or most recently called by himself in his book “soft-

sand model” (Dvorkin, 2014), was proved to match the data better that any other 

rock physic model tested. As Dr. Dvorkin did not tackle this effect on the 

unconventional case, I will rename it as “non-source rock model” to be more 

consistent with our Eagle Ford Shale case analyzed here. 

9. The conclusion about the estimation of orientation and magnitude of maximum 

horizontal stress needed for the horizontal segment of the well is partially 

completed. For the orientation, it is concluded by integrating VSP, microseismic 

and borehole data that a straight north-south orientation of future horizontals is 

needed in order to generate the fractures in the straight east-west orientation 

correlating with maximum horizontal stress orientation. 
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Chapter 2 Regional setting of the Eagle Ford Shale 

 

Summary 

The vast regional quantities of oil and gas productive shale in the USA have led to 

greater development and understanding of their geological properties across the border 

with Mexico. Pemex E&P, the national oil company in Mexico, has launched a research 

program for unconventional plays to understand their geomechanical properties, reservoir 

operations, and distribution. 

The Upper Cretaceous Eagle Ford Shale, in south and east Texas and northeast 

Mexico, consists of organic matter-rich fossiliferous marine shale. It is one of the most 

actively drilled targets for oil and gas in the United States but is in the beginning stage in 

exploration in Mexico because of new technologies in horizontal drilling and completion. 

These low porosity and permeability reservoirs are very important hydrocarbon 

producers; therefore, it is crucial to understand their rock physics, petrophysics, 

geomechanics, and the architectural elements such as clay content, variable lithology, 

total organic content, and changes in porosity and permeability that can affect 

hydrocarbon recovery. This study is focused on building an integrated approach of 

disciplines to understand the challenges in productive and unproductive cases analyzed 

on the Mexican side of the border. 

Two wells with XRD core samples at selected depths in the Eagle Ford Formation 

were analyzed and interpreted to determine lithology together with their corresponding 

brittleness index. 

The information presented here is mainly from studies of the Eagle Ford shale 
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based on Emergente-1 and Montanes-1 drilled in Mexico by Pemex E&P in 2011 taking 

as reference prior work done by Slatt and Abousleiman, (2010) in Barnett and Woodford 

shales, and in the recent UH Master’s thesis from McGarity (2013) in the Eagle Ford 

Shale that is directly applicable to the Mexican gas shale case. 

Using past stratigraphic interpretations (McGarity, 2013), two separate faces 

along with their depositional environment were interpreted as highstand, and 

transgressive system tracks separated by flooding surfaces, interpreted as sequences (3rd 

order cycles for Slatt and Abousleiman). 

These surfaces, along with bentonites seen in the core, were then correlated to the 

corresponding brittleness index from the petrophysical and rock framework point of 

view. The upper Eagle Ford Shale presents onlap and thinning of units toward the San 

Marcos Arch, as opposed to the Maverick Basin area where the upper Eagle Ford Shale 

thickens significantly. The lower part of the Eagle Ford Shale remains relatively constant 

throughout the south Texas area, showing only minimal areas of thickened sections 

(McGarity, 2013). On the Mexican side of the border, because of the Laramide Orogeny, 

the Eagle Ford shale gets thinner toward the southeast bordering the Burgos Basin in 

Tamaulipas, Mexico. 

Introduction 

Upper Cretaceous shale plays (Ojinaga, Eagle Ford, and Agua Nueva) are 

widespread in Chihuahua, Sabinas, Burro Picachos, and Burgos basins in northeastern 

Tamaulipas, Mexico and are the southward extension of the Eagle Ford from the 

Maverick basin in Texas. 

The Eagle Ford Formation in Burro-Picachos is similar to the US counterpart in 
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the Maverick Basin, which corresponds to organic-rich shales as a condensed sequence. It 

has been divided into two units. The upper one consists of intercalated limestones and 

thin calcareous shales, whereas the lower unit is a massive organic rich calcareous shale. 

The Eagle Ford is being explored in a northwest-southeast sector, in the Mexican side 

along the US border. 

In the subsurface of this area, the classic Eagle Ford succession is an 

unconformity-bounded depositional sequence, which is Late Cenomanian to Turonian in 

age (Donovan and Stalker, 2011). This sequence overlies the Buda Formation, which is 

Early Cenomanian in age, and is in turn overlain by the Austin Chalk, which previous 

data suggest is Coniacian to Santonian in age. The Eagle Ford depositional sequence in 

the subsurface consists of a retrogradational lower member and a progradational upper 

member, which are interpreted respectively as transgressive and highstand deposits. The 

Cenomanian-Turonian stage boundary occurs at or near the maximum flooding surface, 

which separates these members. 

The unconventional shale reservoirs are primarily associated with organic-rich 

mudstones within the lower (transgressive) member. Regional well-log correlations have 

revealed that the thickness variations of the Eagle Ford, which ranges from less than 10 m 

to over 60 m, can be explained by onlap onto the unconformity at its base and truncation 

beneath the unconformity of its top. 

From the Burgos Basin in Reynosa Tamaulipas, Mexico to Maverick County in 

South Texas, which is located in the Maverick Basin, to Bastrop County in Central 

Texas, which is located on the San Marcos Arch, most of the Upper Member of the Eagle 

Ford is truncated beneath the unconformity at the top of the Eagle Ford. In Mexico, the 
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Eagle Ford changes its direction from a northwestern trend to a southeastern trend 

because of the effect of the Laramide Orogeny in north Mexico. 

 

Figure 2.1. Regional elements of North Mexico-South Texas, blue lines, are main 

geologic features in the area showing uplift and arches that could impact the maximum 

horizontal stress orientation. 
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Figure 2.2. Eagle Ford Structural 

 

Figure 2.3. Eagle Ford isopach 
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Stratigraphic and biostratigraphic analysis of Eagle Ford outcrops suggest that, 

unlike the subsurface, which consists of a transgressive lower and regressive upper 

member, each of the outcrop members represents a transgressive-regressive cycle 

(Donovan & Starker, 2010). 

The Turonian stage boundary occurs at or near the interpreted maximum flooding 

surface of this cycle. Thick organic-rich mudstones, similar in character to the 

unconventional reservoirs in the subsurface, occur primarily below the interpreted 

maximum flooding surface. 

At the latest, this depositional sequence is Turonian to Coniacian in age with the 

interpreted maximum flooding surface occurring at or near the Turonian-Coniacian stage 

boundary. 

The Eagle Ford Group (Cenomanian to Turonian) represents a self-contained 

petroleum system consisting of interstratified source, seal, and potential reservoir units. 

Source rock attributes are well known from outcrop and subsurface studies. Total organic 

content (TOC) values range from 2.1 to 5.2 weight percentage (mean = 3.6 weight 

percentage). Variations in organic matter type and organic content are correlative with 

high-frequency stratigraphic fluctuations. Gas-prone organic material is characteristic of 

silt-rich, highstand Eagle Ford intervals. In contrast, more oil-prone organic facies occur 

preferentially within transgressive Eagle Ford mudstones having excellent source and 

seal potential. Eagle Ford strata are currently of interest as potential reservoirs. Similar to 

source rock characteristics, reservoir character is strongly dependent on variations in 

lithofacies. 
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As described by McGarity (2013), the complexity of the interstratified siltstones 

and silty shales provides enhanced reservoir properties relative to clay-rich/silt-depleted 

Eagle Ford shales. In particular, microporous siltstone and very fine sandstone laminae 

and sand-filled bioturbation structures can provide preferential pathways for lateral and 

vertical fluid movements. Hence, differences in detrital silt content, horizontal fabric 

preservation, and microfracture distribution can account for considerable variability or 

heterogeneity in shale reservoir properties. 

Interstratified carbonate laminae and nodules can form intra-reservoir baffles and 

seals in the absence of open fractures. An understanding of lithofacies and stratigraphic 

variability are essential aspects of high-grading Eagle Ford and other shale-based 

hydrocarbon plays (McGarity, 2013). 

In Mexico the conditions of the Eagle Ford are (Escalera, internal Pemex report, 

2011) prospective area: 43,000 km 2, thickness: 37-140 m (37 m org. rich), TOC range: 

1-4%, target depth: 1,000-4,000 m, hydrocarbon type: dry and wet gas and condensate, 

estimated resources: 27-89 Tcf, existing wells: 329, completed wells in shale unit: 

Emergente-1, Percutor-1, Abano-1, Montañes-1 and Nómada-1. 

A general sequence stratigraphic model has been proposal for unconventional gas 

shales (Slatt & Rodriguez, 2010), and will be mentioned later in this paper. 

Geomechanical properties of gas shales have also emerged as being critical factors in 

drilling and production operations. There has been intent to provide a first attempt at 

merging these two disciplines (Slatt & Abousleiman, 2011). Stratigraphic features of 

shales are identifiable on well logs and can be correlated with geomechanical properties 

that could be predicted and mapped prior to drilling. The information presented here is 
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mainly from studies of the Eagle Ford shale based on Emergente-1 and Montanes-1 

drilled in Mexico in 2011 taking as reference work made by Slatt et al. in Barnett and 

Woodford shales, and in the recent UH Master’s thesis from McGarity in the Eagle Ford 

Shale that is directly applicable to Mexican gas shales. 

The mineralogy of medium to coarse siltstone can be determined with a 

petrographic microscope (Folk, 1960, 1962; Picard, 1966) and XRD. XRD data from 

Emergente-1 and Montanes-1 were used to constrain the mineral assessment from well 

logs. 

The Eagle Ford Shale is more like a carbonate marlstone than shale; however, 

shale is the term most commonly used in production. From the data in Mexico, the Eagle 

Ford Shale formation’s carbonate content can be as high as 60%. The higher carbonate 

content and subsequently lower clay content make the Eagle Ford Shale more brittle and 

easier to stimulate through hydraulic fracturing that any other shale (microseismic events 

are easier to pick, Microseismic Inc, personal communication). Claystone is much more 

difficult to interpret petrographically because of small grain sizes. However, XRD can be 

useful in interpreting origin and composition (Picard, 1971). 

Petrophysical techniques are now more commonly employed to identify shale 

mineralogy and composition. Determining shale mineralogy can easily be accomplished 

using geochemical tools or conventional well logs (photoelectric absorption for pyrite 

volume, bulk density of limestone volume, neutron porosity for pay volume, and porosity 

and resistivity for water saturation; Mullen, 2010). 

 Mineralogy is not the only set of rock properties obtainable from well logs; 

effective porosity, water saturation, and total organic content can also be calculated 



 

18  

together with the geomechanical modulus such as Poisson’s ratio, Young’s Moduli and 

its indexes commonly used in the industry to identify rock brittleness from ductless such 

as the Brittleness and Rock Quality Index by Davey, 2013. Through the integration of 

petrophysical characteristics and core, it is possible to build a locally calibrated 

petrophysical and geomechanical model that can be applied to future wells to distinguish 

brittle zones from ductile ones on the reservoir and learn about the lateral variation across 

an entire shale formation (Rickman et al, 2008). 

 

Figure 2.4. Stratigraphic column and architecture of gulf coast depositional systems 

(From McGarity, [2013] Figure Modified after Galloway [2008] and Salvador and 

Muñeton [1989]). 

Petrophysics 

Data for this study include whole XRD core and well logs from two wells within 

the south Texas-north Mexico Eagle Ford Shale trend. The cored wells used in this study 

are the Montanes-1 and Emergente-1 located in the USA-Mexico border within the state 

of Coahuila. 
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The mineral assessments from well logs were made in Matlab by solving the 

system of equations based on Torres-Verdin method (Torres-Verdin, 2005), where XRD 

point count data are used to constrain the system of equations and derive mineral volumes 

from well logs. The brittleness index from such mineral composition was based on Slatt 

and Abousleiman, and we will refer to it as the Framework Brittleness Index (FBI).  

Brittleness index is defined as an empirical practical relationship that is based on 

the ratio between the total fraction of brittle minerals divided by the total mineral 

composition commonly expressed in percent. 

Another general empirical brittleness index was derived from well logs based on 

Young modulus and Poisson’s ratio from Rickman et al 2008; SPE 115258 is also used, 

and here we will refer to it as the Moduli Brittleness Index (MBI). This brittleness index 

as not formal theoretical formulation and normalizes two incompatible relationships that 

are average to generate one single number also expressed in percent. Ideally, the two 

modules should match based on rock physics, assuming that compressional and shear 

velocities are dependent on the mineral composition. However, as we will see from the 

results, they are not equal and could lead to error. 

Slatt and Abousleiman (2010) and McGarity (2013) showed that sequence 

stratigraphy could help to relate zones of brittleness with their corresponding 

parasequence sets (2nd order cycles for Slatt). Sequence stratigraphy is based upon the 

premise that, through geologic time, the oceans have risen and fallen in a cyclic manner 

(i.e., the rise and fall of sea level). Many of the resource shales were deposited as 3
rd

 

order sequences superimposed upon a 2
nd

 order sequence as shown by the composite 

eustatic curve (Slatt & Abousleiman, 2010). 
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Figure 2.5. 2nd and 3rd order eustatic cycles due to sea level changes (Slatt and 

Abousleiman, 2011), parasequences and parasequence sets from McGarity (2013). 

The integration between stratigraphy and brittleness made by Slatt and Rodriguez 

(2010) in the Barnett shale where they show a generalized sequence stratigraphic model 

(Figure 2.6). 

 

Figure 2.6. a) General sequence stratigraphic model for resource shales (Slatt & 

Rodriguez, 2010) showing combined sequence boundary (SB)/transgressive surface of 

erosion (TSE), overlain by onlapping transgressive systems tract (TST), capped by 

condensed section. 
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Applying the simple model to the Mexican vertical boreholes and its sketched 

correspondent horizontal, we can see that the maximum flooding surface of the dry hole 

was chosen at the wrong depth. 

 

Figure 2.7. Use of the model for unconventional (Slatt & Rodriguez, 2010) on the dry 

and productive cases. The red curve is the Gamma Ray log used to correlate the systems 

tracks described in the figure as Highstand System track (HST), Maximum Flooding 

surface (MFS) and Transgressive System Track (TST). 

The horizontal boreholes sketched in Figure 2.7 were verified using the 

Geosteering software LogXD, courtesy of Maxwell Dynamics Inc. that visualizes 

processes and interprets horizontal boreholes for geosteering evaluation. Unfortunately, 

the geosteering was not used at the time of the drilling for any of the wells and that is one 

of the reasons for the unproductive results at Montanes-1. 

Integrating the generic unconventional stratigraphic model from Slatt with the 

wells used in this work we have that the pay zone was bypassed and remains a zone for 

future exploration. 
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Figure 2.8 Unconventional generic model from Slatt and Abousleiman, (2011) applied to 

Montanes and Emergente using McGarity (2013) interpretation and correlating them with 

the Gamma-ray log for the logs used in this work and horizontals. 

Geosteering analysis 

Geosteering is a group of techniques that are designed to locate the horizontal 

accurately in a desired depth based on the study of the well logs from the pilot or vertical 

borehole and the well logs in the horizontal borehole. Using forward modeling on the 

vertical borehole, we can create a layer cake model or framework of the earth where we 

will land the horizontal. In our case, the final deviation of the horizontal was already 

given, but the program is made to invert and model in real time for errors in the drilling 

path. 

The forward modeling and inversion of different sets of logs, including Gamma 

ray, induction, resistivity, image logs and porosities that are a whole topic of research, but 

mainly here were used to verify where the horizontal was drilled with respect to the target 

zone in the vertical. 

In Figure 2.9, Geosteering modeling at Emergente-1 is illustrated with the 

horizontal well drilled at the pay zone. The verification of that can be seen in the modeled 
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curves at the top panel where the real gamma ray logged at the horizontal matched the 

modeled blocky log from overlaying the horizontal on the vertical initial model. 

 

Figure 2.9. Geosteering at Emergente-1 using LogXD, courtesy of Maxwell Dynamics 

Inc. 

The same procedure at the dry hole showed that the well was drilled 30m above 

the pay zone, where the pay zone is defined from the petrophysical evaluation with high 

hydrocarbon saturation. 

Vertical  
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Figure 2.10. Geosteering at Montanes-1 with the real horizontal and the desired 

horizontal in the pay zone. 

Moduli Brittleness Index (MBI) 

The brittleness (BRIT) index of rock based on Young’s modulus (YM) and 

Poisson’s ratio (PR) is based on density; compressional and shear sonic data are 

commonly used in the industry to determine shale brittleness. The higher the brittleness 

index, the most brittle rock is present in the well. Increased YM and decreased PR mean 

more brittle rock. The BRIT index is a means to express both YM and PR in one number 

by normalizing both to their max and min values, this should be careful made and is not 

very intuitive if simple know numbers are used, for example, known materials as steel 

with high Young moduli of 200 Gpa and Poisson’s ratio of 0.3 and glass with a low 

Young’s moduli of 90 Gpa and Poisson’s ratio of 0.3 will give a higher brittleness index 

for steel than for the glass.  
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The BRIT index was computed in Matlab based in equations from Rickman et 

al., 2008. See SPE 115258 page 3. 

YM_BRIT= ((YM-1) /(8-1)) *100 (1) 

PR_BRIT= (PR-0.4) /(0.15-. 4) *100 (2) 

BRIT= (YM_BRIT+PR_BRIT) /2 (3) 

Where Young moduli and Poisson’s ratio are computed from density  , 

compressional velocity VP and shear velocity Vs as follows: 
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That in the wells analyzed here showed a clear correlation between gamma ray values. 

 

Figure 2.11. MBI for the productive and dry cases. Note the correlation with the gamma 

ray log. 

 

D
ep

th
 (

m
)

MFS

HST

TST

GR                         MBI

Emergente-1
(Productive)

MFS
TST

HST

GR                          MBI

Montanes-1
(DRY)

Decreasing
Brittleness

Buda

Buda

Decreasing
Brittleness

D
ep

th
 (

m
)

D
ep

th
 (

m
)



 

26  

Formation Brittleness Index based on Minerals (FBI) 

In theory, the FBI and the MBI should be the same if rock physics modeling of 

the shear and compressional velocity were created using volumetric assessments. 

Unfortunately, that is not always the case and brittleness index based on pure mineral 

concentrations are used commonly in the industry to decide where to drill the horizontal. 

A brittle rock will be expressed in a stress-strain diagram as breaking cleanly when stress 

is applied. A ductile rock undergoes plastic deformation before breaking. Mineralogical 

analysis can be used to calculate a brittleness index (Slatt & Abousleiman, 2010): 

 (percent quartz + percent dolomite)  

(quartz + dolomite + calcite + clays + TOC) 

The mineralogical estimation here, or mineral assessment, is based on the point 

count analysis for Emergente-1 and Montanes-1. 

Sample Depth 

(m): 

Mineral composition in percent weight 

Quartz Feldspar-K Plagioclase 

Felspar 

Calcite Dolomite Pyrite Total 

Shale 
2 2491.94 9 0 1 82 0 1 7 

5 2493.75 17 0 3 60 1 3 16 

7 2495.11 10 1 2 70 1 3 13 

11 2497.12 18 1 2 59 1 2 17 

15 2499.97 21 1 4 54 1 4 15 

17 2501.20 27 1 2 48 1 2 19 

21 2503.16 11 1 2 73 3 3 7 

23A 2504.80 3 0 4 60 Tr 14 19 

28A 2507.60 9 1 6 66 Tr 4 14 

32 2511.17 17 0 2 63 Tr 2 16 

34 2513.07 17 0 4 55 Tr 5 19 

36 2514.73 4 1 2 78 Tr 1 14 

38 2516.23 17 0 2 63 0 4 14 

41 2518.73 17 1 1 72 0 1 8 

Table 2.1 Mineral composition at Emergente-1 in percent weight. 
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Depth (m): Mineral composition % wt. 

Quartz Feldspar-K Plagioclas

e Feldspar 

Calcite Dolomite Pyrite Total 

Shale 
1545.30 16.8 0.4 3.6 56.7 0.8 3.0 18.7 

1546.75 29.5 0.4 4.4 42.6 1.0 2.0 18.5 

1550.50 7.5 1.2 7.3 22.3 1.1 11.9 46.8 

1551.70 14.2 0.8 3.7 45.6 7.4 3.3 25.0 

1552.15 12.1 0.6 3.6 50.1 4.5 6.4 22.0 

1554.45 16.3 0.6 4.4 45.9 2.7 4.2 25.3 

1555.85 23.0 0.7 4.4 31.2 0.6 4.9 35.1 

1557.90 22.0 0.8 5.9 39.6 0.8 4.3 26.1 

1558.50 17.5 0.3 2.4 64.3 0.0 0.8 14.2 

1559.60 23.5 0.7 3.8 47.6 0.3 2.3 21.1 

1559.60 23.5 0.7 3.8 47.6 0.3 2.3 21.1 

1562.45 22.6 0.6 4.5 49.0 0.0 0.0 19.8 

1563.50 21.8 0.8 2.3 59.7 0.0 0.0 14.4 

Table 2.2 Mineral composition at Montanes-1 in percent weight. 

Using the point count tables and the documented values for each mineral by the 

calibrated compressional, sonic, density and photoelectric log, it is possible to estimate 

the mineral proportions not only in the interval where the point count was taken, but also 

in the entire depth range where such well logs were acquired by solving the system of 

equations (Torres-Verdin, 2005). 

The calibration for the volume computation was constrained by the shale volume 

and the Gamma ray measured in the conventional core data (Figure 2.12). 



 

28  

 

Figure 2.12. Calibration of shale volume based on the XRD data and the Gamma-ray log 

 
Figure 2.13. Mineral assessment for brittleness computation (Torres-Verdin, 2007) 

From the mineral samples, we could try to extract the brittleness, even if they 

were taking in restricted places and then create a well log derived mineralogy. For 

Emergente-1, we have (Figure 2.14) that shows an FBI with a brittleness opposite to the 

one computed from the MBI and the same for Montanes-1 (Figure 2.15). 
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Figure 2.14. Mineral proportions and FBI at Emergente-1 using Matlab 

 
Figure 2.15. Mineral proportions and FBI at Montanes-1 using Matlab 
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Conclusions 

 

1. The brittleness index is different depending on the criteria used to compute it, and 

as we saw here, FBI and MBI are different. Integration with rock physics is 

needed. 

2. The stratigraphic model from Slatt and Abousleiman agreed in the Eagle Ford 

Shale and can be used to map the MFS regionally the pay zone at log frequency. 

3. From the results at productive well Emergente-1 in this work, it is possible to 

establish that the new horizontal could be effective at Montanes-1, but the 

definition of the azimuth still requires further work based on seismic anisotropy. 
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Chapter 3 Petrophysics, Geomechanics, and Rock Physics at the Eagle Ford Shale 

Summary 

Rock physics is highly dependent on the knowledge of the mineral and fluid 

content of the rock, formation evaluation or petrophysics gives the tools to derive such 

knowledge. Unlike the conventional reservoirs, unconventional reservoirs have problems 

to use well log derived mineralogy using standard published crossplots to obtain 

lithology, as it will be shown from the analysis in the two wells used in this study, the 

kerogen within the source rocks affect the logs so much that is not possible to use the 

known measured values from the individual minerals to derive the lithology by the MID 

method where the density reads very low, the neutron porosity reads very high, and the 

compressional velocity is very low. Because of that and different tests with multilinear 

linear regression, the neural network approach was selected to obtain mineral proportions 

in the entire well calibrated with the XRD data. 

Mineral assessment using end point method 

For the entire unconventional formation evaluation, analysis at Montanes and 

Emergente, the software JLog was used mainly because JLog implements new techniques 

that are being used for unconventional petrophysical analysis and gives not only insight 

into the mineral assessment problem that I had been trying to tackle with other methods, 

but also allowed me to obtain a deeper understanding into the petrophysical techniques 

for shale reservoirs. 
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For Emergente-1, the XRD data is showing a high amount of limestone. 

 

Sample Depth 

(m) 

Mineral Composition in % wt. 

Quartz Feldspar-

K 

Plagioclase 

Feldspar 

Calcite Dolomite Pyrite Total 

Shales 

2 2491.94 9 0 1 82 0 1 7 

5 2493.75 17 0 3 60 1 3 16 

7 2495.11 10 1 2 70 1 3 13 

11 2497.12 18 1 2 59 1 2 17 

15 2499.97 21 1 4 54 1 4 15 

17 2501.20 27 1 2 48 1 2 19 

21 2503.16 11 1 2 73 3 3 7 

23A 2504.80 3 0 4 60 Tr 14 19 

28A 2507.60 9 1 6 66 Tr 4 14 

32 2511.17 17 0 2 63 Tr 2 16 

34 2513.07 17 0 4 55 Tr 5 19 

36 2514.73 4 1 2 78 Tr 1 14 

38 2516.23 17 0 2 63 0 4 14 

41 2518.73 17 1 1 72 0 1 8 

Table 3.1 Mineral composition at Emergente-1 

The core data available at the wells are presented on weight percentage and from 

well log analysis and petrophysics we need volume percentage of each mineral. 

Technically speaking, the two tables are the same but to be consistent with the rest of the 

analysis volume percentage was used. 

To obtain volume percentage or equivalent fraction: 
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Depth 

(m) 

Mineral Composition in volume fractions. 

Quartz Feldspar-

K 

Plagioclase 

Feldspar 

Calcite Dolomite Pyrite Total 

Shales 

2491.94 0.10 0.00 0.01 0.91 0.00 0.01 0.08 

2493.75 0.22 0.00 0.03 0.74 0.01 0.02 0.19 

2495.11 0.12 0.01 0.02 0.80 0.01 0.02 0.14 

2497.12 0.23 0.01 0.02 0.73 0.01 0.01 0.21 

2499.97 0.28 0.01 0.05 0.71 0.01 0.03 0.19 

2501.20 0.39 0.01 0.02 0.67 0.01 0.02 0.26 

2503.16 0.13 0.01 0.02 0.84 0.03 0.02 0.08 

2504.80 0.03 0.00 0.04 0.74 0.01 0.08 0.20 

2507.60 0.10 0.01 0.06 0.77 0.01 0.02 0.15 

2511.17 0.21 0.00 0.02 0.68 0.01 0.01 0.19 

2513.07 0.22 0.00 0.04 0.68 0.01 0.03 0.23 

2514.73 0.04 0.01 0.02 0.81 0.01 0.01 0.14 

2516.23 0.22 0.00 0.02 0.78 0.00 0.03 0.17 

2518.73 0.21 0.01 0.01 0.88 0.00 0.01 0.09 

Table 3.2 Mineral composition at Emergente-1in volumetric fractions. 

Where    is the weight in percentage for each mineral and    is the density of 

each correspondent element. 

The first exercise to see how challenging is to use well logs against pure 

mineralogical values is based on generating a pseudo well log response based on the 

known measured values of the neutron and density logs for the quartz, limestone, 

dolomite and shale assuming a linear relationship to make the bulk volume of rock. So, 

for the Emergente well, the simplified core was used to generate two pseudo logs created 

for the neutron and destiny log: 

NPHI = [-.028 0 0.005 0.158]*coremin'; 

Rhob = [2.65 2.71 2.87 2.77]*coremin'; 

Giving pseudo density and neutron log based on core volumes. We have for each depth 

the following table: 
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Pseudo neutron and density logs 

Depth NPHI RHOB 

2.4961e+03 0.0085 2.6546 

2.4979e+03 0.0206 2.5484 

2.4991e+03 0.0178 2.5508 

2.5013e+03 0.0219 2.5755 

2.5040e+03 0.0179 2.4641 

2.5052e+03 0.0225 2.5713 

2.5072e+03 0.0081 2.5498 

2.5089e+03 0.0292 2.2318 

2.5116e+03 0.0196 2.4149 

2.5153e+03 0.0205 2.4673 

2.5171e+03 0.0253 2.6076 

2.5203e+03 0.0174 2.5456 

2.5227e+03 0.0079 2.6233 

Table 3.3 Pseudo neutron and density logs 

That plotted over neutron density porosity gives: 

 

Figure 3.1 Plot showing neutron and density cross plot with the minerals plotted in the 

wrong lithology line. 

 

That gives a false idea of the points located in a sandstone matrix. Back into the 

original well logs, the same xplot in the interval with XRD data we obtained for the MID 

plot that is based on the sonic log and density showing a quartz matrix instead of a calcite 

matrix. 
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Figure 3.2 Plot showing that the well logs cannot distinguish minerals using sonic logs 

For the correspondent neutron density porosity log we obtained: 

 

Figure 3.3 Plot showing that the well logs cannot distinguish minerals using density log. 
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Unfortunately, for the mineral assessment, the wells are drilled with oil base mud 

and use barite to increase the mud weight, making the photoelectric factor log practically 

useless as seen in the RHOmaa-Umaa plot. 

 

Figure 3.4 Plot showing that the well logs cannot distinguish minerals using photoelectric 

logs due to barite content in the drilling mud. 

 

So, basically, the mineral assessment using the published charts is difficult. For 

the water saturation assuming salinity of 30,000 ppm, the next Pickett plot for the gas 

interval. 
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Figure 3.5 Pickett plot to compute water saturation parameters. 

With a resulting m = 2, n = 2 and Rwa = 0.078 

That integrating into the analysis, we have a hydrocarbon indicator at the zone 

where the horizontal was drilled. 

Resistivity (ohm.m)

Color bar Gamma-Ray (API) 

P
o

ro
si

ty
 f

ro
m

 d
en

si
ty

 (
fr

ac
)



 

38  

 
Figure 3.6 Estimation of mineral proportion based on standard well log cross plot at 

Emergente with poor results on lithology assessment. 

Montanes-1 was also analyzed with the Pickett plot cross plot using known n, m 

from Emergente-1. We learned that most of the interval with the horizontal and without 

the horizontal is completely wet, below the Sw = 1. 

 

Figure 3.7 Pickett plot at Montanes to compute water saturation parameters. 
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The interval still is a useful source rock as seen by using Meyer and Nederlof 

(1984) cross plot for source rock where most of the points are located below the source 

rock line. 

 

Figure 3.8 Meyer and Nederlof (1984) cross plot for source rock estimation. 

The display that shows how bad the well is in the entire zone highlights the 

problem with not only the evaluation but also the original location of the pilot. 
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Figure 3.9 Plot of the well log evaluation at Montanes-1 showing the problem to estimate 

minerals with conventional methods 

Multilinear regression for mineral assessment 

The idea of multilinear regression as the name indicates is similar to the solution 

expressed in Chapter One where it is assumed a linear combination of well logs and 

minerals proportions, such mentioned method are based on a solution for all the minerals 

at once sample by sample. The multilinear approach is more robust and incorporates the 

well logs and the core data at the same time for each mineral proportion. 

The multilinear regression is commonly used when we are attempting to find a 

new well log from other logs, and we have limited well log control at some depth and a 

multilinear regression is needed to extrapolate the values outside the known depth 

controls. The results, as expected, were excellent in the place where core data is known 

but became unstable at shallow depths where the geology and trend change considerably 

from the known Eagle Ford interval. 
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Figure 3.10 Mineral estimation by multilinear regression using XRD data as constrain 

log on Emerge a Hampson-Russell tool. 

In the same way, several attempts were made to obtain a stable neural network in 

the same software but the results were not satisfactory. 

Neural network for mineral assessment 

The neural network tool from RokDoc software to predict well logs from other 

sets of logs was also tested to obtain the mineral portions, and it resulted in a more stable 

estimation outside the range of known core sample values. 

Montanes-1 Emergente-1 
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Figure 3.11 Montanes-1 multilinear regression vs neural network approach. 

By integrating the mineral assessment results with the know brittleness derived 

from well logs and it was found that there is a match between them on the Eagle Ford 

Shale only when limestone is included in the numerator of the brittleness index derived 

from minerals using: 

(percent quartz + percent limestone)  

(quartz + dolomite + calcite + clays + TOC) 
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It is concluded that that brittleness index based on limestone correlates with the 

brittleness index derived from sonic logs on the non-source rocks intervals for Montanes 

and Emergente. Using mineral assessment methods to compute brittleness and the proper 

geosteering analysis is a consistent approach for placement of future horizontals. 

For Montanes we have: 

 

Figure 3.12 Neural network applied to Montanes to obtain mineral proportions calibrated 

with XRD data and compared against brittleness from sonic log. 

 

 

 

 

 

 

Brittleness 

based on 

Limestone 

volume

derived 

from well log

Brittleness 

based on 

Sonic logs

Brittleness 

based on 

Dolomite 

volume

derived 

from well log

MONTANES-1



 

44  

And for Emergente 

 

Figure 3.13 Neural network applied to Emergente to obtain mineral proportions 

calibrated with XRD data and compared against brittleness from sonic log. 

The shows that if we were to drill a new horizontal the idea of drilling it over the brittle 

zone to avoid the ductile is not correct and therefore for the Eagle Ford shale at the pay 

interval is correct to place the facts where the apparent ductile zone is indicated with 

good reservoir properties like saturation and TOC.  
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Summarizing petrophysics and brittleness index per interval, we have 

 

Table 3.4 Summarizing petrophysics and brittleness index per interval at Montanes and 

Emergente. 

 

Rock physics and estimation of Thomsen parameters 

Using the previously computed mineral proportions and fluid together with the 

measured compressional and shear velocities to compute and compare an average 

stiffness matrix that will lead to an estimation of the Thomsen’s parameter for the wells 

analysis in the Eagle Ford Shale, such values will be used to make and investigate the 

fluid substitution effect. 

A great review of volume average algorithms can be found in Jiang (2013) where 

he illustrates different methods and their limitations. Here, the simple form of average 

known has Voigt-Reuss-Hill average was used to obtain the final stiffness matrix 

coefficients even if as proved by Kalinin and Bayuk (1990), the average only works on 

the diagonal of the stiffness tensor and not off the diagonal components. 

The main tools that I used to explore the anisotropy effects on the wells used here 

comes from RokDoc that allow one to make the analysis on VSP and well logs together 

with the mineral volume sets. It also allows the user to play with the averages of a 

formation zone that is very useful for interval analysis. 

MONTANES

Depth (m) DTCO DTSM VP VS rhob TOC phiD Sw BRIT_LOG FBI_DOL FBI_LIMESTONE

KEF 1300-1500 60.94 111 5018.05 2754.95 2.64 0.033 0.0409357 0.99 68.73 0.17 0.71

KEF_HTE 1500-1555 70.98 122 4308.26 2506.56 2.59 0.014 0.0701754 0.95 60.49 0.23 0.66

KEF_INF 1555-1600 82.92 142 3687.89 2153.52 2.57 2.36 0.0818713 0.53 55.31 0.25 0.7

EMERGENTE

Depth (m) DTCO DTSM VP VS rhob TOC phiD Sw BRIT_LOG FBI_DOL FBI_LIMESTONE

KEF 2351-2474 61.26 113.15 4991.84 2702.61 2.6 0.01 0.0643275 0.77 65.97 0.14 0.72

KEF_HTE 2474-2508 69.47 121.27 4401.90 2521.65 2.54 0.01 0.0994152 0.51 64.58 0.21 0.75

KEF_INF 2508-2548 75.42 131.16 4054.63 2331.50 2.47 1.2-4.5 0.1403509 0.44 57.01 0.14 0.76

BRITTLENESS MINERAL

BRITTLENESS MINERAL



 

46  

I also use two other useful toolkits for Matlab users to study anisotropy, the first 

one developed at the University of Bristol known as Matlab Seismic Anisotropy toolkit 

(MSAT) that offers different codes to study anisotropy effects and also used the RPH 

tools from Mavko’s book, the Rock Physics Handbook. From MSAT using the newly 

calibrated well log derived mineral proportions, the code MS_VHR –n phase Voigt-

Reuss-Hill average of elasticity was borrowed to compute the stiffness matrix sample by 

sample, depth by depth to obtain an average density and stiffness matrix and then use 

RPHTools code cti2v that use such pervious outputs to obtain phase velocities and 

Thomsen’s parameters epsilon, gamma, and delta directly from mineral volumes and its 

correspondent stiffness matrix and densities. 

The well logs were all handled with the library SeisLab and the output for 

Montanes-1 logs such as: 

 

Figure 3.14 Thomsen's parameters from mineral proportions using VHR average. 

Montanes-1 with the VSP and microseismic were more suitable for the 
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computation of Thomsen’s parameters and in future work they will also help to 

understand the right parameters to reprocess the microseismic data that originally were 

processes using the anisotropic velocity model. 

Predicting compressional velocity from gamma ray and resistivity at the vertical 

well in Montanes-1 gives: 

 

Figure 3.15 Predicting compressional velocity from gamma ray and resistivity at the 

vertical well in Montanes-1. 

Slowness (usec/ft) 
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Figure 3.16 Regression at Montanes-1. 

That generates a sonic curve based on the gamma ray and resistivity: 

Vp = sqrt(gr) x 4.1947 − sqrt(resistivity) x 0.658 + 45.92 

 

Predicting compressional velocity at the horizontal based on GR and resistivity 

Using the correlation function from the pilot well derived from the Gamma-ray 

and resistivity logs, we can investigate if it is possible to generate a sonic log at the 

horizontal using its correspondent resistivity and GR logs. 

Plotting the gamma ray logs together with the vertical and horizontal wells, we 

can see that the values at the overlap zone seem to be consistent, suggesting no need for 

normalization: 
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Figure 3.17 Plotting the gamma ray logs together with the vertical and horizontal wells in 

the overlap zone. 

The same is true for the resistivity at the overlay zone. 

 

Figure 3.18 Plotting the gamma ray logs together with the vertical and horizontal wells in 

the overlap zone. 

Therefore, applying the regression found at the pilot will generate a brand new 

sonic log at the horizontal. 
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Figure 3.19 New sonic log in red at the horizontal with the original sonic in blue at the 

pilot log. 

Finally, using the deviation of the horizontal and decomposing the velocity in to 

vertical and horizontal components, we can see the phase velocity at the horizontal. 

 

Figure 3.20 Phase velocity decomposition based on compressional sonic log using 

horizontal deviation. 

The next step was to estimate the Thomsen’s parameters from the dipole sonic 

log, similar to the step performed with the brittleness computation in the previous chapter 

where the mineral assessment approach was compared with the dipole sonic approach. 

Using the Backus average (Backus, 1962) from log data that assumes that each 

depth point corresponds to a thin isotropic layer, we can derive the stiffness and its 

Vx = Vp x cos(deviation) (m/s) 

Vy = Vp x sin(deviation) (m/s) 
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correspondent Thomsen’s parameters that we then could use for synthetic generation. 

Appling the Backus average at Montanes-1 with and interval of 10m, we have the 

following. 

 

Figure 3.21 Use of Backus average to estimate Thomsen's parameters using a 10m 

interval. 

As it is obvious, comparing this last derivation directly from well logs against the 

derivation from mineral assessment, we can see that they are completely different, 

especially below 800m where the Thomsen’s parameters are almost flat zero. That 

difference is also consistent with the brittleness difference computed from well logs and 

mineral volumes that support the fact that using one single approach is not usefully. 

One reason is that the brittleness and Thomsen’s parameters are highly dependent 

of the assumptions that we made to compute them, we assume for the mineral assessment 

that the rock was just composed with minerals and did not take in to account the Kerogen 
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content. It seems to prove that including the Kerogen effect using well logs alone is a 

most reliable source of computation where Brittleness and anisotropy are required, for 

example, the seismic processing currently under investigation for the microseismic data. 

Summarizing Thomsen’s parameters by blocking at the intervals 

All of the previous analyses have been performed at well log interval depth by 

depth, and sample by sample with the exception of the previous Backus average where 

we used a 10m interval. A simplified approach to visualize at formation level is based on 

blocking the logs at formation intervals or zones. Thus, an average of well-log attributes 

per formation is estimated to obtain Thomsen’s average parameters. The average set used 

here is based on the measured compressional and shear sonic logs, together with density. 

It will help not only to summarize but also to establish a final calibrated Thomsen’s 

relationship for the Eagle Ford Shale in Mexico. 

The key formation tops and zones or working intervals are seen if the next figure 

for Montanes-1. KEF-HTE-LEWIS is the top of the Eagle Ford Shale where the dry 

horizontal was drilled. KEF-INF top is the top of the lower Eagle Ford where the well 

were supposed to be drilled by looking at the saturation track. The zone KEF-THE-

LEWIS-WI is the zone between KEF-HTE and KEF-INF (where the horizontal was 

drilled) and the zone KEF-INF-WI is the zone with pay. 
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Figure 3.22. Montanes-1 with its correspondent horizontal, saturation and mineral 

volumes, azimuth, and dip angles are display at end left sidetrack of the display. 

The first approach of Thomsen’s parameters is based on Vp, Vsh and Vsv and its 

correspondent relationship with the angle made with the vertical composed by the 

azimuth and dip of the layers. 

For KEF-THE, we have an average approximated by Vp0 = 4318.42 m/s, Vs0 = 

2492.97 m/s, Delta = −0.2855, Epsilon = −0.3967 and Gamma = −0.71 according to the 

approximation (Figure 3.23). 
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Figure 3.23. KEF-HTE average Thomsen’s parameters using dip and layer azimuth 

For the lower figure, Ford KEF-INF we have Vp0 = 3727.38 m/s, Vs0=2182.01, 

Delta = −0.3895, Epsilon = −0.732 and Gamma = −0.8937 that corresponds to the 

approximation in the figure. 

 

Figure 3.24. KEF-INF average Thomsen’s parameters using dip and layer azimuth 

It is also very useful to see the change in Thomsen’s parameters based on the 

assumptions that we made from the media. To obtain vertically oriented Thomsen’s 

parameters we have to define the method that should depend on what is causing the 
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anisotropy (i.e. cracks or fractures). 

The following options are coded into the Blocky anisotropy toolbox built in 

RokDoc. 

Cracked medium. This method uses formulations of Hudson (1980; 1981), 

where an elastic solid contains thin, penny-shaped ellipsoidal cracks or inclusions. The 

input parameters are the dry rock Vp, Vs, Rho, the crack porosity, and aspect ratio of the 

pore space. The effective porosity is required if computing parameters when saturating 

with a fluid. 

Fractured Medium. This method uses formulations of Schoenberg and Sayers 

(1995), where an elastic solid contains aligned fractures. The inputs are the dry rock Vp, 

Vs and Rho, and the compliance normal and tangential to the fractures (compliance is the 

inverse of Young’s modulus and is measured here in Gpa). The effective porosity is 

required if computing parameters when saturating with a fluid. 

For Montanes-1 at the horizontal interval KEF-THE using cracked medium model we 

have: 

Vertical Dry Vp = 4352 m/s 

Vertical Dry Vs = 2447m/s 

Density Dry = 2.60 g/c3 

Crack porosity = 0.01 

Crack ratio = 0.1 

Effective porosity = 0.1 

 

gives: 

 

Delta = −0.066 

Epsilon = −0.065 

Gamma = −.027 

 

Using Fractured media 
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Vertical Dry Vp = 4352 m/s 

Vertical Dry Vs = 2447 m/s 

Density Dry = 2.60g/c3 

Compliance Normal (1/Gpa) = 0.01 

Compliance tangencial (1/Gpa) = 0.02 

 

gives: 

 

Delta = −0.20 

Epsilon = −0.149 

Gamma = −0.119 

 

For the interval KEF-INF using cracked medium model we have 

 

Vertical Dry Vp = 3725 m/s 

Vertical Dry Vs = 2179 m/s 

Density Dry = 2.48 g/c3 

Crack porosity = 0.01 

Crack ratio = 0.1 

Effective porosity = 0.1 

 

gives: 

 

Delta = −0.066 

Epsilon = −0.065 

Gamma = −.027 

 

Using Fractured media 

Vertical Dry Vp = 3725 m/s 

Vertical Dry Vs = 2179 m/s 

Density Dry = 2.48g/c3 

Compliance Normal (1/Gpa) = 0.01 

Compliance tangencial (1/Gpa) = 0.02 

 

gives: 

 

Delta = −0.165 

Epsilon = −0.118 

Gamma = −0.095 

 

There is also a very useful approximation of Thomsen’s parameters that comes 

from Ryan-Grigor (1998) and is based on a dataset of shales. The method uses a database 

of 71 shales to establish empirical relationships relating Thomsen’s parameters to Vp/Vs 
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(the only inputs are dry rock Vp and Vs) ratio for shales. The relationships are: 

δ = [1+3.87Vp/Vs-5.54]2 – [(Vp/Vs)2-1]2 

 2(Vp/Vs)2[(Vp/Vs)2-1] 

ε = 0.2090Vp/Vs-0.2397 

γ = 0.4014Vp/Vs-0.5576 

Then applying to the upper interval KEF-HTE gives: 

Delta = 0.059 

Epsilon = 0.132 

Gamma = 0.156 

 

And for the lower interval KEF-INF 

 

Delta = 0.055 

Epsilon = 0.118 

Gamma = 0.129 

 

Finally, using the previously computed values, the phase velocity plots are 

generated for the VTI and HTI for the two intervals. 

For KEF-HTE VTI medium 

 

Figure 3.25 Phase velocity modeling for VTI media for the interval KEF-HTE 
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For KEF-HTE HTI(V) 

 

Figure 3.26 Phase velocity modeling for HTI (V) media for the interval KEF-HTE 

For KEF-HTE HTI  

 

Figure 3.27 Phase velocity modeling for HTI media for the interval KEF-HTE 
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The plots for the lower interval KEF-INF VTI 

 

Figure 3.28 Phase velocity modeling for VTI media for the interval KEF-INF 

The plots for the lower interval KEF-INF HTI (V) 

 

Figure 3.29 Phase velocity modeling for HTI (V) media for the interval KEF-INF 
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The plots for the lower interval KEF-INF HTI 

 

Figure 3.30 Phase velocity modeling for HTI media for the interval KEF-INF. 

Another source of information very useful to calibrate the analysis of Thomsen’s 

parameters is the dynamic to static correction of elastic properties. 

For Montanes-1, triaxial or static core lab data were performed at selected depths 

and illustrated for one of the samples at depth 1562m. 
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Figure 3.31 Triaxial stress-strain plot at Montanes. 

Summarizing the triaxial test at Montanes-1 

Dynamic and Static Moduli  

Sample 

Number 

Depth 

(m) 

Confined 

Pressure 

(psi) 

Density 

(gm/cm
3
) 

Compressive 

Strength 

(PSI) 

Static 

Young 

Modulus 

(10
6
 

PSI) 

Static 

Poisson’s 

Ratio 

Dynamic 

Young 

Modulus 

(10
6
 PSI) 

Dynamic 

Poisson’s 

Ratio 

2V 1546.90 0 2.46 8181 1.58 0.28 4.35 0.30 

6V 1550.85 830 2.60 14499 3.28 0.27 3.20 0.34 

8V 1552.34 415 2.46 11673 2.15 0.28 4.48 0.29 

13V 1557.72 830 2.45 14119 2.33 0.27 3.52 0.28 

17V 1562.62 1245 2.40 17215 2.41 0.28 4.04 0.26 

Table 3.5 Dynamic and Static moduli comparison at Montanes. 

Where dynamic or we log derived Young’s modulus and Poisson’s ratio are 

plotted in the last two columns. As expected, dynamic Young’s modulus overestimates 

rock stiffness and the undrained dynamic Poisson’s ratio is very comparable to the drain 

static Poisson’s ratio. 

The correction of the Young’s modulus based on the exponential estimation 

approximation gives: 
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Es = 16.5903 x Ed
(−1.461)

 [10
6
 psi] 

 

Figure 3.32 Dynamic vs Static Young's moduli at Montanes. 

 

Isotropic analysis at the Eagle Ford Shale 

In several previous sections, it was shown that the brittleness and Thomsen’s 

parameters derived from well log data were different from the computed ones using core 

data. One of the plots that shows how complex is the problem is based on the neutron-

density porosity crossplots. As shown by Ransom, (Ransom, 1995) in a porosity cross 

plot, it is possible to identify a tertiary diagram composed by quartz, water and dry clay. 

Ransom also explained how to find the hypothetical dry–clay by assuming a high density 

value of shale and the relationship between the wet-clay point and overpressure in shales. 

For Emergente and Montanes we can identify the wet-clay point, the free water line and 

how most of the eagle points values plots above the free water line in contrast with a less 

unconventional case in clastics (Figure 3.33) 
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Figure 3.33 Porosity crossplot from density and neutron log assuming a limestone 

matrix at Montanes. 

 

For Emergente, even with the sandstone to limestone matrix conversion, the 

points for the Eagle Ford are also above the Free water line, but contrary to Montanes 

(Dry borehole) there are not points in the zero free water point where (0,0) coordinate 

even with lower porosity values due to its deepest location. 
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Figure 3.34 Neutron Density porosity comparison using sandstone and limestone matrix 

to obtain wet clay point. 

  

Bounding estimation for the Eagle Ford Shale  

In previous sections, it was shown volume fractions from core data and derivation 

of Thomsen’s parameters using Voigt-Reuss-Hill for the anisotropic case. Here it will be 

revisited the  estimation of the bounds for the isotropic case using core data and well logs 

integrated the triaxial analysis and volume fractions derived from XRD analysis. 

 

Table 3.6 Bulk and shear moduli at Montanes by Voigt and Reuss average equations. 

Where Bulk Modulus K and Shear modulus MU has been computed by the upper 

bound (Voigt) and lower bound (Reuss) using well know equations to obtain effective 

elastic moduli of rocks in terms of its constituents. 

Nphi (frac)

D
p

h
i(

fr
ac

)

Wet Clay Point

Red - Sandstone matrix
Black- Limestone matrix

Eagle 
Ford

Depth(m) Quartz Feldspar-K Plagioclase Calcite Dolomite Marcasite Pyrite Total Shale Sum k k mu mu

Voigt bound Reuss bound Voigt bound Reuss bound

1547 0.31 0.00 0.04 0.43 0.01 0.01 0.01 0.18 1.00 53.31 43.92 32.57 22.76

1551 0.08 0.01 0.07 0.24 0.01 0.01 0.07 0.50 1.00 51.01 36.23 27.81 14.34

1552 0.13 0.01 0.03 0.52 0.04 0.00 0.04 0.22 1.00 59.15 46.87 31.55 20.80

1558 0.23 0.01 0.05 0.41 0.01 0.00 0.02 0.26 1.00 52.63 41.98 30.16 19.61

1562 0.24 0.01 0.04 0.50 0.00 0.00 0.02 0.20 1.00 54.81 44.95 30.87 21.74

k (Gpa) 37 37 75 70 80 145 145 25

mu (Gpa) 45 15 25 30 50 120 120 9

rho g/cc 2.65 2.56 3.07 2.71 2.86 4.8 5.02 2.79
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For example for the depth at 1547 m we have: 

K_voigt=0.31*37+0.001*37+0.04*75+0.001*80+0.001*145+0.001*145+0.18*25         

=53.31 Gpa 

K_reuss=1/(0.31/37+0.001/37+0.04/75+0.001/80+0.0011/45+0.001/145+0.18/25) 

=43.92 Gpa 

By using these averages, we can try to find the upper and lower limits of the 

moduli based on composition. Using the data for compressional velocities an porosity at 

Montanes together with the modeled data  

 

Figure 3.35 Montanes data together with Voigt and Reuss bounds 

We can see that the values of the bounds that best matches the data are outside of 

the ranges computed from the core data. For the bounds to fit the data we got: K=60 Gpa, 
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MU=10 Gpa, K_fluid=0.2 and density= 2.7 g/cc. 

Indicating that K_f is way too low compared against the moduli of water of 2.2 

Gpa due to its unconventional characteristics. 

Several tests were made with different rock physics templates for the Eagle ford 

interval at Emergente and Montanes and the one known as Friable-Shale model 

implemented in RokDoc software was the one that best fit the data.  The method is 

identical to the Dvorkin & Nur (1996) friable shale model, but uses shale instead of sand. 

 

Figure 3.36 P-velocity vs density porosity assuming a limestone matrix to calibrate 

Dvorkin's source rock model at Montanes. 

With the prediction of Vp, Vs and density: 
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Figure 3.37 Predicted vs measured velocity and density form source-rock model at 

Montanes. 

Where there is reasonable good agreement with the measured well logs. In the 

other hand at Emergente the friable shale model did not work as expected starting with 

the model cross plot porosity vs velocity: 
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Figure 3.38 P-velocity vs density porosity assuming a limestone matrix to calibrate 

Dvorkin's source rock model at Emergente. 

  

That applied to the well logs we have: 

 

Figure 3.39 Predicted vs measured velocity and density form source-rock model at 

Emergente. 
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With density prediction being the best estimation possible for the model. 

By reprocessing the microseismic with constant velocity and VTI media, it was 

possible to verify that the Eagle Ford Shale behaves like an isotropic media showing most 

of the same focusing in the same position after migration. 

 

Figure 3.40 Comparison of imaging from one microseismic event showing almost no 

difference between using a constant velocity model and a VTI model. 

 

Pore pressure and elastic properties 

At Montanes, one of the concerns was about the quality of hydraulic fracture job 

generated at the horizontal, by using the previous computed elastic moduli and the and 

pore pressure computations derived at Emergente, we can have an idea of the magnitude 

of the existing normal stress acting in the borehole. 

The equation that describes the relationship between the total stress (Sv), pore 

pressure (Pp) and effective stress   was given by Terzaghi (Terzaghi, 1943).   

        

We need such equation to understand the relationship between compaction, 

porosity, velocity and associated stresses during the burial of sediments.  Pore pressure is 

Constant VTI
X(m)X (m)

Y (m) Y(m)
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based on the estimation of the Normal Compaction Trend (NCT) that is the case of 

porosity decreasing with increasing depth at predictable rate. A decreasing of porosity 

with depth will result in an increment of vertical effective stress that we can use to obtain 

the magnitude of maximum and minimum horizontal stress (SH and Sh). 

Assuming a normal faulting regime, we can assume that the primary source of 

stress is the vertical stress or overburden also known as lithostatic stress (Sv).  Sv can be 

obtained by integrating the density log over depth: 

              

Where 

                         

                   

Pore pressure or formation pressure can also be hydrostatic pressure and is the 

weight of the overlying water column if it were free to move along the rock’s framework. 

Hydrostatic pressure is used to determine if our reservoir is overpressure or underpressure 

and can be easily computed using a fresh water gradient of 0.433 psi/ft. 

At Emergente, using the equivalent mud weight pressure we can plot pressure vs 

depth as seen in the figure: 
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Figure 3.41 Montanes pressure vs depth plot 

Emergente well with a reported reservoir pressure of 5586 psi at 2474 m (8116 ft) 

and compare it with the equivalent mud weight pressure it is clear that correlates with the 

reported mud weight at that depth. It is also clear that the reservoir is overpressure being 

higher than the Hydrostatic pressure. 

Assuming that mud weight is good indicator of pore pressure (nor recommended 

for conventional reservoirs) only here we can estimate that at 8116 ft we have: 

         

                      

             (Vertical effective stress) 

The magnitude of the horizontal stresses due to overburden can be computed by 

Avasthi et al  (Avasthi, 2000) using poisons ratio of 0.30 at 8116 ft gives 

   
 

   
(     )     

    

      
(         )                 

Finally, to get the maximum horizontal stress magnitude we have to calculate 

fracture pressure Fp. Fracture pressure is based on the hydraulic fracture test and for 

Mud weight
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Emergente at Stage 5 we have an instantaneous shut-in pressure of 8800 psi and a 

fracture closure pressure of 8000 psi that substituting in the equation of maximum 

horizontal stress we have: 

                                           

To get pore pressure in the entire borehole, we can use Eaton’s equation (Eaton, 

1975) that is based on the sonic log or compressional velocity 

         [(           )  (
    

     
)
 

]  

Where Vnorm is the pressure at a specific depth on a normal compaction trend. 

Knowing form well log data that velocity at the reservoir is 4421 m\s, by using 

Eaton’s equation for pore pressure we can estimate a normalized value of  5261 m/s 

which gives a correction factor of 1.19 needed to scale the raw sonic log to the reservoir 

conditions after the fracture.  Computing pore pressure with this new sonic log 

 

Figure 3.42 Measured compressional velocity and scaled compressional after fracture. 

This new compressional velocity used as pore pressure at normalized pressure 



 

73  

 

Figure 3.43 Pore pressure prediction based on calibrated sonic log. 

 

Using Eaton’s equation to compute fracture pressure Pf from well logs, (Eaton, 

1969) 

      
 

   
   

Where   is Poisson’s ratio. 

And commuting minimum horizontal stress from Eaton (Eaton. 1972) 

   
 

   
(     )     

And maximum horizontal stress by Aadnoy and Hansen, 2005 we have: 

             

Like any physical property in science fracture pressure estimation highly depends 
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on the calibration with other source of data and the algorithm used to compute it. Using 

Daines equation for fracture pressure (Daines, 1982) that uses the shallowest LOT for 

calibration we have: 

For Emergente we have 

 

Figure 3.44 Maximum horizontal stress, minimum horizontal stress, pore pressure and 

fracture pressure based on compressional sonic log and pressure test at Montanes. 

 

By looking at the figure we can see that overall the normal stress regime prevails 

with          . 

Conclusions 

1. It is concluded that that brittleness index based on limestone correlates with the 

brittleness index derived from sonic logs on the non-source rocks intervals for 

Montanes and Emergente. Using mineral assessment methods to compute 

brittleness and the proper geosteering analysis is a consistent approach for 

placement of future horizontals. 

2. Based on all of the previous analysis, it is concluded that any estimation of rock 

Using Daines (1982) calibrated with the shallow LOT
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physics and anisotropic parameters derived from well logs at the source rock 

interval will be misleading and could give a false estimation.  

3. Based on the last method listed above that incorporates well log deviation and 

mineral proportions in the non-source rock, it is concluded that Eagle Ford Shale 

can be treated as an isotropic and homogenous formation.  

4. It is proved by reprocessing of microseismic events, using an isotropic velocity 

model it is consistent with the previous results and similar that the constant 

velocity used originally by Microseismic Inc to illuminate the hydraulic fractures. 

5. For mineral assessment derived from well logs using as calibration the XRD core 

data, the neural network approach is the one that matches the data better outside 

the zone of calibration. 

6. The isotropic rock physic model derived by Dr. Jack Dvorkin at Stanford known 

as friable-sand or modified friable-shale (unconsolidated sand or unconsolidated 

shale) or most recently called by himself in his book “soft-sand model”, was 

proved to match the data better that any other rock physic model tested. As Dr. 

Dvorkin did not tackle this effect on the unconventional case, I will rename it as 

“non-source rock model” to be more consistent with our Eagle Ford Shale case 

analyzed here. 
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Chapter 4 Integration of 2D seismic, Surface microseismic, VSP and well logs: Eagle 

Ford Shale, Mexico. 

Summary 

The Eagle Ford shale is one of the most active unconventional plays in the USA 

and currently is part of the exploration research project in Mexico conducted by Pemex 

E&P, Mexico’s state-owned oil company. The research was based on the integration of 

subsurface data with surface seismic, microseismic, and vertical seismic profile (VSP) 

data available on this exploratory well. This paper compares results from different 

physical measurements in an attempt to differentiate intrinsic anisotropy from induced 

stress fractures mapped from the surface microseismic analysis against the fast shear 

velocity from the anisotropic analysis made on the vertical borehole sonic scanners and 

image logs. Such a comparison is needed not only to cross-validate the results in the well 

and to plan future horizontals in this unconventional reservoir but also to enhance the 

importance of anisotropy studies in this type of unconventional plays. 

Introduction 

The study area is located on the Sabinas Basin in northeast Mexico in the state of 

Coahuila, on the Mexico-USA border (Figure 4.1). This was planned to be the first oil 

shale related play in Mexico and differs from the classical Burgos reservoirs because of 

its unconventional characteristics. 
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Figure 4.1. Montanes-1 well, Sabinas Basin, Mexico 

The production on this Mesozoic formation is based in the Emergente field and is 

the gas type representative of the cretaceous Eagle Ford Shale with depths that vary from 

2500-3000m. A great deal of effort and studies on seismic processing and seismic 

analysis are currently underway to understand the sweet spot variability in this shale play. 

Montanes-1, drilled in 2011, is located northwest of Emergente field; it was drilled in the 

oil window side of the Eagle Ford Shale trend and was expected to have similar 

production results analogous to cousin wells in the USA side of the border. In the 

Emergente field, the Eagle Ford is shallower with depths varying from 1300-1600m. The 

azimuth of the horizontal part of the well was based on the regional stresses from a world 

stress map (WSM) in the area together with the analysis made on the vertical part of the 

well using primary dip meter information. The maximum horizontal stress is highly 

related to the expected growth of the hydraulic fractures and is the core of the pre-drilling 

analysis for the azimuth of the horizontal part to the well. The mapped fractures from the 
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microseismic and the analysis of fast shear velocity related to the strike of the fractures 

obtained independently from the anisotropic processing of the sonic scanner and the VSP 

will give the answer of why this well in the study was dry. 

 

Maximum horizontal stress from published data 

In the exploration of shale oil/gas, a common standard practice in the industry to 

decide the azimuth of the horizontal well without any prior subsurface information is the 

use of published data from the WSM project. As is mentioned in their website, the WSM 

is the global compilation of information on the present-day stress field of the Earth’s 

crust with 21,750 stress data records in its current WSM database release in 2008. It is a 

collaborative project between academia, industry, and government intended to 

characterize the stress patterns and to understand the stress sources. The WSM gives 

information on the maximum horizontal stress from well bore breakouts, drilling-induced 

fractures, and in-situ stress measurements. From the world stress map, the maximum 

horizontal stress in Montanes-1 was 24° giving a computed azimuth of the expected 

horizontal with an azimuth of 115° (Figure 4.2). 
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Figure 4.2. World stress map and location of the microseismic survey 

A 2D seismic survey available in the area was used to generate the seismic 

interpretation of the normal faults that show a north-south strike. According to the 

Anderson scheme (Zoback, 2010), this normal steeply dipping characteristic is an 

indication of the strike of the maximum horizontal stress regime around 167° that 

contrast the previous WMS data (Figure 4.3). 

Smax=
24deg 
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Figure 4.3. Fault interpretation from 2D seismic lines at Montanes-1 using E. M. 

Anderson’s classification scheme for relative stress magnitudes in normal faulting 

regions 

This interpretation of the Smax based on the faults inferred from seismic can be 

misleading because of the variable possible difference between the current direction of 

maximum horizontal stress and strike of inactive normal faults in the region was proved 

by Zoback in another Pemex field, the Arcabuz-Culebra at Burgos Basin is located 

approximately 250 km SE of Montanes-1 in which the current direction of maximum 

horizontal stress is at an oblique angle to the predominant trend of normal faults in the 

region and where following depletion in the area, the direction of maximum horizontal 

stress appears to follow the local strike of the faults in the region (Zoback, 2010). 

2km

Data: Normal faults from 2D surface data

The relative magnitudes of in situ stresses are 

discussed in terms of E. M. Anderson’s simple, 

but powerful, classification scheme (Anderson 

1951) based on the style of faulting that would be

induced by a given stress state, (Zoback, 2010).

(Zoback, 2010)
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Microseismic 

In 2011, Pemex instructed COMESA and Microseismic Inc. to conduct its first 

surface microseismic survey at Montanes-1 well to monitor the hydraulic fracture 

network. The custom array enclosed 18 square kilometers in 10 radial arms covering 360° 

azimuth, centered on the well pad. Nine hundred ninety-eight channels (12 geophones 

each), spaced at 20 m, provided high fold microseismic data for analysis. 

In the microseismic survey, a large array of geophones was deployed on the 

earth’s surface directly overlying the reservoir of interest. The objective was to record 

seismic energy emitted during hydraulic fracture stimulation and use that information to 

assess the quality of the stimulation and interpret related features in the stimulated area. 

With this information, we can be learned about the effectiveness of the fracturing and the 

maximum horizontal stress azimuth by mapping the spatial and temporal location of the 

points of seismic energy emission in a reservoir. The final product of processing data 

from a FracStar® array is a four-dimensional model of events that occur during 

stimulation (Figure 4.4). 
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Figure 4.4. Surface microseismic at Montanes-1 with the 10 receiver lines in red, the 

longest line (line 7) is parallel to the Horizontal well.   

From the microseismic survey, the primary trend of the microseismic events 

showed a 45° azimuth for the maximum horizontal stress. A secondary east-west event 

trend was also observed, with dip-slip failure, striking at 90°. Microseismic events 

extended into adjacent stages, suggesting fracture communication. Fracture growth from 

toe to heel varied from linear to complex. Stages close to the toe (i.e., stages 4, 5, and 6) 

showed linear fracture growth compared to stage 9, 10, and 11. Later stages also 

exhibited poor zonal isolation. Higher levels of microseismic activity occurred west of 

the wellbore suggesting lateral variation within the reservoir. The sparse microseismic 

activity in the middle of the well (i.e., stages 6 through 8) coincided with areas that were 

less brittle (Figure 4.5). 
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An initial velocity of 3657 m/s was assumed based on analogy from information 

from surveys in the USA at similar target depths. The initial velocity was scaled up 17% 

to image the perforation shots at their known locations and maximize stacked energy. 

Sixty-four of 74 perforations were imaged. Positional error from the perforation shot 

calibrations was calculated to be 15 m in X and Y and 19 m in Z. Source mechanisms or 

focal mechanisms are determined by picking P-wave arrivals and noting the polarity 

(Figure 4.6). When focal mechanisms show coupled motion, the phase pattern at the 

surface can be used to fine tune event location. Grid search is performed over the space 

of three fault parameters of strike, dip, and slip to compute synthetic amplitudes, and 

compare with the observations (Microseismic Inc.). 

 

 
Figure 4.5. Microseismic events 

Note: Events colored by stage and sized by energy (compressed dynamic range) 

Smax
=45d
eg 
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Figure 4.6. Polarity change detection for focal mechanism identification. 

 

Figure 4.7. Fracture events showing polarity changes to identified focal mechanism (top) 

and map view such changes (bottom) to compute the final strike of the fracture. 
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VSP processing for shear wave splitting 

VSP has been widely used in the industry primarily for time-depth calibration of 

surface seismic. The VSP survey consists of placing a receiver down the borehole and 

sending acoustic energy down to the receiver from a surface source. The first break time 

of the initial arriving energy was chosen, and the time depth data was used to calculate 

seismic propagation velocities and, ultimately, interval velocities between the receivers or 

depth levels (Hinds, 2001). Knowing the interval velocities down the borehole, a sonic 

log can be calibrated to tie the seismic data using the check shot data derived from the 

VSP. The importance of having an accurate velocity model is exposed by the advent of 

prestack depth migration, which is highly sensitive to the accuracy of the velocity field. 

As a result, the incorporation of anisotropic models with a vertical transverse isotropic 

(VTI) and horizontal transverse isotropic (HTI) axis of symmetry have become 

practically standard in prestack imaging projects all over the world. A zero offset 3C VSP 

was acquired in the Montanes-1 location by Schlumberger to obtain primary velocity 

control and calibrate seismic well tie in the area. Because of its multicomponent 

properties, the VSP can also be used to obtain information about the maximum horizontal 

stress by measuring the shear wave splitting effect (Macbeth, 2002). Shear-wave splitting 

is a frequently used tool to measure and describe anisotropy of shales assuming that the 

primary source of anisotropy is the order in which the minerals are aligned in a simple 

manner. Because of the scale of the order, shale anisotropy results from strain-induced 

preferred orientation of minerals, mainly the clay minerals (Chesnokov, 2011). The 

splitting measurements characterize the orientation of strain fields allowing us to study 

the structural geology of the shale in some scale around the well. 
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The VSP was preprocessing at the University of Houston to separate the vertical 

Z and horizontal components H1 and H1. The first break on the vertical component was 

chosen to infer the P-velocity needed to identify the source energy and rotate the 

horizontal components in such direction. 

 

Figure 4.8. Raw VSP at Montanes-1 

The most important step in the shear-wave analysis is to use the conditioning 

procedures to identify a shear-wave, which can be chosen and then presented to the 

anisotropic analysis algorithm. This cross-correlation algorithm, used in the commercial 

software RokDoc, takes the shear-wave pick together with the radial and transverse 

components, and rotates these components through a range of angles, and simultaneously, 

through a range of time delays, to find the best rotation angle and time delay that fits the 

transverse component to the radial component within the given time gate. The cross-

correlation method technique previously used for shear wave splitting, works pretty well 

EAGLE 
FORD 
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and is very common in the industry packages, but comparison with other methods for 

shear-wave splitting analysis such as minimization of covariance matrix eigenvalues and 

minimizing energy on the transverse component (Vecsey et al., 2008) showed that there 

is a good area of opportunity of improvement on the shear wave splitting technique, 

especially on the evaluation of splitting parameters to ensure reliable solutions even for 

medium- or low-quality shear waveforms recorded frequently during temporary field 

measurements, as in in our case where we have limitations on offset aperture. 

 

Figure 4.9. Final conditioned VSP 

From the VSP anisotropic analysis we obtained the final angle of fast shear 

velocity that showed a clear a regular EW alignment around 92°, as is presented in the 

rose diagram (Figure 4.10). 
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Figure 4.10. Maximum Horizontal Stress from VSP 

A comparison between the raw data is presented in Figure 4.11 where a surface 

microseismic (a), VSP (b) and shot gather from the 2D seismic at borehole location (c) 

are displayed to without any preprocessing. 

 

Figure 4.11. Snaps of raw surface microseismic (a), 2D seismic lines (b) and VSP 

vertical component 

For the amplitude spectrum comparison (Figure 4.12), the correspondent 

amplitude spectrums where normalized. VSP and 2D seismic naturally seem to have 

almost the same shape at their overlap frequency band because both were generated by 

the Vibro source. Interestingly, for the surface microseismic, even that it was generated 

a) 

b) 

c) 

Smax=92deg 
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from the hydraulic fractures a clear match is also present at some range, especially from 

50-90 Hz. 

 
Figure 4.12. Amplitude spectrum for the raw VSP (Red), Surface microseismic (Blue) 

and VSP (black).  

Note: All correlate even without any preprocessing (zoom at the top right) 

Sonic scanner and image log OBMI 

Similar to the VSP, shear wave splitting can also be measure at the borehole to 

investigate in-situ stress (Sinha et al., 2000). The sonic scanner measures the formation 

axially, azimuthally, and radially to deliver a fully 3D acoustic characterization that 

addresses both intrinsic and stress-induced anisotropy. Multiple monopole and dipole 

transmitters produce compressional, shear, and Stoneley waveforms for advanced 

processing of slowness values. If the anisotropy were caused by fractures, flexural waves 

split in the orthogonal borehole axial planes that are perpendicular and parallel to the 

strike of fractures, with a faster shear traveling parallel to the strike of dominant fractures. 

Flexural dispersion curves are extracted from rotating fast and slow dipole waveforms 

over the entire measured frequency range. Differences in low frequency asymptotes of 

the fast and slow dispersion are indicators of shear velocity anisotropy (Syed et al., 
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2011). From the anisotropic analysis made at the target interval, it was found that to be 

the direction fast shear velocity also had an EW trend similar to the VSP analysis, but 

tilted in the opposite direction. 

  

Figure 4.13. From sonic scanner anisotropic analysis 

The sonic scanner measurements were complemented with another Schlumberger 

tool called an oil-base microimager (OBMI) that makes it possible to conduct 

microresistivity imaging in oil-base, nonconductive, and invert-emulsion mud systems. 

On the OBMI images, it is possible to see structural, stratigraphy, and anisotropic 

features as small as 0.4 in [1 cm], giving high-resolution azimuthal information. This 

image capture and resolution are not possible with conventional logging techniques 

(SLB, documentation). 

The structural dips from the OMBI indicate 0° dip angle for the layers in the 

Eagle Ford Shale in the east-west direction. Natural fractures and induced stress fractures 

were also found with some strikes at 90° and others at an oblique angle around 45°. 

Smax=87deg 
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Figure 4.14. OBMI with structural dip and natural fractures. 

Note: In the interval where the horizontal was planned there are no induced or natural 

fractures 

Integrating all of the azimuths given by all of the physical measurements, we have 

that the image logs support the microseismic data given a clear indication that the fracture 

network generated by the induced stress from the hydraulic job is having a 40° azimuth 

corresponding with the in-situ maximum horizontal stress generated by the horizontal 

borehole. The VSP and sonic scanner fast shear velocity seems to be honoring the 

intrinsic anisotropy generated by the order of the clay minerals and supported by the 

direction of deposition of the sediments east-west. The inactive normal faults mapped 

from the 2D seismic seems to have an oblique angle in the borehole location but as seen 

in Figure 3, and the support from microseismic and image logs, seems to have a strong 

north-south component. The dry conditions of the Montanes-1 well together with the 

height productive results from his predecessor Emergente-1 in the gas window drilled 

with a north-south azimuth, seems to probe that the intrinsic anisotropy is important in 

Smax = 0 − 45° 

Smax = 0 − 75° 

Interval 

without 
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obtaining useful results of future horizontal borehole azimuth computations in the Eagle 

Ford shale (Figure 4.15). 

 

Figure 4.15. Summary of all the azimuths from different physical measurements inferred 

from the data available at Montanes-1 

Conclusions 

The cross-validation of data to distinguish intrinsic anisotropy in the Eagle Ford 

Shale caused by the internal order in the shale primarily the clay mineral alignment 

makes the system of symmetry transverse isotropic with axis of symmetry perpendicular 

to the layer in the shales. The deviation in the pilot borehole intersecting such horizontal 

layers cause a split in shear waves that are have to be distinguish from the split caused by 

the natural and induced fractures. 

North 
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Analysis of surface seismic to infer the structural complexity of the inactive faults 

together with VSP to measure shear wave splitting at seismic frequencies, complemented 

with sonic scanner to investigate the splitting at log frequencies and finally the use of 

image logs support the microseismic fracture networks are needed to understand the 

causes of anisotropy. The final azimuth of the horizontal will depend on that distinction 

but still the fracture stages will have to be supported by 3D seismic analysis. All that 

integration can help to process the future surface seismic and be able to obtain fast shear 

velocities that could indicate areas of high anisotropy related with sweet spots for future 

drilling. 
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Chapter 5 VSP processing for anisotropy 

Summary 

The anisotropic constants obtained from the VSP allow us to characterize our 

geologic problem and complement our isotropic models traditionally used in the industry. 

VSP processing for anisotropy depends on the type of data available to study a specific 

type of anisotropy. The type of anisotropy will dictate the efforts made to obtain data that 

finally will produce the desired anisotropic constants that satisfied the symmetry system 

used to characterize a particular geologic problem. In this paper, examples will be 

presented of combinations of multiazimuth and walkaway VSP, 9C VSP, 2C x 2C VSP, 

and offset VSP with cross well data to show the latest approach for anisotropic seismic 

inversion. 

Introduction 

A great historic review of the VSP technique and it development can be found in 

Hardage (2000). VPS is widely used in the industry primarily for time depth calibration 

of surface seismic data. The VSP survey consists of placing a receiver down the borehole 

and sending acoustic energy down to the receiver from a surface source. The first-break 

time of the initial arriving energy is chosen, and the time depth data are used to calculate 

seismic propagation velocities and, ultimately, interval velocities between the receivers or 

depth levels. Knowing the interval velocities down the borehole, a sonic log can be 

calibrated to tie the seismic data using the check shot data derived from the VSP. The 

importance of having an accurate velocity model is present by the use of prestack depth 

migration, which is very sensitive and dependent on the accuracy of the velocity field. As 

a result, the incorporation of anisotropic models with a vertical transverse isotropic (VTI) 
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and horizontal transverse isotropic (HTI) axis of symmetry have become a standard in 

prestack depth and time migration projects all over the world (Hinds, 2001). 

In addition, anisotropic algorithms produce markedly improved images of subsets 

exploration targets in the Gulf of Mexico, and unconventional shale reservoir 

characterization.  

Theory 

There are two main types of anisotropic symmetry frameworks that are possible to 

study using VSP: VTI and HIT. VTI is the one that we have naturally because of the 

layering of the rock; velocities depend on the angle with the vertical axis, Although the 

stiffness coefficients cij are convenient to use as equations for full anisotropy description, 

Thomsen (1986) showed that, for weakly anisotropic materials, the velocities can be 

written as follows, where ε, δ, and γ are called Thomsen’s parameters. 

First-break P-wave times chosen from VSP data reflect the influence of effective 

anisotropy between the earth’s surface, where the seismic sources are located, and the 

geophone’s depth. Because of its nature of acquisition in depth and time simultaneously, 

P-wave and S-wave walkaway VSP data or a combination of surface reflection for 

laterally homogeneous VTI media yield the effective Thomsen parameters (Tsvankin, 

2010). 

HTI, or azimuthally anisotropy, is found on sedimentary rocks containing several 

sets of vertical fractures that may be approximated as having monoclinic symmetry with 

symmetry plane parallel to the bedding plane. Natural and induced fractures in reservoirs 

are very important and play an important role in determining fluid flow during hydraulic 

fracture and production. The orientation and density of fractures are, therefore, of high 
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interest. Rocks possessing an anisotropic framework and a preferred orientation of 

fractures present both VTI and azimuthal anisotropy (Sayers et al., 1997). 

Examples of VSP processing for anisotropy 

Multiazimuthal marine VSP survey acquired over a shallow carbonate reservoir 

(Figure 5.1) is presented in Leanery (1999) as an example of how the evidence of 

fractures indicate a preferred flow direction. 

An example of nine component VSP is presented in Lynn (1999) where reflection 

P- and S-wave data were used in the investigation to determine the relative merits and 

strengths of these two data sets to characterize a naturally fractured gas reservoir in the 

tertiary Upper Green River formation in the naturally fractured gas reservoir, Bluebell-

Altamont field, Utah. In their work, time delay between shear wave s1 and s2 were 

plotted vs depth to quantify the amount of azimuthally anisotropy with depth (Figure 

5.2). 
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Figure 5.1. Schematic of a multiazimuth walkaway survey over a fractured reservoir 

(Leaney et al., 1999) 

Multicomponent multiazimuth walkaway VSP data have been using to invert the 

anisotropic parameters and obtain the stiffness tensor c (Dewagan & Grencha, 2003). In 

their article, the stiffness tensor of a triclinic model was estimated by fitting both the 

polarization and slowness vectors of the P- and two split S-waves. It was also showed by 

them that the stiffnesses are close to those describing an azimuthally rotated 

orthorhombic model. The orientation of its symmetry planes fits a number of independent 

observations and seems to relate to the subsurface stresses. The method was to apply a 

multiazimuth, multicomponent VSP data set acquired in a vacuum field in New Mexico, 

and show that the medium at the receiver level can be approximated by an azimuthally 

rotated orthorhombic model. 
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Offset VSP and crosshole seismic was used by Winstertein (1990), where data 

made possible accurate characterization of the elastic properties, including noticeable 

velocity anisotropy of a near-surface late tertiary shale formation. Shear wave splitting 

was obvious in both crosshole and VSP data. The starting assumption was that the shale 

was transversely isotropic (TI) with a vertical symmetry axis. Based on this assumption, 

C33 was obtained from vertically traveling P waves in VSP data, Cll, C44, and C66 from 

horizontally traveling P-wave and S-wave crosshole arrivals, and Cl3 from fitting no 

horizontally traveling crosshole arrivals. 

 
Figure 5.2. Shear wave splitting with depth (Lynn, 1999) 

Calculation of weak anisotropy using Thomson’s parameters VTI media 

Thomsen (1986) showed that for weakly anisotropic materials the velocities can 

be written as follows: 
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  2sin1)0()(  o

SHSH VV  

Where Vp(0) is the velocity of the rock in the vertical angle or the one read by the sonic 

log in a vertical well and the constants ε, δ, and γ were previously defined. Using 

Thompsons’s parameters ε = 0.1, δ = 0.2, Vp(0) = 2500m/s and Vsv = 1000m/s, we can 

see the effect on Vp and Vsv with the angle from 0° to 90° from the vertical (Figure 5.3). 

 

Angle Vp Vsv 

0 2500 1000 

10 2507.766 1017.278 

20 2532.665 1064.559 

30 2578.125 1117.188 

40 2645.973 1151.538 

50 2732.797 1151.538 

60 2828.125 1117.188 

70 2915.688 1064.559 

80 2977.612 1018.278 

90 3000 1000 

Table 5.1 Vp and Vsv as function of angle using epsilon = .1 and alpha = .2 

 
Figure 5.3. Alpha = .1 and Epsilon = 0.2 

Considering a model of a VPS offset zero in a VTI system (Figure 5.4) with only 

direct arrivals to compare the change in travel times for an anisotropic first layer using an 

angle of 40° with a value of epsilon = .2 and alpha = .1, we have that the first arrivals 

remain almost the same Vp but they are different in the Vsv as seen in Figure 5.4. 

Angle [deg]

V
el

o
ci

ty
 [m

/s
]



 

100  

 

Figure 5.4. VSP modeling for anisotropy calculation of direct arrivals only. The travel 

times for such a model in the isotropic media were computed in the following table 

 

Depth tp ts Vp Vsv 

0 0 0 2500 1000 

500 0.2 0.5 2500 1000 

1000 0.4 1 2500 1000 

1500 0.533333 1.25 3750 2000 

200 0.66667 1.5 3750 2000 

2500 0.8 1.75 3750 2000 

Table 5.2 Travel times for isotropic model. 

For an angle of 40° with alpha = .1 and Epsilon = .2 for the first layer we have in  

Depth tp ts Vp Vsv 

0 0 0 2545.97 1151.538 

500 0.196389 0.434202 2545.97 1151.538 

1000 0.392778 0.868404 2545.97 1151.538 

1500 0.526111 1.118404 3750 2000 

2000 0.659444 1.368404 3750 2000 

2500 0.792778 1.618404 3750 2000 

Table 5.3 Epsilon = .2 and Alpha = .1 

Vp1 (0)=2500m/s
S1 (0)=1000

Vp2=3750m/s
S12=2000m/s

0m

500m

1000m

1500m

2000m

2500m

VSP Isotropic VSP Anisotropic

Vp2=3750m/s
S12=2000m/s

0m

500m

1000m

1500m

2000m

2500m

Alpha=0.1
Epsilon=.2
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Finally, plotting together the isotropic and anisotropic media (Figure 5.5), we can 

appreciate that, in this model, the travel time changes in the P-wave and the S-wave 

increased, but the effect on the travel time are more noticeable on the shear arrivals. 

 

Figure 5.5. VSP direct arrivals from model with and without anisotropy for the first layer 

The parameter ε is close to the fractional difference between the P-wave velocities 

in the directions perpendicular and parallel to the symmetry axis, so it defines what is 

often simplistically called the P-wave anisotropy. Likewise, γ represents the same 

measure for SH-waves. While the definition of δ seems less transparent, this parameter 

also has a clear meaning—it governs the P-wave velocity variation away from the 

symmetry axis and also influences the SV-wave velocity (Tsvankin et al., 2010). 
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Conclusions 

VSP processing for anisotropy presented here is based on the coverage made by 

the type of VSP. Different attempts have been made over the years to simplify the 

anisotropic problem, but the actual technology allows us to make assumptions that are 

more complicated and integrate such anisotropic constants into our workflow to reduce 

the risk in exploration and production approaching the actual geologic problem. 
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Chapter 6 Migration of VSP data: Eagle Ford Shale, Mexico. 

 

Summary 

VSP migration and modeling from a real scenario depend on the type of VSP 

acquisition available to study a particular type of problem. In this paper, a workflow 

developed to model, process, and migrate an offset VSP in the Eagle Ford shale 

formation in Mexico will be presented. The workflow is based on the modeling software 

OMNI3D to create the synthetic VSP data, the processing software VISTA to process the 

up going wave field and, finally, Matlab to depth migrate the final offset VSP-CDP using 

CREWES’s split-step Fourier depth migration. 

Introduction 

The Emergente field is located in northeast Mexico in the state of Coahuila 

(Figure 6.1). It is the first hydrocarbon shale related play in Mexico and differs from the 

classical Burgos reservoirs because of its unconventional characteristics. 
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Figure 6.1. Emergente field, Mexico 

The production of the Mesozoic formation in the Emergente field is representative 

of the cretaceous Eagle Ford Shale with depths that vary from 2500-3000m. A great deal 

of effort and research into seismic processing and seismic inversion are currently 

underway to understand the variability in the most prospective area in this 

unconventional reservoir. 

Emergente-1 drilled in 2010 without proper time depth control and sonic log base 

synthetic together with 2D seismic tie correlation was the only way to create the depth 

time control. 

The present work will use the interval velocity from the original vertical borehole, 

the horizons chosen on the time 3D seismic volume and the deviation from the horizontal 

well drilled on Emergente to build a 2D model. The model will simulate acquisition made 
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by the zero offset and the offset VSP with the receivers on the vertical and the horizontal 

borehole. 

The synthetic generated VSP data from the vertical and the deviated well will be 

processed to obtain the final migrated image from our model. 

Methods 

The first step on the process is to obtain the required interval velocities that will 

be used in the numerical model. The input data (Figure 6.2) were: 

 sonic well log data (Vp, Vs and density); 

 horizons chosen on key formations; and 

 borehole deviation. 

The horizons were chosen in time on the 3D seismic sections and transformed to depth 

using the adjusted integrated travel time curve previously obtained in the interpretation. 

 
Figure 6.2. Emergente-1 on Eagle Ford shale formation 

Using OMNI3D from Gedco, it is possible to load the horizons in UTM 

coordinates to define the initial survey area to define the model. The 2D ray tracing 
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module was used to create the final model with the vertical and horizontal well (Figure 

6.3). 

 

Figure 6.3. 2D Model framework at Emergente-1 

The layers formed by the horizons require the elastic properties to be able to 

generate the rays traveling from the surface to the reflectors and the receivers in the 

horizontal and vertical well. 

The values for each layer were obtained from the well log data and the average at 

each formation to represent the actual geologic framework. 

Name P-Velocity S-Velocity Rho Q 

Datum 3350.0 1904.1 2.470 100.000 

E_wilcox 3731.0 2867.8 2.390 100.000 

P_midway 3252.0 2500.0 2.540 100.000 

k_escondido 4516.0 2436.0 2.600 100.000 

k_olmos 4100.0 2338.0 2.500 100.000 

k_san_miguel 3413.0 1696.0 2.560 100.000 

k_upson 3608.0 2000.0 2.560 100.000 

k_austin 4799.0 2582.0 2.630 100.000 

k_eagle 5044.0 2751.0 2.600 100.000 

k_buda 4158.0 2360.0 2.470 100.000 

Table 6.1 Vp, Vs, and density used on Emergente-1 

The ray tracing method is very straight forward allowing generating rays from any 

offset and simultaneously generating the surface seismic and the VSP profile. 
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Figure 6.4. Ray tracing with a single source at 1500m. VSP travel times display on the 

vertical borehole (right panel) and surface seismic shot gather (bottom panel). 

Once the model has been created with the layers and deviation, one can easily 

generate the ray tracing response for each desired offset and geometry. In our study case, 

the zero offset VSP, and two offset VSP were created in the horizontal and the vertical 

boreholes. 

VSP

Surface
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                      Zero offset                          1500m                                3000m 

Figure 6.5. Vertical VSP travel times at each reflector with different offset. 

For the horizontal borehole the ray tracing on the 2D model at different offset will be 

Figure 6.6. 

Zero Offset 1500m 3000m



 

109  

 VSP on the horizontal borehole 

 
                             Zero offset                       1500m                    3000m 

Figure 6.6. VSP on the horizontal borehole  

Note: the tale at the end is due because of the curvature in the deviation. 

Finally, the synthetic VSP to process and migrate in SEGY format can be 

generated using the OMNI wavefront analysis toolbox under the 2D ray trace model. This 

is a useful tool to compute finite difference elastic wave equation (EWE) calculations in 

our current model (Figure 6.7). 

Zero Offset 1500m 3000m

VSP on the Horizontal Borehole
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Figure 6.7. Finite-difference elastic-wave generation for waveform analysis. 

For the vertical borehole at different offsets, we have the full waveform synthetics 

(Figure 6.8). 

 VPS on the vertical borehole 

 
                         Zero offset               1500m                  3000m 

Figure 6.8. Full-waveform synthetics on the vertical VSP borehole at different offsets 

using finite difference. 

For the horizontal well the waveforms by finite difference method is Figure 6.9. 

Zero Offset 1500m 3000m

VSP on the Vertical Borehole
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 VPS on the horizontal borehole 

 
                           Zero offset                     1500m                             3000m 

Figure 6.9. Full-waveform synthetics on the horizontal VSP borehole at different offsets 

using finite difference. 

VSP processing 

For the processing and migration of the datasets, VISTA from Gedco was used 

completely. The final migrated VSP requires the data to be sorted into CDP equivalent 

and to be able to achieve such transformation we need first to separate and process the up 

going wave fields previously generated in the modeling step. 

Summarizing the workflow to process the synthetic for the offset VSP with the 

source located at 1500m: 

1. Pick the first breaks on the zero offset VSP (used next to apply NMO on the far 

offset VSP). 

Zero Offset 1500m 3000m

VSP on the Horizontal Borehole
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2. Separation of the up going and down going wave field (based on median filter or 

FK method). 

3. For the FK method chosen here for separation the workflow used was: 

 Pick the first arrival on the offset VSP. 

 Flatten to the first break to a reference datum. 

 Use that reference time to align the events. 

 Take the FFT and apply fan filters. 

 Transform back to time form FK. 

 Undo alignment and transform to TWT −2 x (shifts) − shifts(end). 

 Get the final up going wave fields. 
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Figure 6.10. First break picks on the zero offset VSP (Top) and the corresponding VSP-

derived interval RMS and interval velocity (bottom). 
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Figure 6.11. Synthetic offset VSP on Emergente-1 for processing 

The modified VISTA workflow using the FK method was adapted for our case (Figure 

6.12). 

 
Figure 6.12. Adapted from VISTA’s Flow D_Far_Up going separation (VSP Far Offset 

demo) to up going P-wave data from vertical component to output Zup 

(1)

(1)

(2)

(3) (4)

(5)

(6)
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Figure 6.13. Offset VSP after alignment to the first break (called flattening in VISTA) 

 
Figure 6.14. Fan filter on FK domain 

(2)

(3)
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Figure 6.15. Aligned VSP after FK filter 

 
Figure 6.16. Aligned VSP after subtraction with enhanced events 

(4)

(5)
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Figure 6.17. VSP with only up going wave field after removing the flatten form first 

break times. 

The next step is based on transforming the VSP into the equivalent CDP coverage 

using a modified version of the demo flow G_Far_VSP_Process_Out_to_VSPCdp.flw, 

basically flattening again and applying NMO using the near velocity chosen on the zero 

offset VSP. 

After additional FK fan filter subtraction (Figure 6.19) for the remaining events 

and then TWT travel time shift added to each trace and the final VSP-CDP, mapping is 

generated (Figure 6.21). 

(6)
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Figure 6.18. Workflow to create the VSP-CDP mapping using a modified version from 

VISTA’s flow G_Far_VSP_Process_Out_to_VSPCdp.flw (VSP Far Offset demo) 

 
Figure 6.19. Additional FK to remove additional events 
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(2)

(3)

(4)

(2)
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Figure 6.20. VSP after TWT travel time added to each trace 

 
Figure 6.21. Final VSP-CDP mapping used for migration 

VSP migration 

VSP migration is based on the velocity model building. To obtain the velocity 

model, a 1D near offset velocity function is extrapolated into 2D space. Usually, the 

model begins as a flat layer model. Layer dips or structure can be adjusted as determined 

from surface seismic. In our case, the velocity profile was derived from first break times, 

and different attempts were made to use the depth migration module for VSP inside 

(3)

(4)



 

120  

VISTA. Unfortunately, the module was not successfully used to generate the migration 

for this project because of the complexity of the toolbox and was not used here. To tackle 

this problem, it was easy to adjust the velocity model into the seismic using Matlab. The 

use of the interpolated interval velocity from sonic log was implemented better (Figure 

6.22). 

 

Figure 6.22. Matlab V(z) model used for depth migration 

In real VSP cases, after the amplitude is corrected by deconvolution and after the 

velocity model is completed, the next procedure is to migrate. In this synthetic case, the 

deconvolution workflow was not applied because of its ideal characteristics. VSPs are 

recorded with geophones in the well borehole at known depths and fixed intervals. Thus, 

VSP migration is commonly made depth migration (Kudmizki et al., 2009). The most 

common algorithms used in the industry are Kirchhoff, reverse time, and wave-equation 

migration. 
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For our case, the Matlab function splitstepf_mig.m from CREWES was used to 

perform the split-step Fourier depth migration that performs a migration by Fourier phase 

shift through a v(z) medium. 

Split-step f-k migration is a poststack depth migration method introduced by 

Stoffa in 1990. The method is implemented in both the frequency-wave number and 

frequency-space domains. In its process, it applies two phase shifts; the first phase shift is 

the same used in the phase shift method for constant velocity migration and the second 

phase shift acts as a correction term provided a time shift based on the difference between 

the actual and the reference slowness at each spatial position or depth (Stoffa et al., 

1990). 

 
Figure 6.23. Final depth migrated VSP-CDP data from the offset VSP at Emergente-1 

with source located at 1500m 
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Conclusions 

The current state of the art in numerical modeling and processing allow us to 

make different configurations to analyze diverse problems. The models could be as 

complex as real industry problems including structural complexity, anisotropy, and lateral 

varying changes. Modeling is necessary to design the correct target illumination and to 

understand previously acquired data limits. 

Processing and migration can also be implemented to derive and verify that we 

are capable of obtaining back the original constraints that we use to build the synthetic 

model. 

. 
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Chapter 7 VSP processing: Case history, Nejo Field, Burgos Basin Mexico 

Summary 

In this chapter, a comparison of the classical methods to process the 

multicomponent VSP data from the Nejo field at Burgos Basin, Mexico will be 

presented. The methods used were based in Dr. Stewart’s multicomponent class for the 

fall 2011 coded and implemented completely in Matlab to create a new application that I 

called PemexVSP and compared against commercial package VISTA and the processing 

product from Halliburton in the same well of study. Aside from the traditional input data, 

the application uses the aligned or flattened data referenced to the input trace and the 

rotation is based on the maximum energy method. 

Introduction 

A great historic review of VSP technique and its development can be found in 

Hardage (2000). VPS is widely used in the industry primarily for time depth calibration 

of surface seismic. 

Nejo field is located in the southeast part of the Burgos Basin located in northeast 

Mexico in the state of Tamaulipas (Figure 7.1). Nejo field is different from the classical 

Burgos reservoirs because of its high condensate rates not usually presented in the basin. 

 
Figure 7.1. Nejo field, Burgos Basin, Mexico 
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The production of the tertiary tight sands in Nejo field are representatives of the 

Oligocene Frio Marino with depths that vary from 2000-2500m. A number of effort and 

studies with AVO and seismic inversion are currently underway to understand why the 

sweet spot is unique in the basin and mainly to search for its analogies (Zavala, 2008). 

The time depth control with VSP data acquired by Pemex is highly distributed in 

the field with five VSPs taken over the years. For this project, I made different attempts 

to use them all but I discovered that there was not a standard in header words and 

common sorting formats between them that could make the study feasible. I found out 

that Pemex has no SEGY standard formats for VSPs, contrary to the current surface 

seismic projects. Nejo 1001 was the only one with header words and components 

manageable for me to use and analyze. 

The program PemexVSP will not work if the index traces are not labeled properly 

using the right side rule for the components as the secondary key and the receiver depth 

as the primary key in the SEGY file. 

The 3C zero offset VSP used in this project data comes from Nejo1001 drilled 

and completed in 2004 by Pemex and Halliburton. The source was located 63m to the NS 

of the wellhead and the receiver spacing from 800-1600 m was; 200 m and for 1780-4660 

m was 20 m (Figure 7.2). The vibroseis source was a Y-2400, pick force 50,000 lb. with a 

linear sweep up from 8-80 Hz, 12 s length sampled at 1 ms. 

Method 

The techniques to process VSP vary between current industry vendors. They all 

offer reliable products to the interpreter but because of the practice and the need to have 
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products quickly, it is difficult to enjoy the beauty of processing and interpret the unique 

tool for geophysics that is recorded simultaneously in time and depth. 

 

Figure 7.2. Nejo 1001 acquisition geometry and completion diagram 

The traditional method, involving picking the first break, has been used to process 

VSP data. An entire series of processing panels can be generated for (see Hinds et al., 

1996): 

• zero-offset VSP wave field separation; 

• zero-offset VSP deconvolution; 
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• zero-offset VSP corridor stacks (both deconvolved and nondeconvolved data); 

• far-offset constant angle polarization; 

• far-offset time variant polarization; and 

• far-offset VSPCDP/migration. 

Here, Matlab code and public domain subroutines were used to read, display, and 

manipulate SEGY files, especially the codes from Seislab at Matlab’s file exchange 

website written by E. Rietsch. Also very important, great processing subroutines were 

used from the CREWES consortia to obtain the FX transformations. 

The alignment tool used to flatten the data to the primary event was used in the 

entire program because of its practical and useful manipulation. The function aligns 

(flattens) a user-specified event on seismic traces. The shifts required for alignment, as 

well as the correlation coefficient, can be stored in headers. The method is based in a 

series of shifts between traces to find the maximum correlation in the entire trace similar 

to what is made in AVO or inversion to align prestack data and attain aligned events. 

A picking function option was also implemented to pick the first breaks and 

obtain a velocity profile. 

 
Figure 7.3. First break picking 
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The workflow for all of the cases presented in the next paragraphs has a common 

input starting with the raw unsorted VSP data: 

1. Sort by component (Z, h1 and h2). 

2. Stack over common depth. 

3. Remove noisy traces: Normalizing RMS 

For the media filter workflow using the alignment tool was: 

1. Apply the alignment to Z component using a reference trace. 

2. Normalize Z aligned. 

3. Apply the media filter. 

4. Subtract the media filter from Z aligned. 

5. Undo alignment and transform to TWT −2 x (shifts) − shifts(end). 

6. Mute on TWT Z component using Matlab RoyPoly tool to generate a mask. 

7. Stack over muted TWT Z component. 

8. First break picking for velocity estimation. 

 
Figure 7.4. Vertical component 
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A different test was made with the function Medfilt2 before subtraction to remove 

the down going wave field and finally the length of 10 was used. The Matlab function 

can handle the filter in two dimensions, but only the filter in the depth direction was used 

in PemexVSP here (Figure 7.5). 

 
Figure 7.5. Down going wave field. 

Normalizing the traces was needed in order to remove and preserve the reflections 

before applying the media filter. Apparently, the differences in scale between traces make 

it difficult for the filter to remove the up going wave field (Figure 7.15). 
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Figure 7.6. One-way up going wave field 

Using the original aligned shift times, it is possible to undo the process and put it 

all back in TWT final form (Figure 7.7). 

 
Figure 7.7. TWT up going wave field 

Finally, the corridor stack was designed by generating an inside mute in the 

previous TWT Z component using the Matlab’s poyroi capability on the seismic traces to 

obtain a mask and obtain the final muted matrix to stack (Figure 7.8). 
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Figure 7.8. Inside mute by the Matlab roi tool 

The final stack trace is capable of being used with surface seismic in conjunction 

with the time-depth table derived from the picking step (Figure 7.9). 

 
Figure 7.9. Final stack 

The FK filter method was used in the datasets with and without the alignment. 
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A comparison of media filter and Fk with and without alignment can been see in Figure 

7.10. 

 
Figure 7.10. Comparison between media filter and Fk with and without alignment. 

Rotation of H1 and H2 

The rotation of components H1 and H2 is normally applied by the polarization 

method where the first set of polarizations were examined using interpretive processing 

pertaining to the “rotating” of the P and SV data of the two horizontal channels into the 

plane of the well and the source. This is done by analyzing a window of data around the 
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first break. The data from the X and Y channels are plotted onto a hodogram diagram. 

The hodogram analysis generates an azimuth angle that relates the angle between the Y-

axis and the plane of the source and well (Hinds et al., 2001). 

In the energy method (Mari and Coppens, 2003) for each sensor depth, within a 

time window centered in the down going direct arrival observed in H1 an H2 

components, an azimuthal is derived by representing the energy of the composite trace: 

 ( )                  

This is a function of the angle   that is supposed to represent the rotation angle of 

the sensor. The angle   for which the energy of the composite trace is maximum, 

represents the azimuth of the tool, then the final step is to re-orient the traces using: 

 ( )                  

 ( )                  

In our case, using the flatten shift values for the Z component previously, we 

defined a window to obtain the flattened H1 and H2. 

 

Figure 7.11. Maximum energy with angle in the composite trace 

Component H1 (Figure 7.12) showed traces with low signal/noise ratio below 
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3860m. The H1 component also presented a problem with the traces (Figure 7.13) and as 

reported by Halliburton in their final report, the tool had problems with the high 

temperature gradients presented at such depth. 

 

Figure 7.12. Raw H1 component 

 

Figure 7.13. H2 raw component 

After flattening the components and windowed over the down going event, we obtained 

Figure 7.14. 
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Figure 7.14. H1 and H2 aligned and windowed 

The computed rotations from 0° to 180° and change gradually with depth, in some 

intervals the rotation is gradually increasing, as is seen in Figure 7.15. 

 

Figure 7.15. Rotation angle based on energy criteria 

Finally, the data before and after the energy criteria rotation are shown. 
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Figure 7.16. Rotation effect on H1 and H2 components 

A graphic tool was incorporated to allow the user to measure the velocity using 

two points in the main GUI to allow the graphical display of the calculation. 

 

Figure 7.17. Main PemexVSP window with velocity display. 
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Conclusions 

Using the alignment on the input z component seems to have better results in the 

FK than using the conventional transformation in one-way time. The noise presented in 

Nejo1001 was critical for the media filter to work properly; it seems that with a high 

number of noise traces the length of the filter tends to smear the events. Alternatively, the 

media filter seems to be working better with a different sampling rate in the depths, 

contrary to the FK. 
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Chapter 8 Migration Velocity Analysis Case History: Eagle Ford Shale, Mexico. 

Summary 

Migration velocity analysis (MVA) was applied in the Eagle Ford Shale case from 

Mexico to illustrate the application of the common image gather (CIG) flattening 

principle. A synthetic velocity model was build using real horizons, well log, and 

geometry data from a productive well in Mexico. The full waveform synthetic shot 

gathers were generated using finite difference over the synthetic model to compare the 

use of the migration with different percentages of the original interval velocity. The CIG 

from the final migrated shots illustrates also that the flattening principle is corroborated 

but also illustrates how changes in velocity model building directly affect the frequency 

content of the output shot gathers and the final image. 

Introduction 

Emergente field is located in northeast Mexico in the state of Coahuila (Figure 

8.1). It was the first hydrocarbon shale related play in Mexico and differs from the 

classical Burgos reservoirs because of its unconventional characteristics. 

 

Figure 8.1. Emergente field, Mexico 



 

138  

The production of this upper cretaceous formation in the Emergente field is 

representative of the Turorian Eagle Ford Shale with depths that vary from 2500-3000m. 

A great deal of effort and studies about seismic processing and seismic inversion are 

currently underway to understand the sweet spot variability in this unconventional 

reservoir. 

The present work will use the interval velocity from the original vertical borehole; 

the horizons chosen on the 3D seismic volume, and the deviation from the horizontal well 

drilled on Emergente to build a 2D model. The model will simulate acquisition made by 

the zero offset and the shot gathers with the receivers on the surface. 

The synthetic generated shot gathers data from the surface will be the process to 

obtain the final migrated image from our model. 

Methodology 

The first step on the process is to obtain the required interval velocities that will 

be used in the numerical model. The input data (Figure 8.2) were: 

 sonic well log data (Vp, Vs and density). 

 horizons chosen on key formations; and 

 borehole deviation. 

The horizons were chosen in time on the 3D seismic sections and transformed to 

depth using the adjusted integrated travel time curve previously obtained in the 

interpretation. 
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Figure 8.2. Emergente-1 on Eagle Ford shale formation 

Using OMNI3D from Gedco, it is possible to load the horizons in UTM 

coordinates to define the initial survey area to create the model. The 2D ray tracing 

module was used to create the final model with the vertical and horizontal well (Figure 

8.3). 

 

Figure 8.3. 2D model framework at Emergente-1 
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The layers formed by the horizons require the elastic properties to be able to 

generate the rays traveling from the surface to the reflectors and the receivers in the 

horizontal and vertical well. 

The values for each layer were obtained from the well log data and average at 

each formation to represent the actual geologic framework. 

 

Name P-Velocity S-Velocity Rho Q 

Datum 3355.0 1904.1 2.470 100.000 

E_wilcox 3731.0 2867.8 2.390 100.000 

P_midway 3252.0 2500.0 2.540 100.000 

k_escondido 4516.0 2436.0 2.600 100.000 

k_olmos 4100.0 2338.0 2.500 100.000 

k_san miquel 3413.0 1696.0 2.560 100.000 

k_upson 3608.0 2000.0 2.560 100.000 

k_austin 4799.0 2582.0 2.630 100.000 

k_eagle 5044.0 2751.0 2.600 100.000 

k_buda 4158.0 2360.0 2.470 100.000 

Table 8.1 Vp, Vs and density used on Emergente-1for velocity model building. 

The ray tracing procedure is very straightforward allowing generating rays from 

any offset and generating the surface seismic simultaneously. In the present work, the 

model interval velocity was exported to SEGY file and loaded into Matlab to be able to 

generate the synthetic shot gathers. 
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Figure 8.4. Showing (A) original interval velocity Emergente-1, (B) shot impulse located 

in the middle of the spread, (C) synthetic shot gather generated by finite difference, and 

(D) the wave field propagation that generates the shot at 1.19 sec. 

The entire code used here was readapted from the example derived from Gerard 

Schuster’s book Seismic Interferometry that was also readapted for the large dataset 

webinar from Matlab for Kirchhoff and RTM program called Large Data in MATLAB: A 

Case Study in Seismic Data Processing. These are the files used in the webinar on Feb. 

23, 2011.  

Before the adaptation, the original Matlab program used and adapted for our 

Eagle Ford Shale was called faultModelMigrationRTM.m. The modeled interval velocity 

was replaced by the shale case to illustrate the effect on the CIG because of change in 

velocity percentage. 

For each shot, position travel time was computed using ray tracing on the original 

A) B) 

C) D) 

Amplitude
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model. 

 
Figure 8.5. Travel time velocity from the ray tracing (right) over the input interval 

velocity model (left) for a shot in the middle of the survey. 

Then, a change in velocity of 50% plus or minus was used to recompute the travel 

times and migrate using Kirchhoff at every shot gather to simulate a real case where 

initial velocity is unknown, and several velocity models must be made to study the 

flatness principle in the CIG. The first analysis made over the original velocity field with 

reduction of 50% (Figure 8.6) where velocity = velocity x 0.5, with a defocusing final 

image because of the low velocity used for migration. 

Amplitude
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Figure 8.6. Velocity = Velocity x 0.5, with: A) the original interval velocity in the Eagle 

Fords shale, B) shot gather generated with the original velocity, C) CIG gather from 

Migration of the shot gather with lower velocity that the original, and D) final CIG 

stacking all of the output migrated shots for form the final image. 

The same procedure applied to the same shots but with an increment velocity of 

50% more than the original velocity, velocity = velocity x 1.5 also showed a defocusing 

image not that serious like in the low velocity case but with a clear loss of frequency as 

shown in the class notes of Dr. Hua-Wei Zhou. 

Vels=vel*0.5 
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Figure 8.7. Velocity = velocity x 1.5, with: A) the original interval velocity in the Eagle 

Fords shale, B) shot gather generated with the original velocity, C) CIG gather from 

Migration of the shot gather with higher velocity that the original, and D) final CIG 

staking of all the migrated shots. 

Finally, the procedure applied using the correct velocity from the input interval 

velocity model (Figure 8.8) illustrates that correct velocity applied in the migration of the 

shot gathers will honor the flattening principle of the CIG. The aperture offset needed to 

generate more reliable image can be generated. 

Vels=vel*1.5 
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C) 
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Figure 8.8. Velocity = interval velocity (correct velocity), with: A) the original interval 

velocity in the Eagle Fords shale, B) shot gather generated with the original velocity, C) 

CIG gather from Migration of the shot gather with original velocity, and D) final CIG 

stacking of all the migrated shots. 

Conclusions 

The current state of the art in numerical modeling and processing allow us to 

make different configurations. The models could be as complex as real industry problems 

including structural complexity, anisotropy, and lateral varying changes. Modeling is 

necessary to design the correct target illumination and to understand previous acquired 

data limits. Migration velocity analysis is needed to process and migrate complex targets 

and allocate the velocity model-building step as an essential part of the workflow of 

exploration and production of hydrocarbons.  

Using the original velocity 
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C) 
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